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 On January 7, 2014, the Utilities Board (Board) issued an order commencing 

an inquiry into distributed generation (DG), inviting participants to comment on broad 

general questions related to the benefits and challenges of DG, both for utilities and 

their ratepayers, on policies that should be examined with respect to DG, and to 

identify the technical, financial, regulatory, and safety aspects of DG that participants 

would like to address in this inquiry docket.  Participants were also invited to 

comment on other issues they considered relevant to any discussion regarding DG, 

such as whether there were any technical hurdles to implementing DG.  The Board 

also welcomed any policy recommendations for the Board, other state agencies, or 

the General Assembly to consider.  Comments were received from over 170 

participants, including utilities, utility associations, environmental groups, renewable 

energy advocates, and other organizations, businesses, and individuals. 

Several of the commenters attempted to define DG in various ways.  In order 

to facilitate dialog in this inquiry, the Board and participants should have a common 
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understanding of DG.  For purposes of this inquiry, DG is generation fueled by 

renewable or fossil-fuel sources that is built in order to serve load located at or near 

the generator and capable of delivering power to a utility’s distribution system.   

A brief summary of the initial comments filed in this inquiry is contained in a 

staff memorandum to the Board dated April 18, 2014.  This memorandum can be 

found at the Board’s electronic filing system web site, located at https://efs.iowa.gov.  

Many topics were suggested for further discussion.  Because of the breadth of topics 

identified by participants, the Board will now focus the inquiry on two topics identified 

by a number of participants, net metering (excluding avoided cost issues, which are 

the subject of a separate investigatory docket, Docket No. INU-2014-0001) and 

interconnection of DG, including safety, reliability, and customer awareness.  The 

April 18 staff memorandum contains a history of net metering and interconnection 

standards in Iowa and provides background for further discussion.  After the inquiry’s 

examination of net metering and interconnection is completed, the Board will move to 

other DG-related topics. 

To facilitate consideration of net metering and interconnection, the Board has 

additional questions.  While the questions for net metering and the general questions 

have been grouped according to likely respondents, all participants are invited to 

respond to some or all of the questions.  The following questions relate to net 

metering: 

 

https://efs.iowa.gov/
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Questions for all utility participants: 

1. Various commenters recommended net metering policy changes which 
are listed below.  Discuss the advantages, disadvantages, and the 
regulatory changes necessary to implement each suggested change. 

 
a. Increase the size cap from 500 kW to 2,500 kW or 5,000 kW. 
b. Allow "virtual net metering" where a customer who is not 

personally able to own a DG facility could invest in a DG facility 
and receive a benefit from the energy produced by that facility. 

c. Include combined heat and power (CHP) and waste heat and 
power (WHP) as net metering eligible facilities. 

 d. Allow an annual cash-out of the net metering balance. 
 e. Include aggregate metering for customers who may have more 

than one meter on their premises. 
 

2. How does the utility account for energy "purchased" through net 
metering when reporting fuel type information to the Board, the United 
States Energy Information Administration, the Federal Energy 
Regulatory Commission, and others? 

 
Questions for the rural electric cooperatives (REC) and municipal utility associations: 

 
3. Provide a list of the REC and municipal utilities who currently offer net 

metering.  Also provide the applicable tariff or policy describing the net 
metering option. 

 
4. For the REC and municipal utilities currently offering net metering, how 

do customers learn about the net metering program?  For the REC and 
municipal utilities that do not offer net metering, explain why net 
metering is not offered. 

 
Questions for all participants: 
 

5. Currently Iowa does not offer feed-in tariffs.  Explain why you think 
feed-in tariffs should or should not be implemented in Iowa.  In your 
discussion, address the advantages and disadvantages of both net 
metering and feed-in tariffs. 
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6. Comment on whether you believe the Board has jurisdiction to extend 
the net metering requirement to coops and municipal utilities and if so, 
whether it should exercise such jurisdiction.   

 
7. If you believe that net metering results in cross subsidization of DG 

customers by non-DG customers, how should the net metering rule be 
revised to reduce or eliminate such cross-subsidization? 

 
8. If you believe that net metering does not take into account the benefits 

that DG provides to non-DG customers, how should the net metering 
rule be revised to account for such value? 

 
Questions for electric utility customers: 
 

9. For customers who currently use net metering, provide the following 
information: 

 
 a. Type and size of your DG facility; 
 b. Your electric service provider; and 
 c. Positive and negative experiences with net metering. 

 
10. Provide the advantages and disadvantages of the current net metering 

rules.  Are there specific changes that need to occur to these rules to 
encourage additional DG in Iowa? 

 
 With respect to interconnection, the Board has the following questions for all 

participants: 

1. Do the current interconnection rules ensure that DG installations are 
safe for customers and utility employees?  If not, what specific changes 
are needed to ensure safe installation and operation of DG equipment?  
Include specific examples of safety problems, if any, and customer or 
utility behaviors that may compromise safety. 
 

2. Is there an issue with customer DG installations occurring without the 
knowledge of the utility?  If so, what is the magnitude of this problem, 
and how should it be addressed? 

 
3. Are rule changes necessary to ensure system reliability is not harmed 

due to the interconnection of DG resources?  Provide specific examples 
of reliability effects from the interconnection of DG. 
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4. Considering the benefits that accrue to the system from DG, what is the 
correct price to charge for interconnection of DG systems?  Should this 
price be technology dependent? 

 
5. How should distribution or transmission system upgrade costs 

associated with DG installation be properly allocated?  Are there 
specific benefits that all customers (DG-owning and non-DG owning) 
receive from DG required transmission or distribution upgrades and, if 
so, what are the specific benefits? 

 
6. Is there adequate protection for distribution assets from improperly 

installed DG equipment?  If not, what additional protections are 
needed? 

 
7. Should the Board revise its interconnection rules in 199 IAC 45 to make 

them consistent with FERC’s updated interconnection rules, which were 
adopted on November 11, 2013, in Docket No. RM13-2-0001 (Order 
No. 792) and can be found at 145 FERC ¶ 61,159?  In what specific 
ways should the Board's rules be revised? 

 
8. Should the Board require any customer installing DG with a view toward 

selling excess generation to the utility to commit to remaining 
interconnected for a specific period of time, to maintain the DG system 
in good working order for that entire time period, and to either obtain a 
similar commitment from any subsequent purchaser of the property or 
to remain responsible for the commitment for that entire period of time.  
If so, why?  If not, why not? 

 
9. For customers that have installed DG, what have been the positive and 

negative experiences when interconnecting with the utility and what 
specific changes would you suggest?  (Identify whether the DG facility 
was renewable or nonrenewable and which utility you interconnected 
with.) 
 
a. Does the interconnection process timeline take longer than 

necessary?  If so, what are the problems and how can they be 
solved? 

b. Has any DG owner-commenter experienced difficulty 
interconnecting a DG project with the system of any non-rate-
regulated utility or utilities?  If so, please describe the difficulty 
experienced and whether/how the difficulty was resolved. 
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10. Comment on whether you believe the Board has jurisdiction to extend 
its interconnection rules to coops and municipal utilities and if so, 
whether it should exercise such jurisdiction.   

 
With respect to consumer protection and education, the Board has the 

following questions for all participants: 

 
1. Is there a need to educate customers about DG issues such as 

economics, tax incentives, utility requirements, reputable installers, and 
similar considerations?  If so, whose role is it and what type of 
education should be provided? 

 
2. Should the Board develop a checklist to assist customers in 

understanding the process and responsibilities associated with 
installing DG or does one already exist?  What issues should 
consumers consider when installing DG (both renewable and 
nonrenewable)? 

 
3. With respect to public safety, who is primarily responsible for the issue 

of firefighter safety and fire suppression activities, the customer or the 
local fire officials? 

 
a. Should customers be required to provide local fire officials 

information regarding their solar installations? 
b. Should fire officials be required or encouraged to maintain 

detailed logs regarding solar installations in their community or 
fire district? 

 
4. Do current Iowa consumer protection laws adequately address the 

responsibilities of the DG suppliers/distributors?  Who should be 
responsibility for resolving consumer complaints regarding DG 
suppliers/distributors (Iowa Utilities Board, the Attorney General’s office, 
or some other agency)? 

 
5. Should DG suppliers/distributors be required to be certified as qualified 

to supply/install the equipment/project in question?  Who should 
perform the certification?  Who, if anyone, should maintain a listing of 
certified DG contractors/installers? 
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The Board also has the following general questions related to DG: 
 
 Question for all utility participants 

 
1. For calendar year 2013, provide the following detailed information (in an 

Excel file) related to each DG facility connected to your utility system: 
 
 a. Nameplate capacity; 
 b. Date interconnected; 
 c. Fuel type; 
 d. Include all applicable classifications (i.e., qualified facility (QF), 

alternate energy production (AEP), net metering, and any others 
that may apply); 

 e. For AEP interconnections, indicate whether this facility 
contributes to compliance with your AEP purchase obligation; 

 f. Indicate whether this facility is subject to a tariffed or contracted 
rate; 

 g. The applicable retail tariff customer class; and 
 h. Indicate whether hourly load data are available for this facility. 

 
Questions for all participants 

 
2. Should Iowa have a policy goal to increase and diversify alternate 

energy production?  If so, should that policy be achieved with utility-
owned centralized generation, utility-owned distributed generation, 
customer-owned distributed generation or a mix of these alternatives?  
Discuss the advantages and disadvantages of these approaches. 

 
3. What are the current incentives, if any, for the utility to promote DG and 

for the customer to own DG?  Should alignment of DG production with 
utility peak demand be the target of an incentive? 

 
4. Do utilities include distributed generation in their resource planning?  If 

so, how is DG accounted for?  If not, why and is this likely to change? 
 
5. What is the rate of DG adoption currently experienced by each utility 

and what is the rate projected to be in the next five to ten years?  Do 
these adoption rates cause problems with transmission and distribution 
planning?  How do utilities cope with this challenge? 
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 There are three papers addressing various aspects of solar energy that the 

Board believes are useful to the discussion of several topics in the DG notice of 

inquiry.  The Board will attach a copy of the three papers to this order so that they will 

be included in the information filed in this docket and available for all participants to 

review and refer to in their comments.  The papers are: 

 1. Ratemaking, Solar Value and Net Energy Metering - A Primer (July 

2013):  This paper, from the Solar Electric Power Association, is an introduction to 

state utility regulation and principles that are considered during solar valuation, with 

an emphasis on key concepts and terms. 

 2. Utility Community Solar Handbook (December 2013):  This handbook 

provides perspective for utilities on community solar program development, and was 

released as part of the Department of Energy's SolarOPs program. 

 3. Treatment of Solar Generation in Electric Utility Resource Planning 

(October 2013):  The National Renewable Energy Laboratory and Solar Electric 

Power Association collaborated on a report outlining how utilities typically perform 

integrated resource planning initiatives, and how solar generation is currently 

addressed in those processes. 

 IT IS THEREFORE ORDERED: 

1. Participants are invited to respond to the questions and provide the 

information identified in this order on or before June 24, 2014.   
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2. All filings in this docket shall be made using the Board's electronic filing 

system.  The rules for filing are in 199 IAC 14. 

3. Three papers identified in the body of this order are attached to the 

order and made a part of the inquiry record in Docket No. NOI-2014-0001. 

UTILITIES BOARD 
 
 
 
        /s/ Elizabeth S. Jacobs                        
 
 
 
        /s/ Nick Wagner                                   
ATTEST: 
 
 
  /s/ Joan Conrad                                    /s/ Sheila K. Tipton                               
Executive Secretary 
 
Dated at Des Moines, Iowa, this 12th day of May 2014. 
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I. Introduction 

 

In communities across the United States, there is a rising interest in community solar programs as a 
means to increase participation in solar energy for people who may have physical, financial, or other 
limitations to installing solar on their own property. Additional drivers for community solar include interest 
in increasing energy independence, offering a hedge against rising fuel costs, cutting carbon emissions, 
and providing local jobs. Community solar programs provide an alternative to the traditional process of 
individuals or businesses placing solar on their property.  Instead, customers can utilize a solar energy 
system installed offsite and benefit from its output remotely through billing and accounting mechanisms.   

In general, there are three main types of community solar programs or projects:  

 

 Utility Managed: A utility designs and operates a community solar program that is open to 
voluntary participation by their ratepayers.  

 Private Investment: Individuals join in a business enterprise to develop a community solar project.  

 Nonprofit Managed: A charitable nonprofit corporation administers a community solar project on 
behalf of donors or members.  

 

Each has a unique set of costs, benefits, responsibilities, implications, rewards and challenges. For some 

communities, the local electric utility is either the origin of a community solar program or a likely candidate 

for starting one.  Depending on the status of the state or local solar market, the utility may have legal, 

financial, and program management infrastructure capabilities to handle organizing and implementing a 

community solar project. To be sure, a utility community solar program is a significant undertaking and the 

required efforts on part of the utility and local stakeholders should not be underestimated as there are 

many internal and external design needs. 

 

This handbook provides the utility’s perspective on utility managed community solar program 

development and is a resource for government officials, regulators, community organizers, solar energy 

advocates, non-profits and interested citizens who want to support or educate their local utility in 

implementing a new or improving an existing community solar project.  It describes the major design 

elements the utility needs to address during program development and provides suggestions for how to 

constructively engage with the utility and support program implementation from a well-informed 

perspective.  

II. Community Solar Business Drivers 

It is important to understand the utility’s motivation for considering a community solar program. A panel of 

utility participants was surveyed regarding utility managed community solar programs and the following 

list provides a high-level overview of potential drivers for a utility, though not all will apply for every utility. 

 A broader pool of customers can participate in solar: From a utility’s perspective, community 
solar programs can help their customers overcome both physical and financial barriers to 
install solar on their property, including rental properties, properties limited by shading, 
customers with lower credit scores, customers with lower incomes and properties with 
unsuitable roof orientation or design. 

 Customer satisfaction and engagement: A community solar program can get customers more 
positively engaged with the utility and thereby, enhance customer relationships and the 
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customers’ solar experience. In general, surveys show that customers tend to support solar 
as an energy resource and want their utility to increase the amount of solar in its generating 
portfolio.  Additionally, community solar programs enable customer choices in their electricity 
sources with similar benefits to third-party or customer-owned systems. 

 Improved customer equity: Community solar can potentially address the issue of 
subsidization of distributed solar customers by non-participants, under circumstances where 
there remains an imbalance in credits and charges to customers with distributed solar. A 
program can be designed so that participating customers support the full cost of the program 
and non-participating customers are held neutral.  

 Economic Development: By supporting the regional solar PV industry and by keeping the 
financial benefits local, a community solar program can support local economic development, 
which typically is of interest to the utility serving its community.  

 Lower and more equitable incentive requirements: Larger-scale community solar installations 
should prove more cost effective than smaller, distributed solar installations and as a result 
may improve the ability of rate payers to deploy more solar for a lower total investment. 

 Potentially meet policy requirements at lower costs: A community solar program may be a 
way to help meet Renewable Portfolio Standard (RPS) goals or requirements at lower costs 
relative to customer-sited systems. 

 Potential distribution system benefits: If strategically located, community solar arrays could 
provide distribution system benefits, though this is not a universally recognized value and 
depends on placement, design configurations, and existing penetration levels. 

These business drivers, with supporting detailed analysis, can be used by the utility to build support for 
the program among utility management, regulators, and/or stakeholders. Similarly, stakeholders can relay 
the benefits as outlined above to their local utility in an effort to get the utility interested in pursuing a 
feasibility assessment of a utility community solar program.  Understanding what is driving the utility’s 
interests is important to developing a community solar program that benefits all parties involved in the 
venture.  

III. Market Research 

 

Prior to developing a community solar program, a utility should carry out thorough market research in 
order to understand its customers’ willingness to participate in a community solar program and their 
motivations for doing so. From a utility’s perspective, the new program needs to fill a real or perceived 
market gap or differentiate itself from other customer options.  Most importantly, there needs to be 
enough demand for community solar to justify the development efforts now and in the future. 

Some utilities that have undergone the process of developing a community solar program found it 
valuable to complete a market research survey and/or conduct formal customer focus groups prior to 
developing a new solar program. These methods can save both time and money, help improve program 
development and increase the effectiveness of program promotion. 

The utility may conduct public opinion research on interest in community solar to determine the most 
attractive benefits, the most appealing model, and any barriers to participation. It is highly recommended 
that any community members interested in this new option participate in the utility’s efforts. Engaging in or 
helping coordinate outreach for market research efforts is a relatively easy venue for communicating 
interests and expectations to the utility.  
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IV. Working with Stakeholders 

Most utilities realize that stakeholder engagement, both within the utility and among the community 
served, is critical to the success of any community solar program. A program developed in utility isolation 
has a high risk of not meeting stakeholders’ expectations. Ideally, community solar program goals and 
program design are collaborative processes. Regardless of whether the program is developed by the 
utility or with the use of third-party consultation/provider, it is crucial for the utility to have a detailed 
stakeholder engagement plan. Key stakeholders such as local government representatives, relevant non-
profits or solar advocacy groups interested in community solar should be constructively engaged by their 
utility and raise awareness around the stakeholder drivers throughout the program planning and 
development process.  

From the utility’s perspective, key external stakeholders are trade associations, active interveners and 
consumer advocacy groups, business and labor groups, solar industry companies, elected local officials, 
regulators and their customers. From the perspective of those stakeholders, it is crucial to engage with 
the utility early on in the development process to discuss their interests, expectations, needs and 
concerns. The earlier a dialogue has been established between all impacted stakeholders and the utility 
receives constructive feedback, the easier it will be for the utility to consider those comments in the 
design process. In addition, listening to and understanding the utility’s intentions may help avoid the 
emergence of misperceptions.  

 

 

Figure 1: Schematic diagram for stakeholder engagement 
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V. Program & Infrastructure 

Development 

When considering program design options, the utility needs to weigh many choices and options. The 
following section provides an overview of many components the utility needs to address.  Having a highly 
educated stakeholder constituency to provide constructive feedback on major design components can 
help ensure the program’s success. 

Product Offer 

There are two distinct ways to structure the product offered through a utility community solar program: 

1. Sell solar kilowatt-hours through a solar rate that can be lower, equal to, or higher than retail 
rates. Effectively, the program is offering a new solar tariff that is distinct from current rate 
structures and reflects the unique benefits of solar. This could be a fixed rate, creating a spread 
with retail rates over time, or variable to track inflation or retail rate changes. Some programs 
exempt participants from general renewable energy recovery or fuel resource charges as an 
alternative benefit to a wholly fixed rate.  This model will be compared to existing and future retail 
rates and/or the equivalent customer options for a solar power purchase agreement or lease from 
a third-party solar vendor.  

Energy variations can include: 

 Preset kilowatt-hour blocks on a monthly or annual basis 

 Actual kilowatt-hour performance from the PV system on a real-time, monthly or annual 
basis 

 Estimated kilowatt-hour performance on a real-time, monthly or annual basis with or 
without a true-up based on actual performance 

 
2. Sell or lease solar kilowatts that produce benefits based on actual or estimated output of the 

participant’s share of solar capacity. The participant is becoming a solar generator and 
compensation can occur through billing credits, i.e. mimic net metering, or a wholesale purchase 
from the customer, i.e. a solar feed-in-tariff or purchase rate.  This model will be compared to the 
customer costs of installing and owning a system themselves and will be subject to the eternal 
question, “What is the payback?” 

Capacity variations can include: 

 Actual panel sizes used in the installation, e.g. 230-watts, and possibly fractions therein, 
i.e. ¼, ½ or full panel. 

 Kilowatt increments, i.e. ¼, ½, or full kilowatt(s). 

 Contribution percentages, i.e. a contribution equal to 1% of the costs of the system 
equates to 1% of the system output in benefit. 
 

A solar kilowatt-hour rate program could be set exactly to a retail rate, providing the same initial benefits 
as a solar capacity program that reduces the customer’s bill at retail rates. However, the ownership and 
product structure may have different implications for tax, legal, and regulatory issues, as well as divergent 
economics as retail rates change.  

Price setting 

The first step in setting the community solar price is to analyze and assess all of the known and 
anticipated costs associated with the program, including administration, marketing, supply, operation and 
maintenance, and integration costs over the program’s anticipated lifetime.  Future costs can be rolled 
into a current dollar amount through net-present value calculations. The utility can then allocate these 
costs between program participants and all ratepayers in various ways: 
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 All costs fully paid by participants: No subsidies are inherent in the program and 
participants receive all resource benefits. 

 Certain program costs are recovered from all ratepayers: As an example, program 
administrative costs might not be included because they are difficult to quantify or they 
are already recovered through other means. Another example might be that if the project 
output is being counted toward a renewable requirement and the costs are normally 
recovered through a rate surcharge; perhaps supply and O&M costs are not included. 

 Certain subsidies are allocated to the program: One example might be that if the utility 
has an existing solar incentive program, a similar incentive is applied to the community 
solar program, i.e. $0.50/watt buydown. 

 Certain solar costs are allocated to the program: If the utility utilizes standby charges, grid 
integration or other costs to net metering customers or wholesale systems, those costs 
could be allocated to this program as well. 

 
Each utility can determine the stringency of their cost quantification and the degree of any adjustments 
that are made to those costs. The adjusted costs are then used to calculate the program price. For solar 
rate-oriented program designs, the costs are divided by the estimated aggregate solar performance over 
the PV systems’ lifetime to determine a fully-loaded price in cents per kilowatt-hour. For kilowatt-oriented 
programs, the adjusted costs are divided by the PV system capacity to determine the price in dollars per 
kilowatt (or other metric, such as a full or half solar panel). 

 

 
 
Pricing-setting may also relate to the goals and objectives for developing a community solar program, 
which generally aims for healthy customer participation. Customer participation will certainly correlate with 
the degree of economic benefit, especially relative to what local solar markets are currently exhibiting.  
Developing a program that is significantly above retail rates or a customer’s other solar options will likely 
have slow uptake, which should be taken into consideration during the ‘go/no-go’ decision-making 
process.  Another consequence of slow uptake is the reduced effectiveness of key drivers, including 
customer satisfaction, engagement, and equity, as described in Section II.   
 
In starting a community solar program, the utility provides a service to customers by taking on technology, 
financing, marketing or other risks, and potentially opens the market to new customers. The cost of these 
services may be difficult to quantify. However the utility prices its program, it is necessary to balance a 
wide range of competing factors.  Prices need to be low enough for customers to recognize the economic 
value of participation while allowing the utility to recover program costs. Each utility will need to find the 
correct balance between these varying interests and determine their best path forward for pricing 
strategies. 
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Renewable energy ‘ownership’ 

The utility will need to decide who ‘owns’ the renewable energy benefits from the program, i.e. the utility, 
the participating customer, or a shared approach. Renewable energy benefits are often assigned through 
renewable energy credits (RECs) which may have some regulatory or monetary value.  This is important 
for determining ownership options that could include: 

 Either the utility owns and utilizes the RECs for current or anticipated state or federal 
renewable energy requirements or the customer owns the RECs and sells them to the 
utility for regulatory compliance. 

 Either the utility owns and sells the RECs into local or regional REC markets to subsidize 
the program’s cost or the customer owns and sells the RECs in a similar fashion for their 
benefit. 

 The utility ‘retires’ the RECs on behalf of the customer. 
 

The REC allocation could include the utility owning all RECs, the customer owning all RECs, or a 
prorated sharing of the RECs. 

 
Several variables may factor into decisions on which option to pursue: 

 The goals of the program. 

 The type of program design utilized, i.e. solar rate versus solar sales/lease program. 

 Past utility programs or regulatory orders. 

 For tariff programs, the price relative to retail rates; for sales or lease programs, the 
degree to which all costs were covered by the participant. 
 

Customers and stakeholder advocates may have some expectation that their participation supplements 
solar activity above and beyond regulatory requirements. Others may be satisfied with the new solar 
project(s) being built and the economic benefits of the program and may not have a strong opinion on 
REC ownership, especially if no state REC market exists or there aren’t regulatory renewable 
requirements for the utility. It is worth considering whether any REC ownership precedent was set through 
past or existing solar incentive programs, net metering contracts, or green pricing programs. Ideally, this 
issue would be discussed as part of the stakeholder engagement process, through which a consensus on 
the matter should be reached with all involved parties is reached.  

VI. Other Important Issues 

The following section seeks to broaden stakeholders’ understanding of the utility’s internal processes and 
requirements when developing a community solar program.    

Securities, Taxes, and Regulatory Issues
1
 

In general, complying with investment securities, tax, and other legal issues, such as investment 

structures, needs careful consideration when designing a community solar program. These issues can be 

very complicated, nuanced and depending on the program’s design, need to be considered from both the 

utility’s and the participants’ vantage points.  Careful consideration minimizes the program’s costs through 

efficient use of tax credits and avoiding unforeseen legal or compliance costs.   

If either state or federal regulators view the utility’s community solar program as issuing securities, the 
utility must comply with securities laws. In addition to working with the utility’s legal counsel, it is 

 

1
 Disclaimer: Nothing provided in this handbook should be considered legal, tax or financial advice. A utility interested 

in developing a community solar program should consult with an attorney and financial experts before taking any 
action. See Stoel Rives Memorandum to NREL, Securities Law Issues Relating to Community Solar Projects: 
http://nwcommunityenergy.org/solar/financing/NREL%20-%20Securities%20Memo.pdf.   

http://nwcommunityenergy.org/solar/financing/NREL%20-%20Securities%20Memo.pdf
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recommended to check with the appropriate state securities administrator before proceeding with a 
community solar program offering.  
 
On tax issues, utilities will want to maximize tax and depreciation benefits to lower project costs, either 
through utility ownership of the project or through a PPA with a project developer who utilizes the 
benefits. Residential customers cannot generally take the tax credit directly as the off-site community 
solar facility does not fit the ITC requirements for residents.  

 
These securities and tax issues will differ according to the system ownership structure and how the utility 
chooses to offer its community solar product to participants, and will need to be assessed by qualified 
counsel with input from other utilities who have researched the issue. 

Billing and IT 

Billing issues may well be the utility’s greatest challenge outside of securities and tax issues. Though it 
may seem basic, integrating the new program with the utility’s billing system is a key part of program 
implementation. A new billing mechanism is required for tracking and applying the solar production 
customers are purchasing (kWh), or the bill credits they are receiving (kWh or dollars), or the solar 
payments they are receiving (dollars). Such a system also needs to provide customers with the 
opportunity to see the results of their investment directly on the bill in a simple, uncomplicated way. 
Based on other utilities’ experiences, this issue cannot be underestimated and should be assessed early. 

VII. Supply Management 

 
Before determining which supply procurement option to choose, the utility needs to define a clear goal or 
outcome that it expects from the community solar project; e.g., the number of participating customers 
desired or a certain project capacity. This will begin the process of estimating how much supply to 
procure. 

 
Basic procurement options 
A utility generally faces two basic procurement options – buy or build.

2
 Under the “buy” option, the utility 

signs a power purchase agreement (PPA) to buy the electricity output from a third-party provider.  
Another “buy” option is the utility purchasing the electricity from customers’ solar installations. The utility 
may purchase the customer generation to provide output for community solar programs or the output can 
be purchased for other reasons, such as renewable energy compliance.  Under the “build” option, the 
utility owns and operates the solar generation, usually after hiring one or more third-party contractors for 
construction. As an alternative, the utility could decide to re-allocate existing projects, either utility-owned 
or projects supplying electricity via a PPA, to the community solar program. Each option has different 
implications and needs to be thought through carefully.  

 
When considering whether to own the solar projects, utilities should be aware they may not be able to 
take direct advantage of the federal Investment Tax Credit (ITC) or accelerated depreciation. Investor 
owned utilities (IOUs) are able to take advantage of the ITC and accelerated depreciation, but the 
benefits must be normalized over the book life of the solar facility.  This will induce a particular shape to 
the revenue requirement cost recovery curve. Public power utilities and tax-exempt cooperatives do not 

 

2
 For a detailed discussion on the basic options see “Buy versus Build: A Qualitative Comparison of Financial, Tax 

and Regulatory Issues Influencing Utility Solar Procurement - December 2011”. 
http://www.solarelectricpower.org/sign-on.aspx?noAuth=1&node=1914&type=media 

http://www.solarelectricpower.org/sign-on.aspx?noAuth=1&node=1914&type=media
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have a tax liability and are therefore not eligible for the ITC
3
 or accelerated depreciation. One option for 

these utilities would be to set up a subsidiary LLC owned by the utility, a solution applied by at least two 
cooperative utilities, but which requires additional legal and financial arrangements. If the utility opts not to 
own the project, it may be able to indirectly capture the ITC (to some degree) through the PPA price paid 
to the third-party provider.  

 
Direct ownership tends to give the utility greater control over site selection, permitting, development and 
operations. However, a PPA offers the convenience of construction, technology and operational risk 
remaining with the developer as payments are based on the system’s actual performance, and typically 
PPA payment terms more closely resemble the shape of utility rates. Financial considerations regarding 
buying vs. building a solar generation asset include credit rating impacts of imputed or new build debt, 
increased need and competition for capital, effects on cost of capital and accounting treatments, as well 
as possible rate making treatment. 

 
Procurement process  
Regardless of the procurement option chosen (utility-owned vs. third-party solution), there are many 
issues in the procurement process that the utility needs to consider and carefully plan around. The 
following paragraphs provide a broad overview of issues the utility needs to address when developing a 
request for proposal (RFP). However, specifics will vary depending on the type of community solar 
program the utility is developing. 

 
The utility may want to convene stakeholder meetings to allow solar developers and others to provide 
input into its RFP requirements before launching the procurement process. Any solar companies 
interested in working with the utility are highly encouraged to actively engage in this process.  It may also 
be advantageous for the utility to keep the RFP more focused on its desired outcome rather than 
specifying every detail. This allows potential suppliers an opportunity to provide more creative, and 
possibly more effective, solutions.  

 
Prior to issuing the request, the utility needs to determine how RFP responses are evaluated, weighed 
and scored. This not only helps the utility better understand its needs, but could also aid in fine tuning the 
RFP before it is issued, and in defending any claims made by non-selected bidders.   

 

Considerations during project planning 

The actual location and visibility of the community solar program’s solar generation is important from the 
perspectives of both marketing and participating customers. Ground-mounted systems have great 
visibility, while rooftop projects are typically not publicly visible.   

 
There may also be issues related to the distance of the solar generation from customers versus 
optimizing system performance and cost. Although a utility could locate its solar power generation a 
sizeable distance from the participating community, there are a number of reasons to locate it closer to 
participants: 

 

 Customers like to see what they are getting. 

 It may add to the tax base and contribute to local economic development. 

 It helps demonstrate that solar is a viable energy resource. 

 It may avoid transmission issues. 

 Projects may be sited to help with or research distribution feeder operation. 

 

3
 IRS Notice 2013-70 clarifies that participants that purchase panels and receive solar energy benefits from an offsite 

solar project may qualify for a credit under § 25C and § 25D by sections 104 and 401 of the American Taxpayer 

Relief Act of 2012.  However, this does not address the securities concerns discussed above. 

http://www.irs.gov/pub/irs-irbs/irb13-47.pdf
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 Stakeholders often see the siting of community solar projects as a series of concentric 
circles.  Typically, the order of preference for project location is: 1) in the immediate local 
community; 2) the service territory; 3) the state. 

 
In addition, the solar electric power system’s location can impact project cost and complexity. Solar power 
systems located on utility property can often provide a lower cost and more convenient solution than 
those located on customer property or on the property of a third-party owner.  Siting a system on a 
brownfield or other unused land could provide additional support from the community but could pose 
more legal challenges and hurdles. The procurement option chosen (utility-owned or third-party owned) 
will also influence this decision.  

Over and under subscription 

There are a number of ways to deal with the risk of under-subscription (where customers leave and/or not 
enroll as expected) and oversubscription (where there is not enough generation to meet customer needs). 
One strategy some utilities have adopted is to not build the solar array until their program was 110% 
subscribed. Any subscribers in excess of the project’s capacity are placed on a waiting list until there was 
participant turnover or sufficient interest to warrant a program expansion. 
 
If the utility plans to use community solar to help meet RPS goals, it will be easier to move customers in 
and out of the program since the utility could possibly use the SRECs for compliance purposes, 
regardless of community solar customer participation.   
 
If the utility’s community solar program were to not meet subscription expectations and/or participation 
declined over time, program costs would not be adequately recovered. In this case, the excess 
generation could be applied to a renewable portfolio standard, added to the general generation portfolio, 
or somehow otherwise recovered by ratepayers.  In order to mitigate this, price setting, as explained in 
Section V, should be thoroughly vetted. 

 
When dealing with higher-than-expected demand for community solar participation, the utility may 
maintain a waiting list and continue to expand the program by developing more solar projects as needed.  
In some areas, “banking” excess solar power (essentially the SRECs) for future use may also be an 
option or could be limited or prohibited by state law. In other areas, the utility could apply this practice in 
the event that customer demand exceeds generation. But in reality, any excess generation could also be 
treated simply as another wholesale energy purchase, albeit at a higher than average cost. 

VIII. Marketing and Communications 

 
Developing a marketing and communications plan is an essential part of designing a successful 
community solar program. The utility needs to investigate and consider several key issues when 
developing a marketing plan, including messaging to customers, outreach efforts, and the role of the 
utility bill in communications with customers.   

Unified company image and message 

A consistent message is important if the utility wants to attract customers to its program, avoid customer 
confusion, and have internal alignment on the program objectives.  It is essential to clearly define what 
the utility’s program is, why it is being offered and how it fits into the company’s values, mission, and 
business strategy. If the utility already has a green pricing program or other renewable energy programs, 
it needs to find ways to differentiate them from its community solar program through its marketing efforts. 



        UTILITY COMMUNITY SOLAR DESIGN HANDBOOK | DECEMBER 2013 

14 

 

R E P O R T  #  3 - 1 3  

Target audience 

Much has been written about which type of customers are willing to purchase solar power.
4
 Because a 

community solar program will not appeal to all customers, the utility can keep customer acquisition costs 
to a minimum by targeting its marketing and promotions to likely participants. Although demographics 
such as education and income are an important consideration when developing marketing targets, it is 
just as important that the message takes into account consumer behavior. Understanding the likes, 
dislikes, lifestyles and purchase behaviors of the target audience enables the utility to reach them with a 
message that will appeal. Some research indicates that a positive financial message appeals to a much 
larger group, with the environmental message playing a supporting role.  

 
Working with others 

As the utility is planning its marketing strategy, it should consider working with a variety of external 
stakeholders. In addition to industry allies, the utility could enlist groups that will bring more customers to 
the utility’s program or help market the program to their members. For example, the utility could target 
customers that have already participated in other renewable energy or energy efficiency programs. Some 
utilities have had success working with religious groups, environmental organizations and other affinity 
groups to reach potential audiences in a relatively low-cost manner. Enlisting the support of these groups 
is especially important, as customer acquisition costs can have a material impact on the program budget. 
 
For non-profit organizations, community organizers and other groups interested in community solar, these 
outreach and marketing efforts represent important opportunities to engage with the utility and to achieve 
a common goal as well as to support its program activities. Co-branding marketing materials and 
providing information about the utility’s program at community events will most likely be highly welcome 
by any utility.  

 
Additional communication channels 

Garnering free press coverage; e.g. about the newness or uniqueness of the utility’s community solar 
program, may be another way to help increase interest within the community. This is an area that could 
be supported by anyone interested within the community, such as through writing op-eds to the local 
newspaper, and is an easy way to build support for the utility’s community solar program.  
 
The utility can present program results to local media outlets, as well as to solar industry and utility 
audiences at national or local conferences, through printed and online media, and via other outlets. Non-
profit organizations can support efforts to disseminate information about the program and its results 
through their websites and through newsletters, conference contributions, or other marketing efforts to 
which the community solar program may be relevant.  

IX. Verification, Evaluation and 

Analysis 

 

As with any other customer program, the community solar program will require a verification and 
evaluation plan. Prior to initiating a community solar program, the utility needs to develop a plan with well-
defined standards for documenting program goals and the metrics to be used to evaluate the program’s 
success. This is not only important to help the utility stay focused on its targets, but also for process 
improvement and accountability. The utility may also have regulatory requirements that involve reporting 

 

4
 For example, a California Energy Commission report that includes consumer attitudes toward solar electric power 

and home buyers’ willingness to purchase solar is accessible at http://www.energy.ca.gov/2008publications/CEC-
180-2008-003/CEC-180-2008-003.PDF.  

http://www.energy.ca.gov/2008publications/CEC-180-2008-003/CEC-180-2008-003.PDF
http://www.energy.ca.gov/2008publications/CEC-180-2008-003/CEC-180-2008-003.PDF
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how the program is performing against goals, both in terms of customer participation (perhaps number of 
customers and kW or kWh) and budgeted income and expenses. 
 
The evaluation plan needs to include a process for data collection that enables the utility to measure and 
report annual outcomes resulting from the program. The results can be published in newsletters, web 
pages, and possibly on a community solar program performance dashboard. Utility management and 
regulatory agency needs should also be considered when developing appropriate metrics to measure.  

 
Finally, at some point the community solar program will end, either by design or circumstances. What is 
the utility’s exit strategy across different decision categories? 

 Active participants: The program design should give consideration to both planned program 
closure, as well as unexpected closure.  Does the utility have any remaining contractual 
obligations or financial liability to participants?  Were these addressed in program materials and 
contracts? 

 Supply: Does the solar plant need to be decommissioned?  If not, can the supply be reallocated 
to another program or the generation portfolio? 

 Communications: Does the program have a consistent and logical message to participants?  To 
the media?  Regulators or decision-makers? 

 

X. Summary 

 

The type of approach a utility takes in community solar program development will be unique to any given 
utility, service territory and the utility’s customers.  Regardless of the drivers and benefits of these 
programs, community solar may not be the right choice for every utility. Not only are there differences 
between investor-owned utilities, municipal utilities and cooperative utilities, there are major differences in 
company cultures and in the political and regulatory environments. Even if one utility has a community 
solar program, it should not be assumed that another utility in the same state can easily apply the same 
program design.  
 
That said, there is a growing interest amongst utilities across the United States to get involved with 
community solar. Any support that local governments, community organizers, non-profits or solar energy 
advocates can lend a local utility that is in the process of developing a utility community solar program will 
go a long way in increasing the number and success of these types of programs.  
 
In addition, stakeholder involvement in planning is a key component in the proper execution of a 
successful community solar program.  Stakeholders need to be proactive and constructive when working 
with the local utility.  This includes providing specific suggestions that demonstrate a high level of 
understanding of utilities’ interests and constraints.   
 
Appendix A includes a list of definitions and additional resources that help define community solar, 
recommend model program rules, discuss the legal concerns surrounding securities issues, and provide 
case studies of existing utility-led community solar programs.  

Appendix A – Additional Resources 

 
Definitions 
Investment Tax Credit (ITC): Section 48 of the Internal Revenue Code defines the federal ITC. The ITC 
allows owners of solar electric systems to take a one-time tax credit equivalent to 30 percent of the 
qualified installed costs of the solar electric power generation system.  There are two versions of the ITC, 
the federal business energy investment tax credit and residential energy investment tax credit.  Certain 
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restrictions may apply depending on the tax credit category. In November, 2013, the IRS issued Notice 
2013-70, which clarifies that taxpayers who purchase panels and receive solar energy benefits from an offsite 

solar project may qualify for a credit. 
 
Net metering: Many renewable energy systems use net metering to account for the value of the electricity 
produced when power generated is greater than demand. Net metering allows customers to “bank” this 
excess electricity generation on the grid, usually in the form of kWh credits during a given period. 
 
Power purchase agreement (PPA): A PPA is an agreement between an energy producer and a buyer of 
the purchaser of the power. The PPA includes the terms of the agreement such as the rate paid for 
electricity produced and the time period it will be purchased.  
 
Securities: A security is an investment instrument. Community solar programs must be sure to comply 
with both state and federal securities regulations. Most community solar programs are designed to avoid 
falling under securities regulations. 
 
Solar Feed-in Tariff (FIT): A solar feed-in tariff is a financing scheme utilities can use to encourage 
investment to solar energy.  The utility typically offers a fixed energy rate to a solar producer, which 
ranges from home owners to large scale solar projects, over a long-term contract.  Guaranteeing stable 
rates over time provides the energy producer with more security in their investment and helps increase 
deployment of solar power generation. 
 
Solar Renewable Energy Certificates (SRECs): A solar electric generation system produces two distinct 
products. The first is electricity. The second is a bundle of all of the associated renewable attributes 
produced by the solar electric power system. These environmental benefits result from not generating the 
same electricity from a conventional gas or coal-fired power plant. These environmental benefits can be 
packaged into a SREC and sold separately from the electricity in some markets. Some states will certify 
solar electric systems from out-of-state and allow the SRECs from those facilities to count towards the 
RPS. The sale of SRECs is intended to promote the growth of distributed solar by shortening the time it 
takes to earn a return on the investment.  1 SREC = 1,000 kWh of solar electricity = 1 MWh of solar 
electricity. 
 
Virtual Net Metering: Virtual net metering allows net metering credits generated by a single renewable 
system to offset load at multiple retail electric accounts within a utility’s service territory.  As with 
traditional net metering, credits appear on each individual customer’s bill. 
 

Other Publications  
A Guide to Community Shared Solar: Utility, Private, and Nonprofit Project Development (NREL) 
http://www1.eere.energy.gov/solar/pdfs/54570.pdf 

 
Community Renewables Model Program Rules (IREC)  

www.irecusa.org/2013/06/irec-releases-revised-model-rules-for-shared-renewable-energy-programs/ 
 
Stoel Rives Memorandum to NREL regarding Securities Law Issues Relating to Community Solar Projects 
http://nwcommunityenergy.org/solar/financing/NREL%20-%20Securities%20Memo.pdf 

 
SEPA Technical Brief – Community Solar Program Design: Working Within the Utility 

http://www.solarelectricpower.org/sign-on.aspx?noAuth=1&node=1699&type=media 

 
Buy versus Build: A Qualitative Comparison of Financial, Tax and Regulatory Issues Influencing Utility Solar 
Procurement - December 2011 

http://www.solarelectricpower.org/sign-on.aspx?noAuth=1&node=1914&type=media 

 
Changing Ownership of Distributed Photovoltaics – June 2012 

http://www.solarelectricpower.org/sign-on.aspx?noAuth=1&node=3979&type=media  

http://www.irs.gov/pub/irs-irbs/irb13-47.pdf
http://www.irs.gov/pub/irs-irbs/irb13-47.pdf
http://www1.eere.energy.gov/solar/pdfs/54570.pdf
http://www.irecusa.org/2013/06/irec-releases-revised-model-rules-for-shared-renewable-energy-programs/
http://nwcommunityenergy.org/solar/financing/NREL%20-%20Securities%20Memo.pdf
http://www.solarelectricpower.org/sign-on.aspx?noAuth=1&node=1699&type=media
http://www.solarelectricpower.org/sign-on.aspx?noAuth=1&node=1914&type=media
http://www.solarelectricpower.org/sign-on.aspx?noAuth=1&node=3979&type=media
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Appendix B – Utility-Linked Community Solar Projects (as of 11/15/13) 

  
  Investor-Owned Utility program * = Program operating under state community solar/renewables law 

  Municipal Utility Program **=Pending, planned or announced 

  Electric Cooperative Program 
 

 

State 
Utility or 

Project Sponsor 
Name 

 Type 
Program 

Name 
Participant 

Information/Eligibility 
Participation Mechanism Participation Benefit/Valuation Supply Size Webpage 

AZ 
Arizona Public 
Service 

IOU 
Community 
Power 
Project Pilot 

Pilot Project: All customers 
on a single distribution 
feeder in the Flagstaff area 

All solar equipment is owned by APS, APS 
installed the solar which is 
interconnected on the utility grid. In 
exchange for hosting the system, the 
customer is eligible for a Critical Peak 
Price (CPP) rate plan based on estimated 
production over 20 years for system size 
installed (2, 3 or 4kW system). Frozen at 
2010 rates. 

Customers are billed at a fixed rate for a fixed 
portion of their energy use, based on the size PV 
system installed on their property.  Not based on 
actual production.  

1.5 MWac  goal, 
1.338 MWac 
installed (as of 
November, 2012) 

Tariff available at: 
http://www.aps.com/_fil
es/rates/CMPW-1.pdf  

AZ Salt River Project Muni 

Community 
Solar 
Program--
Copper Farm 
Solar Farm 

Commercial/industrial 
customers of SRP (10 MW), 
residential customers (2 
MW) and schools (8 MW) 

Pilot program energy sold in blocks 
equivalent to about 2,500 kWh/year, up 
to half of customer's annual usage. 

Schools, businesses: 9.9 cents/kWh fixed for 10 
years 

20 MW 
http://www.srpnet.com/
environment/community
solar/home.aspx  

AZ 
Trico Electric 
Cooperative 

Co-op 
Sunwatts 
Sun Farm 
Program 

No specific exclusions but a 
member’s 
purchase of panel output 
cannot exceed their 
average monthly kWh 
energy usage in the last 
twelve month period, up to 
a maximum of 10,000 watts 
per member. 

Customer can purchase upfront full, ½ 
and ¼ PV panel output of a 270- watt PV 
panel  

Customer receives fixed kWh credits on monthly bill 
by panel shares owned @ 36 kWh per full panel, 18 
kWh per ½  panel and 9 kWh per ¼  panel 

227 kW 

http://www.trico.coop/in
dex.php?option=com_co
ntent&view=section&lay
out=blog&id=9&Itemid=1
16 

http://www.aps.com/_files/rates/CMPW-1.pdf
http://www.aps.com/_files/rates/CMPW-1.pdf
http://www.aps.com/_files/rates/CMPW-1.pdf
http://www.srpnet.com/environment/communitysolar/home.aspx
http://www.srpnet.com/environment/communitysolar/home.aspx
http://www.srpnet.com/environment/communitysolar/home.aspx
http://www.trico.coop/index.php?option=com_content&view=section&layout=blog&id=9&Itemid=116
http://www.trico.coop/index.php?option=com_content&view=section&layout=blog&id=9&Itemid=116
http://www.trico.coop/index.php?option=com_content&view=section&layout=blog&id=9&Itemid=116
http://www.trico.coop/index.php?option=com_content&view=section&layout=blog&id=9&Itemid=116
http://www.trico.coop/index.php?option=com_content&view=section&layout=blog&id=9&Itemid=116
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State 
Utility or 

Project Sponsor 
Name 

 Type 
Program 

Name 
Participant 

Information/Eligibility 
Participation Mechanism Participation Benefit/Valuation Supply Size Webpage 

AZ 
Tucson Electric  
Power 

IOU 

TEP Bright 
Tucson 
Community 
Solar 
Program 

All customers except those 
who are currently enrolled 
in net metering 

Customer can purchase output in 150-
kWh monthly blocks 

Customer purchases 150 kWh blocks for $3 each, no 
additional benefit beyond purchasing solar power in 
a shared system. 

As of July 2012, 
the TEP Bright 
Tucson program 
included 777 
customers, which 
were subscribed 
to a total of 4.13 
MW in TEP or 
third-party-owned 
solar installations 

https://www.tep.com/Re
newable/Home/Bright/  

AZ 
UniSource Energy 
Services 

IOU 

Bright 
Arizona 
Buildout/ 
Bright 
Arizona 
Community 
Solar 
Program 

Available to customers on 
tariffs: Residential Service, 
Small General Service, and 
Large General Service  

Customers can purchase the output in 
150-kWh blocks  

 Customers purchase for $0.02/kWh over regular 
tariff rate and their solar capacity component of the 
bill is fixed for 20 years. Purchases are exempt from 
Renewable Energy Standard Tariff and the 
Purchased Power and Fuel Adjustment Clause, 
surcharges that are adjusted annually.  

1.7 MW 
https://www.uesaz.com/
renewable/home/bright/  

CA 
Pacific Gas and 
Electric ** 

IOU 

Green Tariff 
Shared 
Renewables 
Program 

Customers of PG&E 

Under the new plan, participants will pay 
the full cost of the new renewable 
energy supplies built in direct response 

to their enrollment.  

Participating customers will also receive credits for 
avoided PG&E generation costs 

TBD 
http://www.pge.com/gre
enoption/  

CA 
Sacramento 
Municipal Utility 
District 

Muni 
SolarShares 
Program 

Customers of SMUD. 
SMUD’s goal is to keep the 
system subscribed up to 
95% of its full output, with 
the additional 5% used as a 
safety margin. 
Approximately 700 
customers were sufficient 
to fully subscribe the 
system, and there is a 

Customers can meet 20-40% of their 
energy use by purchasing 0.5-kW shares. 

Customers receive kWh credit on monthly bill in 
relation to the quantity of output they subscribed 
for and the fixed energy rate they qualify for.  
Blended incentive is $1.50/W. 

1 MW  

https://www.smud.org/e
n/residential/environmen
t/solar-for-your-
home/solarshares/ 

https://www.tep.com/Renewable/Home/Bright/
https://www.tep.com/Renewable/Home/Bright/
https://www.uesaz.com/renewable/home/bright/
https://www.uesaz.com/renewable/home/bright/
http://www.pge.com/greenoption/
http://www.pge.com/greenoption/
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persistent waiting list of 
approximately 60 
customers.  The current mix 
by customer size is about 
27% small, 51% medium, 
and 22% large. 

CA 
San Diego Gas & 
Electric** 

IOU 

Share the 
Sun and Sun 
Rate pilot 
programs 

Developers sign up 
participants; can meet up to 
200% of load 

Customers acquire a portion of the 
power produced by a solar-energy 
system in SDG&E’s service area to cover 
all or part of their electricity use and 
receive a bill credit for the value of the 
solar power their portion generates.  The 
“green attributes” of the solar power 
would belong to the customer and would 
not be applied toward SDG&E’s 
renewable portfolio goals.  

Participants receive bill credit from SDG&E. Proposal 
is to credit participants for their share of system at 
FIT rate plus an "energy payment" based on the DA 
PCIA + adjustments, which is intended to reflect the 
incremental cost of delivery. SDG&E retires RECS for 
subscribed energy 

10 MW available 

http://delaps1.cpuc.ca.go
v/CPUCProceedingLooku
p/f?p=401:56:328823729
6858501::NO:RP,57,RIR:P
5_PROCEEDING_SELECT:
A1201008  

CO 
Colorado Springs 
Utilities 

Muni 
Community 
Solar 
Gardens 

A customer must have a 
solar garden interest of at 
least 0.4 kW 

Springs Utilities customers may purchase 
or lease panels from one of two 
community solar project developers, 
Sunshare (lease) or Clean Energy 
Collective (CEC - purchase). 

Subscribing customers will receive a fixed credit of 
$0.09/kWh on their electric bill for their share of the 
power generated at the community solar garden. In 
2012, Colorado Springs Utilities will provide 
subscribers a one-time, $1.80 per watt incentive up 
to 30% of their solar garden investment.  

2 MW (pilot) 

http://www.csu.org/resid
ential/customer/Pages/C
ommunity-Solar-
Gardens.aspx  

CO 
Delta Montrose 
Electric 
Association 

Co-op 

The 
Community 
Solar Array 
Program 

Co-op members may lease 
any portion of the array 
they wish - provided 
adequate capacity remains - 
in lease increments of $10.  

DMEA leases portions of a solar array to 
members in 2.7-watt blocks. DMEA had a 
goal to divide up the array into small 
enough components that anyone can 
afford to participate. 

The customer is credited at the full retail rate for the 
amount his share produces. 

20 kW 

http://www.dmea.com/i
ndex.php?option=com_c
ontent&view=article&id=
149&Itemid=101 

http://delaps1.cpuc.ca.gov/CPUCProceedingLookup/f?p=401:56:3288237296858501::NO:RP,57,RIR:P5_PROCEEDING_SELECT:A1201008
http://delaps1.cpuc.ca.gov/CPUCProceedingLookup/f?p=401:56:3288237296858501::NO:RP,57,RIR:P5_PROCEEDING_SELECT:A1201008
http://delaps1.cpuc.ca.gov/CPUCProceedingLookup/f?p=401:56:3288237296858501::NO:RP,57,RIR:P5_PROCEEDING_SELECT:A1201008
http://delaps1.cpuc.ca.gov/CPUCProceedingLookup/f?p=401:56:3288237296858501::NO:RP,57,RIR:P5_PROCEEDING_SELECT:A1201008
http://delaps1.cpuc.ca.gov/CPUCProceedingLookup/f?p=401:56:3288237296858501::NO:RP,57,RIR:P5_PROCEEDING_SELECT:A1201008
http://delaps1.cpuc.ca.gov/CPUCProceedingLookup/f?p=401:56:3288237296858501::NO:RP,57,RIR:P5_PROCEEDING_SELECT:A1201008
http://www.csu.org/residential/customer/Pages/Community-Solar-Gardens.aspx
http://www.csu.org/residential/customer/Pages/Community-Solar-Gardens.aspx
http://www.csu.org/residential/customer/Pages/Community-Solar-Gardens.aspx
http://www.csu.org/residential/customer/Pages/Community-Solar-Gardens.aspx
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CO 
Empire Electric 
Association 

Co-op 
Solar Assist 
Cooperative 
Garden 

Participation is open to 
Empire Electric members 

Members may lease one or more panels 
for 20 years at $1,250 each. There are 24 
panels available. 

Participants receive the value of the energy 
produced from their panels on their energy bill, at a 
rate of $0.11/kWh.  Empire Electric will pay for the 
operations and maintenance of the system. 

10 kW 

http://www.coloradocou
ntrylife.org/files/Local%2
0Co-
op%20Pages/2011/06/E
mpire%20June.pdf 

CO 
Grand Valley 
Power 

Co-op Solar Farm 
Participation is open to 
Grand Valley Power 
members 

The Solar Farm allows customers to lease 
solar panels for 24 kW for a one-time 
payment. 

The customer receives a monthly credit on their bill 
for the Panel Production Credits (PPC) generated by 
their leased panels. The PPC is calculated by dividing 
the total generation from the system by the number 
of panels and providing a kWh credit to a 
participant's monthly bill. 

20.68 kW 
http://www.gvp.org/Sola
r/SolarFarmApp.pdf  

CO Holy Cross Energy Co-op 

El Jebel, 
Garfield 
County 
Airport (near 
Rifle, CO)  
(CEC) 

Anyone with a Holy Cross 
electric bill is eligible to 
purchase solar panels, 
including homeowners, 
businesses, renters, lessees, 
community organizations, 
etc. 

Customers can purchase shares (watts) 
of the solar array upfront at a cost of 
$3.15 per watt ($3,150 per kilowatt) 

Monthly bill credit of 11 cents/kWh, or 37% more 
than the $0.08/kWh for traditional solar systems. As 
rates increase, power credits will remain 37% 
greater than the standard credit rate. 

78 kW phase 1 
938 kW phase 2 

http://www.easycleanen
ergy.com/faq.aspx 

CO 
Poudre Valley 
Rural Electric 
Association  

Co-op 

Poudre 
Valley REA 
Community 
Solar Farm 
(CEC) 

The panels are purchased 
and are owned by individual 
consumers who receive 
electricity from PVREA. 

PVREA consumers are able to purchase 
panels for $618 per panel phase 1, $729 
phase 2 

Credits from the electricity generated are applied 
directly to the electric bills of each participating 
consumer in proportion to the number of panels 
purchased. Phase 2 has a $0.04 PBI 

116 kW phase 1 
500 kW phase 2 

http://www.pvrea.com/s
olar/index.html  

CO 
San Miguel 
Power 
Association 

Co-op 

SMPA 
Community 
Solar--
Paradox 
Valley (CEC) 

Open to members of San 
Miguel Power Association 
(SMPA) 

SMPA customers purchase 240-watt 
panel(s)  

Monthly monetary credit for the energy each 
panel(s) produces. Each panel will produce 
approximately $45 worth of electricity per year.  

1.1 MW 
http://www.smpa.com/S
ervice/SMPACommunityS
olar.cfm  

http://www.gvp.org/Solar/SolarFarmApp.pdf
http://www.gvp.org/Solar/SolarFarmApp.pdf
http://www.pvrea.com/solar/index.html
http://www.pvrea.com/solar/index.html
http://www.smpa.com/Service/SMPACommunitySolar.cfm
http://www.smpa.com/Service/SMPACommunitySolar.cfm
http://www.smpa.com/Service/SMPACommunitySolar.cfm
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CO United Power Co-op 
Sol Partners 
Cooperative 
Solar Farm 

Open to all members of 
United Power, including 
those who net meter. 

Customers lease 210-watt PV panels 
within the system, for $1,050 each, for 
25 years 

Customers receive a monthly bill credit for the value 
of their panel’s production at a solar rate slightly 
above the retail credit rate. During the 1st year, the 
original 48 panels produced 17,504 kWh. Energy 
credits totaled $40.12 per panel, equal to a 3.8% 
return. 

21 kW 
http://www.unitedpower
.com/mainNav/greenPow
er/solPartners.aspx 

CO* Xcel Energy IOU 

Solar*Rewar
ds 
Community 
(CEC) 

All customers within Xcel 
service territory. Must have 
at least 10 subscribers per 
CSG. 

Subscription to particular Community 
Solar program 

Total aggregate retail rate less T&D costs 
("reasonable charge") less RESA charge less TCA 
charge. Range from about $0.055 to $0.07, 
depending on customer class plus an $0.09 - $0.11 / 
kWh PBI  

Boulder County 
#1 500 kW (CEC)  
Jefferson County 
#1 116 kW (CEC) 
Jefferson County 
#2 571 kW ($0.04 
PBI) (CEC) 
Denver County #1 
388 kW (CEC) 
Denver County #2 
500 kW (CEC) 
Adams County #1 
500 kW (CEC) 
Summit County #1 
500 kW (CEC) 
Summit County #2 
500 kW (CEC) 

www.coloradocommun
itysolar.com 

http://www.coloradocommunitysolar.com/
http://www.coloradocommunitysolar.com/
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DE* 
Delmarva Power 
& Light 

IOU 
Community 
Energy 
Facility (CEF) 

All customers within 
Delmarva's service territory; 
all subscribers must share 
"a unique set of interests" 

Subscription to particular Community 
Solar program 

If "host customer" for CEF or if on same distribution 
feeder as CEF: "valued at an amount per kWh equal 
to the sum of volumetric energy (kWh) components 
of the delivery service charges and supply service 
charges for residential Customers and the sum of 
the volumetric energy (kWh) components of the 
delivery service charges and supply service charges 
for non-residential Customers..." [essentially full 
retail rate] 
If not on same distribution feeder: "valued at an 
amount per kWh equal to supply service charges 
according to each account’s rate schedule..." 
[essentially gen-only/avoided cost] 
Subscribers retain REC ownership. 
Delmarva has elected to pay (instead of credit) 
customers at these rates. 

Sum total of 
capacity limits of 
each subscriber 
(25 kW res., 100 
kW farm, 2 MW 
non-res.) 

http://depsc.delaware.go
v/electric/reg49%207984
%20compliance%20filing.
pdf 

FL 
Florida Keys 
Electric Co-op 

Co-op 
Simple Solar 
Program 

Open to FKEC members. Customers lease 175-watt panels 

Members receive monthly bill credits for full retail 
value of the electricity generated by their leased 
panel(s). Anticipate approximately $36 in credits per 
year per panel and $1280 in credits total (assuming 
3% annual increase in retail price of electricity). 

97 kW 
http://www.fkec.com/Gr
een/simplesolar.cfm  

FL 
Orlando Utilities 
Commission 

Muni 
Share the 
Sun 

Residential and Non-
demand Commercial 

Energy sold in 1-kW blocks as production 
(kWh’s/kW) 

Current premium is $.025/KWH above residential 
rate 

400 KW 
http://www1.eere.energy
.gov/solar/pdfs/51055_or
lando.pdf  

GA 
Coastal Electric 
Cooperative** 

Co-op 

Renewables 
Solar Farm  
(pilot 
program) 

Open to members of 
Coastal Electric Cooperative 

Customers can lease one 230-watt panel 
for $1,295, for 25 years 

kilowatt-hour credit for the energy generated by the 
panel 

2 kW 
http://www.coastalemc.c
om/CoastalElectricRenew
ables.aspx  

http://depsc.delaware.gov/electric/reg49%207984%20compliance%20filing.pdf
http://depsc.delaware.gov/electric/reg49%207984%20compliance%20filing.pdf
http://depsc.delaware.gov/electric/reg49%207984%20compliance%20filing.pdf
http://depsc.delaware.gov/electric/reg49%207984%20compliance%20filing.pdf
http://www.fkec.com/Green/simplesolar.cfm
http://www.fkec.com/Green/simplesolar.cfm
http://www1.eere.energy.gov/solar/pdfs/51055_orlando.pdf
http://www1.eere.energy.gov/solar/pdfs/51055_orlando.pdf
http://www1.eere.energy.gov/solar/pdfs/51055_orlando.pdf
http://www.coastalemc.com/CoastalElectricRenewables.aspx
http://www.coastalemc.com/CoastalElectricRenewables.aspx
http://www.coastalemc.com/CoastalElectricRenewables.aspx
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KY 
Berea Municipal 
Utilities 

Muni 
Berea Solar 
Farm 

Open to anyone, including 
people who don’t live in 
Berea, KY. 

Customers can purchase a minimum of 
two 235-watt solar panels for $750 each, 
for 25 years. 

In return, customers will receive Panel Production 
Credit (PPC) every billing period for the electricity 
generated by their panels. The PPC is calculated by 
dividing the total generation from the system by the 
number of panels and providing a kWh credit at the 
customer's rate, on the participant's monthly bill. 

28.2 kW 
http://bereautilities.com/
?page_id=348 

MI  
Cherryland 
Electric 
Cooperative 

Co-op 
Cherryland 
Community 
Solar  

Eligible to members of 
Cherryland Electric 
Cooperative or Traverse 
City Light and Power 

 Individuals will sign a 25-year lease 
agreement for a one-time fee of $470 
per solar panel. Participants can also 
apply for an energy optimization rebate 
of $75 and a capital credit rebate of $75.  

CEC members that commit to a lease will receive a 
monthly billing credit for the solar electricity 
produced in that particular month. One solar panel 
is estimated to produce 25 kWh per month on 
average. 

Planned in 
installments 
based on demand 
(56 kW by 
summer 2013) 

http://www.cherrylandel
ectric.com/content/com
munity-solar 

MN 
Wright-Hennepin 
Cooperative 

Co-op 
WH Solar 
Community 
project (CEC) 

Open to members of 
Wright-Hennepin Co-op 

WH members may purchase panels for 
$869 each, system includes battery 
storage 

Customers will receive monthly bill credits for the 
power produced by their panels. 

32 kW 
http://www.whsolarcom
munity.com/ 

NM 
Kit Carson Electric 
Cooperative 

Co-op 
Taos Charter 
School 
project (CEC) 

Open to members of Kit 
Carson Co-op  

Customers purchase 235-watt panels for 
$845 each 

Credit on monthly bills for proportion of energy 
produced 

98.7 kW 
http://www.kitcarson.co
m/  

OR City of Ashland Muni 
Solar 
Pioneers II 

City of Ashland residents  

Customers can purchase the output of 
panels for 18 years: A full panel for $743, 
a 1/2 panel for $371.50 or a 1/4 panel for 
$185.70.  

Customer receives monthly kWh credit at retail 
rates based on power produced by each member’s 
share of project. One panel is estimated to produce 
$480 of savings over 20 years (below program goal 
of equivalent return to on-site systems). 

63.5 kW 
http://www.ashland.or.u
s/Page.asp?NavID=13368  

UT City of St. George Muni 
SunSmart 
Program 

The Purchaser must be the 
owner or in lawful 
possession of residential 
property located within the 
geographical boundaries of 
the City of St. George, Utah. 

Customers may purchase 'units' in 0.5 
and 1 kW increments. 

Customers receive a monthly credit on their electric 
bill based on the monthly kWh derived from % of 
system investment and retail rate. A minimum 
output of 800 kWh is guaranteed. 

100 kW Phase 1 
150 kW Phase 2 
100 kW each 
Phase 3+ 
2 MW max 
(currently at 250 
kW) 

http://www.sgsunsmart.c
om/index.htm  

http://www.kitcarson.com/
http://www.kitcarson.com/
http://www.ashland.or.us/Page.asp?NavID=13368
http://www.ashland.or.us/Page.asp?NavID=13368
http://www.sgsunsmart.com/index.htm
http://www.sgsunsmart.com/index.htm
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VT 
Green Mountain 
Power 
(GMPSolar) 

IOU 

The Farm at 
South 
Village 
(South 
Burlington, 
VT) 

Farm at South Village and 
South Village Community’s 
energy consumption needs. 
The array will also provide 
clean energy to the City of 
South Burlington for the 
City’s traffic lights.  

Group net metering arrangement 
SolarGMP provides owners of solar net metering 
systems in the GMP service area with a $0.06 
payment adder on top of the retail rate. 

147.84 kW 
http://www.encoreredev
elopment.com/projects/r
enewable-energy.html  

VT 
Green Mountain 
Power 
(GMPSolar) 

IOU 
Putney Solar 
Garden 
(CEC) 

Open to ownership by all 
GMP members, credited at 
full retail rate plus $0.06 PBI 

Group net metering arrangement 
Open to ownership by all GMP members, credited at 
full retail rate plus $0.06 PBI 

148 kW 
www.vtsolargardens.co
m 

WA City of Ellensburg Muni 
Community 
Renewable 
Park 

Participant must own, rent 
or lease a business or 
residence that has an 
electrical service with the 
City of Ellensburg if they 
want to receive the periodic 
renewable credit toward 
their utility bill.   

Customer’s pay an initial up-front 
investment (minimum of $250) to co-
own a share of the system 

Customers receive quarterly credit on their electric 
bill at the BPA wholesale energy rate based on 
kWh’s derived from % of system investment.  

36 kW  Phase 1 
21.6 kW  Phase 2 
24 kW  Phase 3 
82 kW Total 

http://www.ci.ellensburg.
wa.us/index.aspx?NID=31
0 

WA Seattle City Light Muni 
Seattle 
Community 
Solar 

City Light customers can 
buy a portion of the output 
from the project for $600 
each. 

500 solar units  available for upfront 
purchase  

Credit of $0.07/kWh and incentive of $1.08/kWh. 
Credit rises with electricity rates. 
Customers receive annual on-bill credit of 7 
cents/kWh (approx. 50 kWh’s/yr/solar unit) 

24 kW 
http://www.seattle.gov/li
ght/solar/community.asp  

http://www.encoreredevelopment.com/projects/renewable-energy.html
http://www.encoreredevelopment.com/projects/renewable-energy.html
http://www.encoreredevelopment.com/projects/renewable-energy.html
http://www.vtsolargardens.com/
http://www.vtsolargardens.com/
http://www.ci.ellensburg.wa.us/index.aspx?NID=310
http://www.ci.ellensburg.wa.us/index.aspx?NID=310
http://www.ci.ellensburg.wa.us/index.aspx?NID=310
http://www.seattle.gov/light/solar/community.asp
http://www.seattle.gov/light/solar/community.asp
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Centralized Solar Projects 

and Pricing Quarterly 

Bulletin Year in Review (Q4 

2012) (2013) 

SEPA's members-only 
quarterly solar projects 
bulletin will provide a 
summary and commentary 
on the centralized PV and 
CSP projects activity in the 
United States.  

2011 SEPA Utility Solar 

Rankings (2012) 

The fifth annual Utility Solar 

Rankings report ranks U.S. 

electric utilities based on the 

solar megawatts and watts-

per-customer in their solar 

generation portfolios.  The top 

ten rankings include national, 

regional by utility-type 

rankings.  The report further 

examines key utility solar 

trends.  

Utility Solar Business Model 
Quarterly Bulletin: "Net 
Metering Issues" – Version 2 
(2012) 
This electronic bulletin is part 
of an ongoing collaborative 
research between SEPA and 
EPRI to document and 
examine the expanding range 
of utility solar business model 
activities in acquiring solar 
energy and owning PV assets. 
The fifth edition explores 
impacts of net metering (NEM) 
on utility revenue collection 
and the utility customer.  The 

report includes NEM revenue 
loss and ratepayer equity 
issues as well as two case 
studies that detail utility solar 
program alternatives to net 
metering offered by the City of 
Palo Alto and Austin Energy. 

Summary Report of the 
SEPA Fact Finding Mission 
to New York and New Jersey 

(2012) 
This Summary Report of the 
SEPA Fact Finding Mission to 
New York and New Jersey 
provides an overview of each 
presentation from the meetings 

and site visits with some 
figures for additional 
detail.  The FFM started in 
Long Island, NY and finished 
in Atlantic City, NJ.  Each day 
included meetings and 
discussion with local utilities 
and other hosts and included 
at least one solar site visit 
each day.  

Germany Fact Finding 
Mission Event Summary 

(2012) 
German policies have spurred 
dramatic renewable energy 
market growth, and the 
corresponding deployment of 
renewable energy resources 
has resulted in an electric utility 
system that is heavily 
saturated by intermittent 
energy sources, including 
solar. SEPA returned to 
Germany in June 2012, the 

site of SEPA’s first 
international FFM five years 
earlier, to study Germany's 
advanced market, the 
country’s successes, current 
challenges and future 
approaches. 

Changing Ownership of 
Distributed Photovoltaics 
(2012) 
Over the past decade, the 
U.S. photovoltaic (PV) market 
has grown at an average 
annual rate of approximately 
70%, with distributed, rooftop 
systems accounting for much 
of the expansion.  Indeed, at 
the end of 2011 there were 
more than 200,000 
distributed PV systems 
totaling nearly 2,500 MWAC 
installed in the United States. 
Within this distributed market, 
three ownership models have 
emerged over time: 
customer-owned, solar 
industry-owned and utility-
owned.  In assessing each 
PV ownership model, the 
paper examines the 
advantages and the 
challenges of each ownership 
model to the respective 
stakeholders, and the critical 
issues at play as the cost of 
PV continues to fall. 
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PREFACE

Preface To The Report
An August 2012 Utility Solar Business Models 
Bulletin from the Solar Electric Power Association 
(SEPA) and the Electric Power Research Institute 
(EPRI) summarized the mechanisms under net-
energy metering (NEM) that may create utility 
revenue losses and ratepayer cost transfers—e.g., 
the shifting of some utility costs to non-solar 
customers.1 It focused on regulatory cost-recovery 
tools and NEM-related innovations seen in the 
utility-solar market to date, but it was limited in 
providing broader regulatory or solar-industry 
context. The report welcomed further input and 
contributed to broad-based discussions, which are 
ongoing, and which SEPA continues to facilitate. 

An early result of those discussions was the 
recognition that participants approach NEM 
policy (and, more broadly, all policies on customer 
energy consumption offset by distributed 
generation) from different backgrounds and 
perspectives. Economic and equitable solar 
integration requires basic understanding of at 
least two disciplines—state utility regulation 
(particularly rate-setting) and principles that are 
considered during the valuation of incremental 
resource additions, specifically distributed solar 
resources (and the interplay between those two 
areas). This paper is an introduction to both 
of those disciplines, with an emphasis on key 
concepts and terms. It is designed to ensure that 
stakeholders engaged in these conversations are 
more fully informed in those areas in order to have 
a common understanding of the lexicon used. 

This paper is laid out in three sections:

 � Section 1 is an introduction, briefly defining 
NEM and describing the status of NEM 
policies across the US.

 � Section 2 deals with state regulatory processes. 
It focuses on ratemaking and rate design, the 
locus for many of the current NEM-related 
efforts across the United States. 

 � Section 3 reviews “solar value” concepts and 
terms. It focuses on the generic definition 
of terms most commonly identified in the 
literature exploring values of resources in the 
distributed setting. These literature resources 
include plans ordered by state agencies and 
regulators and analyses submitted by utilities 
and stakeholders for regulatory review. Section 
3 describes solar-related value terms as neither 
costs nor benefits, but as net impacts, which 
must be assessed for each utility in each 
regulatory jurisdiction.

The goal of each section is to provide an  
unbiased foundation for broad and productive 
participation in NEM-related discussions and 
policy processes. This includes regulators, utility 
staff, and the full range of solar stakeholders.  
The authors understand that all parties work  
under assumptions that need periodic review and 
that an increasingly diverse group of stakeholders 
is entering this complex discussion.

The context for this report is a rapidly changing 
and increasingly dynamic utility environment. 
In particular, as the penetration of distributed 
solar generation increases, the debate on NEM 
policies and impacts is intensifying. Utilities in 
some regions have observed distributed solar 
adoption at rates not previously forecast and are 
now seeing significant amounts of grid-tied solar 
on their systems. Stakeholders across the energy 
space are beginning to understand the system 
impacts of distributed solar and ratepayer equity 
concerns and are exploring policy alternatives for 
the immediate and longer term. Solar stakeholders 
also recognize the need to work with utilities 
in order to support solar market growth and to 
maximize the value of this renewable resource.  
The broad regulatory tenets that guided the US 
utility industry in the last century are still generally 
in place in this current age of technical and market 
complexity. However, as readers will find, the path 
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forward for distributed solar is not simply mapped; 
it must be created by a broad collaboration of 
educated and creative problem solvers.

A bibliography, included in the Appendix, lists 
expert texts and references written from distinct 
perspectives. We hope that this paper will support 
better critical understanding of those references 
and more productive communications going 
forward.
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Introduction

1.0 | NET-ENERGY METERING HISTORY
Net-energy metering (NEM) is a billing mechanism 
for electric utility customers with grid-connected 
distributed generation (DG). NEM facilitates use 
of the electric utility system, allowing customers to 
virtually “bank” generation not used immediately, in 
exchange for kilowatt-hour (kWh) and/or financial 
credits. Those customers subsequently may draw 
on their credits at other times to offset consumption 
and/or charges when the DG system 
is not meeting their full energy 
needs, up to the total amount they 
have banked within the applicable 
period (often 12 months). Specific 
utility NEM policies dictate how 
any credits remaining at the end 
of the period are “rolled over” to 
future periods, compensated or 
retired. Furthermore, somewhat 
independent of the NEM billing 
arrangement, DG customers 
displace energy usage directly, which has important 
ramifications within rate discussions, utility cost 
recovery, and customer perceptions of bill savings.

It is important to distinguish between the energy 
produced by customer DG that offsets on-site 
load in real time and the energy managed through 
a NEM transaction. Each of these transactions 
has distinct impacts on utility costs and their 
recovery. For purposes of the discussion in this 
paper, we refer to both under the inclusive term, 
NEM. In those instances that distinctions between 
the two transactions is necessary this paper will 
make those distinctions. Importantly, in looking 
forward, solutions affording sustainable DG 
integration into utility rates and operations may 
require treating these two transactions differently.

The Energy Policy Act (EPACT) of 2005 required 
state utility regulators to consider NEM, basically 

as defined above.2 Some states already had NEM 
policies when EPACT became law; the first 
state NEM program was enacted in Minnesota 
in 1983. But EPACT encouraged widespread 
adoption. Today, all but seven states (Alabama, 
Idaho, Mississippi, South Carolina, South Dakota, 
Tennessee, and Texas) have statewide NEM policies, 
which may or may not apply to all utilities in the 

state. Of the states without 
policies several have voluntary 
utility NEM programs.

NEM has always been popular 
with solar stakeholders and well 
received by utility customers, but 
at least somewhat controversial 
among utilities and cautiously 
considered by regulators; DG—
and especially customer-side 
DG—introduces challenges 

to distribution system engineering and design 
standards, questions about ratepayer equity, and 
to the regulatory compact that has directed utility 
investment and operations for over a century.3 Note 
however that NEM is not the only tariff mechanism 
advocated by distributed PV stakeholders as a 
means of providing financial value for DG. For 
example, select jurisdictions and utilities have 
introduced feed-in tariffs (FITs) or other ways of 
structuring transactions between the utility and 
grid-connected distributed generators. 

NEM is by far the most common DG billing 
mechanism in the US today. Between 2011 and 
2012, the number of newly installed solar NEM 
systems increased from 61,400 to 89,620—a 46% 
annual growth rate—bringing the cumulative  
total to 302,380 NEM systems. By year end 2012, 
US solar generation under net metering totaled 
more than 3,500 MW-ac. It is striking to consider 

“NEM has always been 
popular with solar 

stakeholders and well 
received by utility customers, 

but at least somewhat 
controversial among  

utilities and cautiously 
considered by regulators.”
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that in 2005, when EPACT passed, total grid-
connected solar capacity nationwide was only 
about 200 MW-ac. 

Among stakeholders and policymakers who aim 
to build the distributed solar market, NEM is 
widely seen as a success story. While introduced 
with some controversy, the 2010 California Public 
Utilities Commission (CPUC) Introduction to NEM 
Cost-Effectiveness Evaluation noted that NEM gives 
customers “tremendous ‘peace of mind,’ knowing 
that exports either will offset their consumption 
at other times or produce a bill credit that can be 
applied in the next billing cycle.”4 

That same report commended NEM for 
encouraging larger systems: “NEM allows an 
intermittent DG resource, such as wind or solar, to 
be sized larger than ‘minimum load,’ so that annual 
generation can be matched to annual electrical 
demand at the site, optimizing the economic value 
of the DG investment.”5 Of course, this statement 
reinforces that even absent NEM, customers benefit 
from their investment in DG by offsetting all energy 
consumption up to the moment that production 
exceeds concurrent consumption. Offsetting of 
consumption with solar production and NEM are 
often cited for the benefits and relative simplicity 
from the perspective of the DG customer. But the 
actual nature of a NEM transaction is not so simple; 
in fact, a NEM customer is generating electricity 
and may be creating other system benefits while 
the utility is providing a variety of support services 
to the NEM customer. At the same time, the 

reconciliation of charges and credits under NEM 
often form a source of confusion for even the most 
savvy program participants.

The growth in DG customers has raised concerns 
among some utilities, regulators, and policymakers 
about whether NEM is suited for long-term use 
in rapidly growing PV markets. The essentials 
of NEM were developed before there was much 
research on the strategic value of PV or on the 
impacts of NEM tariffs on participants, non-
participants, utilities, or the collective body of 
stakeholders. At the beginning, NEM was adopted 
to promote the growth of DG, but caps on 
program size (typically a set percentage of utility 
peak demand) or caps on eligible system size have 
been used in order to monitor, evaluate, and evolve 
NEM policies over time. 

When regulators first approved policies to give 
retail credit for generation returned to the grid, 
they did so to provide a simplified vehicle for DG 
adoption, but did not consider it as a reflection of 
specific solar value. And when most utilities could 
barely imagine that one percent of their customers 
would deploy DG, concerns about rate design, 
customer equity or revenue losses were best put 
off for the future. Now that the number of net-
metered customers in some states has approached 
meaningful numbers (and for other states, will do 
so in the foreseeable future), utilities, regulators, 
policymakers, and solar stakeholders understand 
that—for better or worse—NEM policies have 
become consequential.

1.1 | THE STATE OF THE STATES ON NET METERING
In many states, rising solar market penetration 
has triggered NEM policy and tariff reviews. In 
some cases, regulatory processes have even caught 
the media spotlight. A debate in California last 
year over how to interpret the state’s increased net 
metering cap was covered in The New York Times.6 
Similarly, when the New York Public Service 
Commission directed Central Hudson Power 
Corporation to triple its net metering limits (and 

subsequently raised the aggregate cap to 3% for all 
state IOUs), there was interest beyond the utility’s 
territory.7 

Increased legislative and regulatory attention to 
DG and NEM policies has also prompted new (or 
updated) analyses to be conducted in a number of 
states. One example is the December 2012 Navigant 
Consulting billing gap study prepared for Arizona 
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Public Service (APS) that found subsidies to solar 
distributed energy customers when considering 
energy benefits.8 Another example is an update 
of a California PUC study of NEM-ratepayer 
impacts and cost-of-service, which is expected 
to be completed by Energy and Environmental 
Economics, Inc. (E3) no later than September 
2013. Finally, The Vote Solar Initiative, a national 
solar advocacy group, released a study in January 
2013 based generally on the E3 methodology but 
with modifications, finding a subsidy in the other 
direction, with NEM customers providing a net 
benefit to non-NEM customers.

For NEM policy updates from across the nation, 
the Database of State Incentives for Renewables 
and Energy Efficiency (DSIRE) provides access 
to searchable policy updates. Further, Interstate 
Renewable Energy Council (IREC) and the Vote 
Solar Initiative produce an annual report focused on 
state NEM policies, called Freeing the Grid.9 While 
state-by-state “scores” are an obvious advocacy tool 
for particular policies, this document’s reasoned 
approach for information gathering is useful to 
track NEM policy changes in every state, based on 
the following characteristics:

 � Individual system capacity allowed

 � Total state NEM capacity cap

 � Value used (wholesale or retail) and billing 
period for rollover of unused kWh credits

 � Metering provisions

 � Renewable energy credit provisions

 � Constraints on eligible customers or 
technologies

 � Safe-harbor provisions, which disallow 
some charges or requirements that might 
be considered specific to distributed solar 
customers

 � Variations, such as aggregated net metering or 
virtual metering for community solar projects

The Regulatory Assistance Project (RAP), which 
also monitors state NEM developments, noted a 

half-dozen important NEM trends at the end  
of 2012.10 These included challenges to increasing 
state NEM aggregate capacity, allowances for greater 
per-system capacity, more states compensating net 
excess generation, improved guidelines regarding 
solar REC ownership, accommodations for third-
party and community solar projects, and testing 
of more NEM alternatives, such as FITs and solar 
tariffs, by some utilities.

Increased focus on the impact from DG resources 
on the electric distribution system and bill credits 
for DG energy offsets and NEM is driving efforts 
to consider an evolution of DG and NEM policies.

Recently, some utilities have proposed network-use 
charges for solar customers. These are also known 
as access fees, solar riders, or standby charges, 
depending on their structure. They are designed 
to recover a portion of the utility fixed costs that 
have typically been embedded in volumetric, 
per-kWh rates. In principal, this approach allows 
those fixed costs to be collected from all customers 
and specifically from DG customers whose kWh 
purchases are offset by their solar generation. 
Fixed costs might include certain transmission 
and distribution services charged on a customer’s 
retail bill. Other costs that must be considered 
include those for various social programs (i.e., DG 
incentive or energy efficiency programs) that are 
included in customer rates.

Regulatory and public acceptance of network use 
and other related charges has been very mixed. 
In 2009, Xcel Energy in Colorado proposed a 
network-use charge that was withdrawn by the 
utility after significant stakeholder pushback. 
In 2011, Public Service of New Mexico (PNM) 
proposed a similar solar charge, which the utility 
also withdrew. About the same time, Dominion 
Power, in Virginia, supported legislative changes to 
allow, and subsequently proposed a standby charge 
for net-metered customers, which was approved 
by the state commission. However, it applies only 
to residential systems of 10 kW or larger—a very 
small segment among residential consumers in 
that territory. 
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A few other states, including North Carolina, have 
approved similar charges for larger net-metered 
systems. The California PUC’s procedural decision 
not to consider a proposed San Diego Gas and 
Electric (SDG&E) network-use charge last year 
underscores the continued lack of consensus 
surrounding these proposals.

A key underlying challenge is how to assess the  
net value of distributed solar resources to the 
system for all ratepayers, including specifying 
benefits as well as identifying grid-support  
services provided to the NEM customer. The 
analysis can be performed from a rate-impact 
(non-participant cost) perspective, from the 
broader, total resource cost perspective, or from 
other regulatory perspectives. The questions 
include what services are provided to and 
which costs need to be recovered from the DG 
customer as well as what benefits are provided 
by a DG customer and the appropriate level of 
compensation. Even more fundamental questions 
also arise such as how to adapt utility cost-recovery 
models for an increasingly diverse, distributed 
resource landscape. As a result, proposed solutions 
range from quick fixes, to targeted innovations, to 
deep work that may reinvent the utility industry, 
its regulation and the resulting business models.

Works in progress (or recently concluded) 
include NEM benefit/cost studies and cost-of-
service studies in Arizona, California, Colorado, 
Michigan, Ohio, New York, Texas, Vermont, and 
other states. The fast-growing distributed solar 
market in Arizona has prompted commission 

deliberations and an expedited study of NEM rate 
impacts and solar value for Arizona Public Service 
(APS), including updates to a frequently cited 2009 
study.11 As a result of the APS process, the Arizona 
Corporation Commission has decided to open 
a formal docket to address net metering issues 
statewide. High-profile solar industry-sponsored 
studies include the Vote Solar/Crossborder Energy 
report, an IREC report for the Solar America 
Board for Codes and Standards (funded by the 
U.S. Department of Energy), and a fall 2012 report 
by Clean Power Research for the Mid-Atlantic 
Solar Industries Association.

Legislation was passed in CA directing the 
Public Utilities Commission to study the costs 
and benefits of NEM and calculate the ratepayer 
impacts and cost of service of solar customers. 
Added to this list is a recent proposal for a NEM 
alternative, called “SmartFIT,” introduced in 
Solar Today magazine by Richard Perez, Tom 
Thompson, and Tom Hoff, and others.12 Forward-
looking proposals to reform utility energy services 
pricing have come from SDG&E13 and others. A 
comparative summary of select published reports 
is included in the Appendix. Much NEM research 
has been aimed at specific legislative or policy 
questions (e.g., NEM capacity limits, solar carve-
outs in Renewable Portfolio Standards (RPS), etc.) 
or in utility rate-case proceedings that include 
NEM provisions. A few “meta studies” are also 
anticipated in the coming year, in hopes of gaining 
more clarity on NEM issues and paths forward.



RATEMAKING, SOLAR VALUE AND SOLAR NET ENERGY METERING | PRIMER

SECTION 2

5

Regulatory Processes For  
NEM Policy Review

2.0 | REGULATORY OVERVIEW
State lawmakers often set the tone for state 
policies crediting DG customers for their systems’ 
production and potential export—for example, 
by passing NEM-related legislation. However, 
legislators typically instruct state regulatory 
commissions (and in some cases, the policy boards 
for public power utilities and electric cooperatives) 
to develop specific NEM or NEM-alternative rules 
and guidelines. In turn, the regulatory process 
engages a range of stakeholders to draft related 
rules and regulations, which must then be approved 
by the commission. In some cases, litigation must 
be resolved before final adoption. Utilities are 
subsequently charged to implement policies and 
rates for crediting DG system production (NEM or 
alternatives) subject to continuing regulatory review.

Thus, there are several opportunities for utilities and 
stakeholder groups to participate upstream in DG-
related state policy development and downstream, 
in specific related regulatory proceedings, including 
NEM-specific proceedings. 

This section is aimed at helping all parties understand 
the underlying regulatory principles, solar-value 
considerations, and steps in DG- and NEM-related 
regulatory proceedings. First, it addresses the 

fundamental challenge of balancing sometimes 
conflicting regulatory goals. Then, the section focuses 
on major steps in the ratemaking process, the locus 
of most DG- and NEM-related policy discussion 
today. Multiple ratemaking steps are summarized 
in the following section. The purpose is to highlight 
how these steps impact utility revenue, determine 
and allocate costs to different customer classes, 
and serve as a basis for rate design to meet certain 
policy objectives. This section distinguishes between 
recoverable costs—meaning costs that may be 
reflected in utility rates—and non-recoverable costs, 
including costs that are external to the utility and 
therefore borne by the broader population. Specific 
benefits and cost impacts related to solar DG, which 
are relevant to ratemaking, are briefly discussed in 
Section 3 of this report.

The concepts and terms in this paper are intended to 
be generic for regulated, investor-owned utilities with 
distribution responsibilities. Public power utilities 
and member-owned electric cooperatives can be 
regulated by a state commission but usually have 
their own regulatory bodies and distinct processes. 
Nonetheless, much of this discussion applies in some 
fashion to public and cooperative utilities. 

2.1 | RATEMAKING OBJECTIVES
State utility regulation is a long-established 
practice, with a mission that is specific in some 
areas and broad in others. Fundamentally it comes 
down to setting the rates that utility customers 
pay for the services they receive in order to assure 
fairness to customers and the continued viability 
and improvement of in-state electricity services. 

In achieving this, regulation must be responsive 
to changes in technologies, markets, and societal 
needs. This set of obligations is on display when 
regulators seek to address rates for solar customers 
and related policies for crediting their production 
and export, including NEM policies.
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The regulatory challenge of balancing numerous 
and sometimes conflicting objectives was famously 
described by James C. Bonbright in Principles of 
Public Utility Rates, some fifty years ago.14 Bonbright 
outlined three sets of objectives for rate-setting, 
which were so well supported by case law and so 
widely accepted that they are still cited in regulatory 
cases today. These are summarized below.

The regulator’s job involves striking a balance 
among all these objectives, recognizing current 
market conditions and evolution. 
For example, regulators are 
pressed to consider the benefits 
of innovation, such as solar 
development, while keeping an  
eye on risks and how costs are a 
pportioned. As another example, 
a state’s preference for utilizing 
“least cost” resources might be 
tempered, as regulators consider 
simultaneous commitments to long-term rate 
stability, efficiency, economic development, 
environmental goals and other risks and benefits.

In addressing rates that impact solar DG customers, 
regulators generally place a priority upon the need 
for adequate and equitable (fairly apportioned, non-
discriminatory) revenue collection from both non-
solar and solar customers. But they remain mindful 

of other objectives. If a shortfall or inequity resulting 
from a proposed DG rate is deemed to be modest 
in magnitude or duration, regulators might decide 
that progress toward other policy objectives tips 
the balance in favor of the rate. Practical concerns 
can trump analytical precision, too. Regulation is 
not a science, but it is a well-established practice. 
Regulators must become accustomed to dealing 
with complexity, ambiguity, and competing 
priorities in making sound decisions about DG 

policies and NEM, as with a range 
of other regulatory concerns.

The following discussion  
presents considerable detail  
on the ratemaking process, 
including how ratemaking 
proceedings unfold and their 
most central concerns. This 
is done simply because DG 
and NEM policy-making 

is increasingly taking place in and around 
ratemaking processes where there is interplay 
between NEM rules and the rates that return value 
to the DG customer. Further, at the root of these 
proceedings is the interplay between rate-related 
benefits offered to a solar DG customer and the 
value that same DG customer has returned to the 
electrical system. Regulators generally agree that 

REVENUE REQUIREMENT REVENUE COLLECTION PRACTICAL CONCERNS

1. Rates should yield 
the total revenue 
requirement

2. Rates should provide  
predictable and stable  
utility revenues

3. Rates themselves 
should be stable and 
predictable

4. Rates should be set so as to promote 
economically efficient consumption 

5. Rates should reflect the present and future 
private and social costs and benefits of 
providing services (i.e., internalities and 
externalities)15

6. Rates should be apportioned fairly among 
customer classes and among customers in 
each class

7. Undue discrimination should be avoided

8. Rates should promote innovation in  
supply and demand (dynamic efficiency)

9. Rates should be simple,  
certain, conveniently 
payable, understandable, 
acceptable to the public, 
and easily administered

10. Rates should be, to the 
extent possible, free from 
controversies as to proper 
interpretation.

BONBRIGHT’S THREE SETS OF OBJECTIVES FOR RATE-SETTING

“Regulators must become 
accustomed to dealing with 

complexity, ambiguity, 
and competing priorities 

in making sound decisions 
about DG policies and NEM,  

as with a range of other  
regulatory concerns.”
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the specific impacts (benefits and costs) of DG 
solar should be reflected in utility rates in a way 
that is consistent with the treatment of all costs of 
service. However, there are sometimes statutory 
limits in the ability of regulatory agencies to 
implement measures that would ensure such an 
outcome.

Throughout this paper the term “value” is used to 
reflect both potential benefits and costs. The term 
is not used to imply a resulting net-value but rather 
assumes that both costs and benefits must be fully 
considered, which in many instances is the subject 
of utility specific analysis presented to its oversight 
body for consideration.

2.2 | STEPS IN THE RATEMAKING PROCEEDING
Stakeholder groups, public agencies and institutions, 
individual citizens, and utilities have many 
opportunities to contribute to DG-related policy 
development, but the culmination of these has 
generally been a rulemaking proceeding. Given 
the types of issues arising currently, utility 
rate proceedings are likely to be the venue for 
addressing DG crediting and NEM policies. Utility, 
regulatory, and consumer-advocate agency staff 
participate in these proceedings by law, as statutory 
parties. Other participants, called “interveners,” 
typically must petition the regulatory commission 
to participate. Most interveners represent affected 
groups or government entities, and in nearly all 
cases, they must be represented by legal counsel. 
In a general rate proceeding, an intervener might 
address the entire case or just specific issues, such 
as low-income concerns or renewable energy 
interests. In some states, interveners may qualify 
for financial assistance, but often, they must cover 
their own (sometimes considerable) costs.

Table 2.1 summarizes a typical schedule for a 
general rate case. The timeline shown is a rough 
estimate—it could be shorter or much longer, 
depending on the state and the issues at stake. 
DG- and NEM-related issues have not historically 
been the headliner issues in a general rate case. 
They might take shape as a proposed NEM-
participation cap, amendment to an existing 
NEM tariff, network-use charge or standby rate, 
revision of the customer charge, or some other 
relatively small proposal in the overall case. Parties 
interested in these issues should expect to follow 

MONTHS FROM FILING DATE

NOTICE OF INTENT TO FILE DUE

INITIAL UTILITY FILING OF 
TARIFFS & EVIDENCE DUE

DISCOVERY PERIOD ENDS

STAFF & INTERVENER EVIDENCE DUE

REBUTTAL EVIDENCE DUE

REBUTTAL DISCOVERY PERIOD ENDS

EXPERT WITNESS HEARINGS

PUBLIC WITNESS HEARINGS 
& COMMENTS

BRIEFS DUE

COMMISSION DECISION

-2

-1

0

1

2

3

4

5

6

7

8

9

TABLE 2.1. TYPICAL SCHEDULE FOR  
A MAJOR RATE CASE

Source: RAP 2011
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every step of the ratemaking process in order to 
keep a focused view on specific matters of interest.

Ratemaking hearings are conducted like court 
proceedings. Expert testimony is filed, rebutted, 
and sometimes surrebutted in advance. At 
hearings, expert witnesses are questioned and 
incisively cross-examined. There may be questions 
from the bench. Usually public comments are 
accepted. These would be secondary to expert 
testimony, but they could be influential. One 
veteran intervener noted, “A large turnout with 
a clear, concise, relevant message can inform a 
commission’s decision, where the evidence and 
law give … some discretion to craft an equitable 
resolution.”16 Commissioners may be present at all 
hearings, but more often they review filed briefs, 
proposed orders from staff, and exceptions (final 

comments) before conferring, often in public, to 
issue a final order.

As noted above, regulators have the responsibility 
and the power to weigh conflicting objectives in 
deciding a case within the confines of their legal 
authority (which in some states may be limited by 
particular sections of code). Sometimes parties 
anticipate the need for negotiation—usually on 
a particular issue—and propose a stipulation or 
settlement. The commission may accept or reject 
their proposal. Whatever the decision, parties 
have a final chance to pursue their arguments, 
as commission decisions may be appealed to the 
courts. However, it should be noted that appellate 
courts often defer to the expertise of the regulatory 
body, unless the decision can be shown to be 
arbitrary and capricious.

2.3 | THE REVENUE REQUIREMENT
In the conventional ratemaking process, the 
utility’s primary concern is establishing its revenue 
requirement.17 This is the total amount of revenue 
the utility would need to cover its expenses, plus 
costs in its rate base (primarily capital investment), 
on which it is eligible to make an approved rate  
of return.

The use of an approved rate-of-return is 
characteristic of regulated utilities, and has been 
upheld repeatedly by the US Supreme Court. The 
authorized rate-of-return is based on the return 
on investment for businesses that face comparable 
risks, and it is aligned with the cost of capital needed 
for utility investments.18 However, there is no 
guarantee that the utility will earn its rate-of-return. 
The utility may experience higher costs or lower 
revenues than predicted. For example, an economic 
recession may trigger energy conservation and a 
loss of industrial loads—thus, lower revenues. The 
converse is true, too. A utility can realize savings 
on expenses beyond those anticipated in its last 
rate case. For example, staff vacancies could lower 
total personnel costs, or a dip in transportation 
fuel prices could add up to savings for field service 

operations. Interested stakeholders regularly 
monitor case-by-case situations and may increase 
public pressure when earnings seem unbalanced.

In select jurisdictions, regulatory mechanisms 
generally referred to as “decoupling” insulate utility 
earnings from changes in sales revenues, even in-
between rate adjustment proceedings. This results 
in the utility being indifferent to, and potentially 
promotional of, customer-side demand reductions. 
However, the reduced sales revenues, net of costs 
avoided, are then absorbed by all other customers.

At the outset, the selection of the test year is key. 

  Annual Operating Expenses 
 +  Depreciation Expense 
 +  Taxes 
 +  (Net Depreciated Rate Base Investment)  

                        × Rate of Return

 =  Total Cost  
 =  Revenue Requirement

BASIC REVENUE REQUIREMENT FORMULA
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A test year is the full accounting of a utility for a 
12-month period, which is used as the basis for 
modeling the revenue requirement in a rate-case 
proceeding. Regulators may choose a forward-
looking test year, requiring modeling of future 
conditions, or they may focus on the realistic (and 
generally less complicated) process of developing 
a historic test year analysis that also includes pro 
forma adjustments to reflect future conditions.17 
Different commissions take different approaches, 
and some make adjustments, such as weather 
normalization—the process of adjusting the test-

year costs and revenues to those of an “average” 
weather condition year. Basing the revenue 
requirement on one proximate test year means 
that rate setting is incremental by nature. Complex 
multi-year utility system upgrades, demand-side 
programs with significant long-term cost impacts, 
and similarly long-term customer solar programs 
are reflected, but only as they would look in the 
single test year. The adjusted test year establishes a 
relationship between costs and billing parameters 
intended to be reflective of actual experience once 
the new rates go into effect.

2.4 | EXPENSES AND COSTS IN RATE BASE
Two major cost categories comprise the revenue 
requirement—expenses and costs in rate base. 
Expenses include operating and maintenance costs 
(i.e., labor, program, and administrative costs) 
and associated materials cost, as well as rents, 
fuel, and purchased power, including resources 
acquired under Power Purchase Agreements 
(PPAs). Depreciation expense, amortization (i.e., 
an increment of costs for unusual expenses that are 
spread over several years), taxes, and uncollected 
billing revenues are also counted as expenses.

Costs in rate base are mostly capital investments. 
Power plants in service, distribution system 
investments, and transmission investment (all if 
applicable), and the cost of facilities apply, minus 
accumulated depreciation. Some materials and 
supplies, such as stockpiled fuel, count as rate-base 
costs, not expenses. Utilities are also allowed some 
working cash in rate base. Accumulated deferred 
taxes are subtracted, as are other customer 
contributed capital, and there may be other 
adjustments. 

The determination of costs in rate base is 
important because the total of net rate base costs 
are multiplied by the approved capital structure 
and return-on-equity to determine allowed 
revenues for shareholder earnings. Arguably, this 
means that, all other things being equal, utilities 
have an incentive to increase rate base costs, and 

this sometimes leads to assertions that utilities 
over-engineer and over-build their infrastructure.

Prudency reviews are designed to evaluate 
and ultimately resolve such criticisms of over-
investment in rate base. Parties review the utility’s 
expenses and investments to determine if they are 
prudent, and thus allowable costs for recovery. 
Ultimately, the regulatory commission decides. 
Many questions might be asked in a prudency 
review, concerning issues such as necessary and 
reasonable costs to provide adequate service and 
the benefit to ratepayers as a whole.

EXPENSES COSTS

Operating Power Plants

Maintenance 
(Labor, Program, 
Administrative)

Distributed System 
Investments

Associated 
Materials (Rent, 
Fuel, Power)

Transmission Investments

Taxes Facilities

Uncollected Billing 
Revenues

Materials & Supplies 
(Stock-piled Fuels)

REVENUE REQUIREMENT CATEGORIES



SOLAR ELECTRIC POWER ASSOCIATION

10

2.5 | DISTRIBUTED SOLAR AND THE REVENUE REQUIREMENT
It is reasonable to ask how distributed solar 
resources affect the utility revenue requirement. 
The answer depends on state regulatory practices 
and on the specific utility—especially whether the 
utility has enough distributed solar on the grid 
to create an identifiable fingerprint. Generally, 
costs that might be considered include financial 
incentives and associated administrative costs 
(if offered), interconnection and integration 
costs, billing and related administrative costs, 
and distribution demand capacity or standby 
costs. Generally, distributed solar costs are not 
specifically discernible in revenue-requirement 
analyses for utilities with relatively little distributed 
solar. Further, distributed-solar impacts that 
could lower utility expenses, such as power supply 
costs, and/or defer rate-base investments are not 

identified as such in revenue requirement analyses 
today. Questions that arise from this situation 
include the following:

 � Are specific adjustors in place for identified 
distributed generation programs, and does the 
utility have reason to isolate certain costs and 
services in ratemaking?

 � How are impacts accounted for, and what 
is the timeframe for being able to measure 
impacts that can change over the life of a solar 
investment? How does this get captured when 
the analysis is limited to a single test year? 
Does this contribute to or drive avoided-cost 
impacts?

Avoided cost is the cost at the margin to meet an 
additional energy need. It is an incremental (unit) 
cost, typically $/kWh or $/MWh. Yet in practice, the 
term avoided cost has taken on different meanings, 
based on the perspective taken. Three relevant 
perspectives include the wholesale utility’s, the 
distribution utility’s, and the solar customer’s.

From the wholesale utility’s perspective, the standard 
for assessing avoided cost was set by the Public 
Utilities Regulatory Policy Act of 1978 (PURPA). 
That act required the Federal Energy Regulatory 
Commission (FERC) to adopt regulations for utilities to 
buy electricity from qualifying non-utility generating 
facilities, known as QFs.20 In this context, avoided 
cost is the cost at the margin to meet an additional 
unit of utility (energy and capacity) need, and it is the 
basis for the rate that a wholesale utility would pay 
for QF generation. Each state uses a different, specific 
calculation to set avoided-cost rates—for example, 
reflecting market characteristics and whether it is a 
long-run or short-run avoided cost.

From the distribution utility’s perspective, additional 
marginal costs—besides energy and capacity—are 

typically included in the avoided-cost calculation. For 
example, in California, the avoided cost calculation 
for a distributed generation FIT program looked at 
seven components: energy, generation capacity, 
ancillary services, certain environmental costs, 
transmission capacity, distribution capacity, and 
electrical system losses. Again, each state would use 
a different, specific calculation for this value. The 
calculation of distribution utility avoided cost is used 
in ratemaking, including DG and NEM proceedings, 
and also in integrated resource planning, assessing 
policy alternatives (e.g., RPS compliance costs), and 
other utility investment analyses. Section 3 of this 
report discusses net solar-value impacts in a context 
of avoided costs. 

The solar customer is likely to think of avoided cost 
as bill savings that result from installing a grid-
connected PV system. The solar customer perceives 
the total bill savings as his or her aggregate avoided 
cost. Clearly, this is a very different perspective from 
the utility perspectives described above.

WHAT IS AVOIDED COST?



RATEMAKING, SOLAR VALUE AND SOLAR NET ENERGY METERING | PRIMER

SECTION 2

11

These and other questions highlight important 
cost-saving and cost-driving impacts that need 
further examination. For example, customer-
sited solar could contribute to a lower need for 
purchased power. That might lead to accounting 
for reduced line losses and other 
secondary impacts. A utility with 
increasing solar DG might even 
be able retire an old, less efficient 
generator. However, the cause 
and effect might be difficult to 
determine: the retirement could 
be associated with a variety of 
changing conditions—perhaps 
including the growing solar market or perhaps 
not. Alternatively, increased investment to ensure 
reliable operations in a local area due to increased 
penetration of customer-sited solar could be a cost 
driver. Further, at certain high penetrations of DG 
utilities might experience broader distribution 
or transmission system costs. In the end, revenue 
requirement analyses are focused on test-year end 
results, not necessarily the direct cause and effect 
reasons for the results. 

Some utilities are experiencing enough solar 
DG installations to recognize impacts on the 
system as a whole, and they are beginning to 
incorporate these impacts into the rate-setting 
process. Utilities in California, Arizona, Hawaii, 

and in parts of the Northeast 
(e.g., participants in the Mid-
Atlantic Distributed Resources 
Initiative) are at the forefront of 
such innovation. Projects like the 
Rocky Mountain Institute (RMI) 
EDGE model, funded under 
the US DOE SunShot Initiative 
and SEPA’s work in partnership 

with EPRI are also aimed at understanding solar 
DG in operational, infrastructure-investment, 
and business-model innovation contexts. 
Taken together, their work and similar efforts 
could contribute to better revenue-requirement 
analyses and better alignment among revenue 
requirements, cost-of-service studies, and solar 
tariffs. 

2.6 | COST OF SERVICE
A cost-of-service study applies the revenue 
requirement to all of the utility’s customers, which 
are divided into classes based on shared energy-use 
characteristics. Major customer classes typically 
include residential, commercial, industrial and 
agricultural. Once the relative cost of serving each 
class is determined, the utility can set the rates 
needed to yield the total revenue requirement.

Historically, utilities used basic inputs to calculate 
cost-of-service, such as the total number of 
customers in the class, peak usage of the class, 
average density of customers per square mile, 
service voltages required, average annual and 
seasonal energy use, and data from low-resolution 
load studies. Today, utilities have much more 
data, leading to more accurate analysis and more 
classes (or sub-classes), with corresponding tariffs. 

These may include customers with premium 
power-quality demands, high-demand or demand-
response customers, public-facility customers, etc. 
Residential customers with grid-connected PV 
systems might be considered a sub-class within the 
residential class; commercial customers that have 
grid-connected PV might be considered a sub-
class of their larger encompassing class. However, 
as discussed below, whether to identify sub-classes 
and the depth of analysis for cost-of-service varies 
among utilities and regulatory authorities today.

The total cost of service for each class includes 
common costs, joint costs, and direct-assigned 
costs. Common costs are borne by all rate classes, 
but are not directly caused by any of them. An 
example would be costs for the utility’s company 
headquarters. Joint costs are directly caused by more 

“In the end, revenue 
requirement analyses are 
focused on test-year end 
results, not necessarily 

the direct cause and effect 
reasons for the results. “
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than one customer class. These costs of service 
might be divided functionally (e.g., production, 
transmission, distribution), and then subdivided 
further and apportioned.21 Apportioning joint 
costs properly among applicable rate classes is a 
major part of a cost-of-service study.

Finally, direct-assigned costs are those that are 
caused directly by a customer class and are assigned 
directly and exclusively to a particular rate class. 
For example, an industrial customer might require 
a dedicated substation or system protection 
equipment. Assigning such costs 
is sometimes controversial, but 
the practice reflects a regulatory 
commitment to cost-based rates.

About 30 states use an “embedded 
cost” method when performing 
cost-of-service studies, meaning 
that they focus on actual, historic 
costs reflected on the accounting 
books of the utility. The other  
states use a “marginal cost” 
approach, meaning that they focus 
on the incremental cost for expanding plant or 
energy supplies, based on current or prospective 
costs. The former approach may be criticized as 
static and backward-looking; the latter approach 
may be criticized as incomplete—shorting fixed 
costs and producing different results depending 
on the time horizon used. Yet both methods have 
proven acceptable  
in practice.

Cost-of-service analysts are cautious about 
assigning the cost of an investment to one sub-
class if the benefits flow to the entire class or to  
all ratepayers. However, utility planning and policy 
studies that compare costs and benefits of different 
investment paths should not be confused with 
cost-of-service studies. The planning approach 
may be informative, but a cost-of-service study 
focuses tightly on the costs of established or  
(using a marginal-cost approach) fully anticipated 
system needs. 

For most utilities today, solar DG customers 
would comprise a very small sub-class of a few 
hundred or few thousand customers, distinguished 
primarily because they provide relatively low 
revenue and utilize utility infrastructure in ways 
previously not considered. As noted above, 
utilities have historically accounted for few, if any, 
differences in cost of service between solar DG 
customers and others in a similar rate class without 
solar DG. Thus, a rate equity question might arise, 
in the effort to treat customers within each major 

class alike, because analysts 
could question the shortfall in 
the revenue recovered from solar 
customers, compared to other 
customers in the class. The utility 
might say that this shortfall—
magnified by NEM—is evidence 
of a policy-driven subsidy. 
But, without more analysis, it 
would be difficult to support or 
challenge that assertion.

When the cost of service for 
solar DG customers and NEM-related issues are 
specifically addressed in a rate case or a related 
proceeding, the utility might prepare a more 
in-depth analysis. For example, a utility might 
check past estimates of solar integration costs 
against the actual costs of working on relatively 
high-penetration solar circuits. A range of system-
wide and solar-specific research, including field 
monitoring and modeling, can help utilities better 
understand the interplay and associated costs and 
potential benefits of DG solar interconnected to 
utility infrastructure. 

The state of the art for understanding the net cost 
of solar on a complex and ever-changing grid 
is still evolving. A 2012 study from Lawrence 
Berkeley National Laboratory (LBNL), Changes 
in the Economic Value of Variable Generation at 
High Penetration Levels, surveyed related research 
available today. It observed a growing body of 
literature, but noted that much of the existing 
work from utilities, research institutions, and 
stakeholders tended to either:

“The relatively narrow focus 
of most methodologies 
for assessing the cost of 

service for solar customers 
is in keeping with the 

traditional incrementalism 
of utility ratemaking. Yet 
the limitations of these 

methodologies suggest a 
looming challenge.“
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1. Focus on longer term value (of variable 
resources), but lack high temporal resolution 
and/or consideration of the operational 
constraints of conventional resources…, or

2. Have high temporal resolution and pay 
significant attention to operational constraints, 
but assume a static mix of conventional 
generation…, thereby focusing on short-run 
impacts and ignoring long-run dynamics.22 

In other words, there is a gap in the way that 
studies of economic value of renewables are 
conducted: those studies that account for the long 
run economic value do not account for detailed 
operational impacts, while those studies that 
account for detailed operational impacts don’t 
account for long run economic value. The LBNL 

study and similar works point to the need for a 
broader and longer view in utility planning and 
investment, and subsequently in apportioning the 
net cost of specific resources through rates.

The relatively narrow focus of most methodologies 
for assessing the cost of service for solar customers 
is in keeping with the traditional incrementalism 
of utility ratemaking. Yet the limitations of these 
methodologies suggest a looming challenge. 
Regulators may call for better data and better 
analytical tools to modernize cost of service 
research, or they may call for a radically new 
approach. In keeping with their overarching 
goals, they would most likely aim for ratemaking 
outcomes that are more comprehensive, but also 
cost-effective, relatively stable, and relatively simple.

2.7 | ALLOCATION OF COST OF SERVICE
In general, residential and small-business classes 
have higher total costs per kWh of electric use 
because they require more distribution investment 
than larger customers (i.e., service is provided at 
lower voltages) and they have relatively lower load 
factors; thus, requiring more capacity per unit of 
usage. The residential and small business classes 
may also have proportionally 
greater energy use during peak 
periods of the day and year. 
Large commercial and industrial 
customers are assigned lower total 
costs on a per kWh basis, because 
they have more stable loads, often 
take power at higher voltage levels, 
and have higher load density in 
relation to distribution infrastructure. Their capacity 
requirements often are directly covered by separate 
demand charges and those demand charges are 
often significant relative to the total retail rate. 
Beyond these generalizations, specific cost burdens 
are allocated to specific sub-classes based on cost 
causation, either as separate charges or as a distinct 
tariff.

Regulators also allow other considerations to 
affect rate outcomes. They may seek to minimize 
rate increases on residential customers or phase 
in increases slowly. Regulators may be asked to 
encourage economic development—occasionally 
focusing on specific industries. They may shift 
cost burdens somewhat in order to support energy 

efficiency or renewable energy 
goals. Still, unless directed by 
statute, they cannot stray too 
far, or their decisions might be 
overturned in court.

The regulatory guide, Energy 
Utility Ratesetting, cites an 
established strategy called 
“setting a band” of acceptable cost 

allocation, so that each class covers a proportional 
share of the utility’s revenue requirement, plus 
or minus a modest percentage (say, 10%).23 The 
purpose of this strategy is to make room for 
uncertainties and non-cost considerations. While 
this is only a rule of thumb, it underscores how 
utility regulators use judgment, as well as analytic 
findings in setting rates.

“...specific cost burdens  
are allocated to specific  

sub-classes based on  
cost causation, either  
as separate charges or  

as a distinct tariff.”
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2.8 | RATE DESIGN
The process of designing just and reasonable 
rates requires balancing considerations for the 
sometimes-conflicting regulatory objectives listed 
in Section 2.1, above. Historically, the primary 
tools for cost recovery in rates have been the fixed 
customer charge ($/month), the volumetric energy 
charge ($/kWh), the demand charge ($/kW) and 
reliability-related (e.g., power factor) charges. 
Other rate components have proven effective in 
specific situations or on a state-by-state basis. As 
this report discusses below, ratemaking trends are 

more frequently relying on dynamic rate-setting 
tools, such as riders or adjustor mechanisms. These 
address the fact that in an efficient, modern utility, 
conventional revenue recovery may no longer keep 
pace with utility system costs, investment needs 
and the changing dynamics of customers which 
have a growing range of energy related choices 
ranging from DG to demand response.

In deregulated states, local utilities are focused 
on distribution—the delivery of energy from 

The regulatory mission, as discussed in Section 2.1 
above, included considering “the present and future 
private and social costs and benefits of providing 
services (i.e., internalities and externalities).” In 
practice, the treatment of these costs and benefits 
differs from state to state and depends on the type 
of proceeding. In ratemaking, regulators often limit 
their consideration of societal impacts (including 
environmental impacts) to those that are internal 
and directly related to the utility’s test-year revenue 
requirement and cost-of-service. Regulators 
may take a broader view when considering 
utility resource planning or when addressing 
environmental mandates. Nevertheless, while the 
electric system remains the focus for regulators, they 
are generally aware of both internal and external 
environmental impacts, and, depending on whether 
authorized by law, they might consider both in 
balancing their regulatory considerations.

Notably, accounting for environmental impacts 
must include costs as well as benefits; in order to 
yield a true net-cost impact. For example, a growing 
solar market may result in greater load variability, 
leading utilities to build peaker plants that run less 
often, rather than high efficiency combined cycle 
plants that run more often. The net impact often 
depends on the legacy generation being replaced by 
the combination of new gas plants and renewable 
resources. Or the utility may have an approved 

lower-cost alternative for diversifying its portfolio 
with solar, compared to buying RECs from solar 
customers. 

In addition, a few internal societal costs are 
considered in conventional cost of service. These 
include certain insurance costs related to storm 
damage and other aspects of reliability. The cost  
of programs that serve approved needs (e.g., low-
income assistance) also may be counted.

Other costs that may be avoided by a utility policy 
or program are external, meaning that society 
incurs them beyond the transaction between utility 
and ratepayer. Select examples such as pollution 
allowance costs in certain areas may point to greater 
consideration of societal externality costs in the 
future, but the impacts of these costs remain hard  
to attribute and monetize at this time.  

Historically, some regulators have considered 
externality costs in ratemaking decisions, to the 
extent that their considerations represent a well-
balanced and defensible regulatory view. Public 
power utilities, which are locally regulated, have 
sometimes been among the first to count such 
values as energy security costs, water conservation 
benefits, economic development benefits, etc. 
Currently, however, most regulators take a 
conservative view of utility-related costs that  
are not self-evident.

WHERE DO ENVIRONMENTAL AND SOCIETAL COSTS COME IN?
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the wholesale market to the retail customer. 
Depending on the degree of deregulation, these 
utilities may pass through wholesale power 
costs and add distribution and billing services, 
or they may simply provide distribution and 
billing services for competitive retail electricity 
suppliers. The discussion below assumes the more 
conventional, regulated utility structure, but it 
includes comments on the particular concerns of 
the “wires only” distribution company.24 It begins 
by generically defining the primary ratemaking 
tools for cost recovery, including common rate 
structures and rate (tariff) designs. Secondarily, 
it describes other relevant rates and charges, 
including common net metering rates, standby 
charges, and riders. Finally, this section discusses 
basic steps in rate design and rate impact analysis. 
A subsequent section will focus on rate impacts 
and ratemaking innovations and trends specifically 
relevant to the discussion solar DG.

The primary rate-setting tools include:

1. Customer Charge ($/month)

The customer charge is that portion of the monthly 
customer bill that is “flat” and does not vary by 
the customer’s energy consumption or level of 
demand in a month. It is sometimes known as the 
basic charge or service fee. Theoretically, it should 
cover all “customer-related costs” faced by the 
utility—costs that vary directly with the number 
of customers served by the utility. In concept these 
costs can include metering, billing and related 
expenses, investments for meters and some lines, 
plus related depreciation and O&M and possibly 
some portion of other facilities costs, although 
there is debate on including some equipment 
that is beyond the service drop and meter/pole-
mounted transformer in the customer charge. To 
address the distinct metering and infrastructure 
needs of some customer classes, there may be 
several categories of customer charges. 

2. Volumetric Energy Charges ($/kWh)

The volumetric energy charge is a rate per energy 
unit ($/kWh) that is designed to collect the 
energy-related costs incurred by a utility. If the 

tariff for a rate class does not contain a separate 
demand charge (see below), then the volumetric 
energy charge also collects capacity-related and 
other fixed costs of the utility. Typically, residential 
and small commercial rate structures do not 
contain a separate demand charge, while rate 
structures for large commercial and industrial 
customer usually measure and bill separately for 
demand units ($/kW). The energy charge may be 
designed in different ways to send various price 
signals to communicate desired customer behavior 
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or to improve rate equity. There are a variety of 
specific rate structures for the energy charge, as 
summarized below. 

Basic volumetric rate structures include:

Flat Rates. In this structure, there is only one cost 
per kWh rate for all levels of usage. This is the 
simplest rate structure.

Declining Block Rates. These rates are set so that 
prices decline as usage increases, encouraging 
energy consumption. For example, the first block 
of energy (say 500 kWh) might be 
priced at $0.09/kWh, and the next 
500-kWh block would be priced 
at $0.06/kWh. This rate structure 
has primarily become a historic 
example, since the Public Utility 
Regulatory Policies Act (PURPA) 
prohibited it except where marginal 
energy costs clearly fall with 
increasing output. 

Inverted Block Rates. These rates increase with 
increasing energy usage. They typically allow 
smaller households or businesses a minimum 
amount of low-cost electricity. As people try to 
avoid highest-cost blocks (also known as tiers), 
this rate design has been championed because it 
arguably encourages energy conservation. 

As the interaction of net-metering credits with 
these pricing structures is considered, it becomes 
clear that the type of volumetric rate chosen can 
alter the rate-related benefits received by the DG 
customers, depending on the calculation used 
and value of each kWh that is offset (e.g., inverted 
block rates could encourage solar DG as credits to 
customers offset the highest-cost energy billed). 
It will impact the revenue loss experienced by the 
utility and remaining customers. See additional 
discussion below of the relationship between rate 
design and NEM-rate impacts.

Variations to rate structures:

The following rates may be offered (or mandated) 
under any of these basic structures. They are 
usually presented as choices for customers who 

meet particular criteria. Residential customers 
usually pay only the customer charge and 
volumetric rate ($/kWh), though they may 
participate in less common rate programs, 
described below. Commercial and industrial 
customers often pay these rates plus a demand 
charge and possibly other charges, as described 
below. Note that customer bills include numerous 
other charges and taxes that are not discussed 
here, depending on the wholesale and retail utility 
structures in effect and upon their location.

Seasonal Rates. These rates  
differ by season. Most US utilities 
have higher costs in summer, 
and summer rates reflect that. 
Seasonal-rate adjustments are 
very common.

Time-of-Use Rates. These rates 
differ based on the time of day, 
usually divided into higher-cost 
on-peak hours and lower-cost 

off-peak hours. Properly set and communicated, 
they encourage conservation during the hours that 
utilities see high operating costs. Some time-of-
use rates include a demand charge. Today, utilities 
may offer several time-of-use rates, to appeal to 
customers with different habits and needs as well 
as reflect system value with more time-sensitive 
accuracy. Real-time pricing is an ultimate form 
of time-of-use rate. Based on market-driven 
utility costs, real-time pricing has proven difficult 
to implement. Yet it remains a possible goal for 
strategic application.

Interruptible or Demand Response Rates. 
These rates provide an incentive for customers 
that can respond to a time-specific call for 
energy curtailment. Utilities may offer different 
contractual agreements to define how often and 
for how long a conservation event can occur. The 
incentive may be delivered as a discount on the 
prevailing $/kWh rate, assuming a number of 
interruptions, but often it is a separate incentive, 
paid seasonally or per interruption. The rate may 
include a demand charge component. These rates 

“...the type of volumetric  
rate chosen can alter the  

rate-related benefits 
received by the DG 

customers, depending  
on the calculation used  
and value of each kWh  

that is offset...”
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have more frequently been introduced for large 
commercial and industrial customers, but are 
increasingly considered for residential and small 
commercial.

3. Demand Charge ($/kW) and Power Factor 

A demand charge collects the demand-related 
costs of the utility caused by the pattern of a 
customer’s energy usage. These costs include 
portions of the capacity cost of power plants, and 
portions of transmission, distribution and other 
infrastructure costs. With variations, the demand 
charge is usually calculated as a rate applied to 
the maximum power demand (kW) required by 
the customer in a month. It may be based on the 
customer’s highest 15- or 30-minute kW demand 
per month, or on the level of customer demand 
that is coincident with utility system peak demand. 
In some instances demand charges will be time-
of-use differentiated with different capacity costs 
recovered through different demand charges.

Most utilities apply demand charges only to 
large energy users (commercial, industrial, and 
agricultural), though some utilities offer residential 
demand charges to encourage peak-load reduction. 
If the rate structure of a customer class does not 
have a separate demand charge, then demand costs 
usually are collected through the volumetric charge. 
When a customer is assessed a demand charge, the 
volumetric charge obviously is lower because it no 
longer collects demand-related costs.

When a customer has a solar DG unit, there is an 
interplay between energy charges and demand 
charges, affecting different customers in different 
ways. Customers with DG avoid a utility retail-rate 
charge when concurrent load is served by solar DG. 
However, the situation is more complicated when 
the customer faces a separate demand charge. To 
the extent the DG resource reduces a customer’s 
peak demand that charge will be reduced. However, 
under NEM, while the customer will receive an 
energy rate credit on their bill, they will likely not 
receive a demand charge credit against their bill 
when they are exporting power.

Variations on the demand charge include:

Off-Peak Demand Charge. Some utilities have a 
lower-cost demand charge during off-peak hours 
or during the off-peak season.

Ratcheted Demand Charge. Some utilities use the 
highest seasonal or annual demand to set monthly 
demand billing for the entire season or year, a 
demand ‘ratchet.’ This approach is not as common 
as it was years ago, but it is still used in some cases. 
It creates a strong incentive to manage demand up 
to the point when the ratchet is set; thereafter, the 
customer’s motivation for load management may 
be diminished.

Power Factor Adjustment. As noted above, this is 
not a demand charge, but rather a charge related 
to the ratio of reactive power to real power. It is 
due to the combination of electrical equipment 
(motors, light fixtures with ballasts, etc.) operating 
at the customer site. Power factor adjustment 
may show up as “PFA,” or it may be quantified as 
“kVAR hours” (reactive power). 

4. Other rates and charges, relevant to DG  
and NEM discussions

Utilities may use many other rates to accomplish 
customer price signals and revenue recovery. 
Whether geared to a particular sub-class (e.g., 
rates for schools, irrigators, water plants) or to 
a particular issue (e.g., fuel adjustment charges, 
public benefit charges, or charges to cover special 
utility project costs), most of these have only 
minor relevance to DG- and NEM-related issues. 
A full study of rates may be useful, but only a 
couple examples are provided here.

Standby Rates. Standby rates usually apply to 
large customers who have their own generation, 
but need a backup source. These rates recover the 
cost to back up customers with self-generation 
should their generation facility unexpectedly fail or 
need scheduled maintenance. Some utilities have 
special standby rates, which have been applied to 
larger PV customers. In some states NEM statutes 
prohibit the application of standby charges on 
solar customers.
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Tariff Riders (or Adjustors). A rider is a 
temporary credit or charge approved by the 
regulator to cover special investments and costs 
between full ratemaking processes. Riders are 
sometimes used when the actual costs incurred 
by a utility to provide electricity service to their 
customers differ from the approved rates. They 

may be calculated as a cost per kWh or as a 
percentage of eligible charges. The actual impact 
of charges being collected from DG customers 
depends on whether those customers are charged 
for adjustment mechanisms (e.g., fuel clause, 
decoupling, etc.) or if they are applied and offset by 
crediting for DG production.

2.9 | DG AND NEM IMPACT CONSIDERATIONS
Utilities design rates to recover revenues in 
proportion to the cost of serving each customer 
class, and also to meet more nuanced regulatory 
objectives. The extent to which NEM tariffs can 
meet the criteria for cost-based rates is currently 
under review in many states as solar penetration 
grows and the market matures, recognizing that 
cost-basis was not the main consideration when 
net metering policies were first introduced. 
Justification for NEM was often based on analogies 
to energy efficiency programs and conservation.

It is important to understand how DG relates to 
cost-based rate design and impact analysis. As 
discussed in Section 2.6 above, many utilities today 
treat DG customers as relatively undifferentiated 
from the larger, encompassing (e.g., residential, 
commercial, etc.) class. To date, utility rate studies 
have focused on the most evident impacts of solar 
DG—the displacement of purchased energy and 
the utility’s costs related to crediting energy that is 
returned to the grid. Increasingly all stakeholders 
seek to investigate in greater detail the full array 
of costs and benefits associated with DG solar 
resources. Without this detailed consideration 
rate-equity questions would almost certainly arise.

Assessing rate design is a complex process, 
involving software that models rate impacts 
upon a single rate class or upon all rate classes, 
in keeping with regulatory guidelines. When 
specific programs are evaluated, analysis includes 
application of various cost-test perspectives 
(see sidebar), such as the Participant Cost Test, 
Ratepayer Impact Measure (RIM), Total Resource 
Cost Test (TRC), and the Societal Cost Test 

(SCT) or some other measure of broader impacts. 
Whether or not regulators refer to these tests by 
name, these kinds of assessments are needed to 
answer key ratemaking questions, such as:

 � How much revenue is collected from 
customers in each encompassing rate class 
(residential, large commercial, etc.) that are on 
a particular rate?

 � How does that compare to the amount of costs 
caused by the encompassing class?

 � What is the average impact on the particular 
rate customer, and what is the impact on the 
average ratepayer in the class?

 � Is this rate compatible with the utility’s overall 
tariff strategy, for meeting the utility’s revenue 
requirement?

The rate design process includes testing changes in 
pricing and terms (for example, slight changes to 
the on-peak and off-peak windows on a time-of-
use rate, or in the case of NEM, changing the way 
that a periodic true-up is done). In a general rate 
case, a utility might propose changes to numerous 
existing rates, as well as proposing new rates. 

On the face of it, revenue collected from solar 
customers is disproportionately less than the 
revenue collected from others in their rate class. 
Despite their general similarity to other customers 
in terms of overall capacity (kW) needs and 
service requirements, solar customers typically use 
PV to offset significant kWh purchases. Assuming 
a rate design dominated by energy-based kWh, 
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The concept of regulatory perspective has already 
been introduced. Particular values may look like 
costs from one perspective and benefits from 
another; some values may be irrelevant from one 
perspective and crucial from another. Whether 
explicitly or implicitly, utility regulators or other 
policy makers determine the perspective they will 
take when assessing the value of distributed solar 
for a given proceeding. Their perspective may differ, 
depending on whether it is an integrated resource 
planning proceeding, RPS implementation order, 
NEM-related tariff, and so on. Sometimes regulators 
review multiple perspectives to determine whether 
a rate or plan is equitable to all parties. Utilities and 
other stakeholders presenting solar value analyses 
must be mindful of the required perspective, so their 
use of specific benefits and costs is appropriate to 
the proceeding.

Most regulatory commissions base their definitions 
of perspectives on the definitions in the California 
PUC (CPUC) Standard Practices Manual25, a guide 
first developed in the 1980s to assess demand-side 
programs, updated regularly since that time. The 
five primary perspectives defined below are often 
used for assessing DG policies. In these definitions, 
“program” could refer to the utility’s implementation 
of a NEM tariff.

Participant Cost Test. This is the measure of 
quantifiable costs and benefits to the customer 
participating in a program. For example, this test 
counts an incentive paid by the utility as a benefit. 

Ratepayer Impact Measure (RIM) Test. Also known 
as the Non-Participant Cost Test, this test measures 
changes in utility revenues and operating costs 
caused by a program. It then indicates the direction 
and magnitude of the expected change in average 
customer bills or rate levels.

Total Resource Cost (TRC) Test. This test measures 
the net costs of the program based on the total 
costs, including both the participant’s and the utility’s 
costs. The TRC ratio equals the benefits of the 
program, counting the value of energy and demand 
(capacity) saved, plus other values if applicable, 

divided by all applicable net costs. The ratio is usually 
calculated over the accepted life of the investment.

Program Administrator (PA) Cost Test. Also 
known as the Utility Cost Test, if the utility is the 
administrator. This test measures the net cost of a 
program, including incentives paid, and excluding 
any net costs incurred by the participant. The 
benefits are similar to the TRC test, but with costs 
more narrowly defined.

Societal Cost Test (SCT). This is a modified version 
of the TRC, using a broad perspective rather than 
a utility service area perspective. The primary 
difference between the SCT and TRC is that, to 
calculate life-cycle costs and benefits, the SCT 
accounts for some environmental (and possibly, 
societal) externalities; it may exclude tax-credit 
benefits, and it uses a lower discount rate than  
the TRC. 

When assessing DG for integrated resource 
planning, many states recommend the Total 
Resource Cost (TRC) perspective. In reviewing NEM 
tariff policies, the Ratepayer Impact Measure (RIM) 
(also known as the “non-participants cost test”) often 
has been used. In 2009, the CPUC issued Decision 
09-08-026, Adopting Cost-Benefit Methodology for 
Distributed Generation.  In that order, it determined 
that California regulators would use three tests 
in DG policymaking: the Participant Cost Test, 
TRC Test (considering the Societal Cost Test as a 
useful variant), and Program Administrator Test. 
They allowed the RIM test specifically in rate-
setting (e.g., NEM review). That was the impact test 
used for previous CPUC-sponsored NEM studies. 
Subsequently, the CPUC issued a cost-benefit report 
on the California Solar Initiative, which specifically 
considered the impacts of all of the output of an 
onsite solar project (offset load and exports). The 
current CPUC study of DG/NEM impacts (anticipated 
from E3 by September 2013) will similarly consider 
the rate impact of all of the output.

CONSIDERATION OF DG-RELATED IMPACTS
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the customer can avoid payment of fixed costs 
embedded in the kWh charge.

From a utility perspective, this situation would be 
made worse when solar DG customers have had 
little impact on their demand on the system. That 
customer may also need metering and program 
administration services beyond the general rate 
class. Further, the utility provides enabling services 
for DG customers that include mitigating impacts 
from solar variability, as solar market penetration 
increases, and effectively provides a standby 
service. Assuming no further detailed analysis, the 
utility likely sees a clear prospect for new costs and 
expenses, accompanied by revenues from solar 
customers that are lower than considered when 
the rate structure was designed. From the NEM 
customers’ perspective, their systems offset at least 
a portion of their demand and therefore they seek 
compensation for the capacity contribution. 

Solar stakeholders and some utilities point out 
that conventional cost-of-service studies are 
painted with a broad brush, providing limited 
insight for a detailed solar DG impact analysis. 
Solar DG has the potential to bring specific utility 
economic benefits, as well as costs (besides those 
described above), which could be considered 
in the rate-impact analysis. This report offers a 
brief introduction to the range of possible solar 
economic impacts—both costs and benefits—in 
Section 3.26 

One simple response to the need to recover more 
fixed costs might be to set the utility’s customer 
and/or demand charges higher, to cover these 
costs. Fixed charges for fixed cost recovery 
could recover the utility’s full cost of service and 
reduce cost shifts between customers; however, 
such a modification could also have impacts for 
low-usage customers or unintended revisions 
to price signals. This driver for reduced energy 
consumption warrants a broader review on rate 
design. 

A standby charge (or network use charge, as 
defined above) applied to the DG customer for 
utility-provided services is another potential 

alternative. It would place specific system costs 
of serving solar customers directly on those 
customers. In practice, this approach has been 
controversial. State DG and NEM laws and 
regulatory provisions sometimes include “safe 
harbor” language, which protects solar customers 
from being assessed a separate charge not 
applicable to non-solar customers.

The question of fairness often leads to a review of 
the net-value of solar DG customers to the electric 
system. In some cases, regulators have focused 
more on the potential for a utility’s revenue loss 
by limiting total solar DG capacity. This can avoid 
the narrow issue of utility revenue collection and 
postpones the immediate challenges of a detailed 
solar value analysis and remedial measures. It 
is a stopgap approach and does not address the 
prospect of ratepayer equity issues. It creates a 
regulatory barrier to solar DG growth.

Alternatively, regulators may adopt policies that 
are structured differently than NEM. A widely 
visible approach has been the Feed-In Tariff 
(FIT). Under a FIT, renewable energy (e.g., 
distributed solar) generators deliver their energy 
directly to the grid under a long-term contract 
agreement. The price may be cost-based for each 
form of renewable generation. In the case of solar 
DG, it could reflect solar-value considerations 
with possible changes over time. Furthermore, 
distributed solar customers would likely continue 
paying the applicable retail rate. 

“Dual-rate” options have grown in visibility as 
interest has increased in seeking out alternatives 
that can both compensate solar DG customers 
for solar generation fed onto the grid and bill 
these customers separately for their consumption, 
thus creating two distinct transactions. One 
recent introduction to the discussion is called 
a Value-of-Solar Tariff or SmartFIT. It uses 
solar-value analysis to help set the tariff but also 
approximations for some values, in an effort 
to address fast-changing market adjustments, 
technological innovations, and other dynamics.27 
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Section 3, below, summarizes differences in the 
assumptions and calculations for different utility 
solar-value analyses. Yet another underlying reason 
for different DG-rate impacts has to do with the 
utility rate structure itself and with specific rate-
related modeling assumptions.

A 2010 study, The Impact of Rate Design and Net 
Metering on the Bill Savings from Distributed PV for 
Residential Customers in California,28 from Lawrence 
Berkeley National Laboratory, used data from Pacific 
Gas & Electric (PG&E) and Southern California Edison 
(SCE) to provide specific and broadly applicable 
insights. At the time, both utilities offered residential 
customers an inclining block rate with five usage 
tiers or a time-of-use rate that also included usage 
tiers. The study looked at NEM bill savings, rate 
impacts, and how rate- and technology-related 
factors might change total revenue results.

Relevant findings included:

 � The increasing block rate structure at these 
utilities created a higher compensation level for 
NEM customers. That is because energy offset 
by a PV system would be in the most expensive, 
high-use tiers. Customers received the richest 
incentive for sizing their systems to offset only 
high-priced top-tier usage.

 � For customers on time-of-use rates, the NEM 
incentive became increasingly more attractive 
with larger system sizes relative to compensation 
if those customers were under a flat rate.

 � When NEM was applied to these rate structures, 
the total customer value of credits for distributed 
generation was high. For most customers, a 
system sized to the full load of the house would 
produce more NEM credits than customers could 

use before they would expire when under time-
varying rates.

 � The results from testing an alternative approach 
to crediting excess generation produced lower 
bill savings and lower non-participant rate 
impacts. The team also tested a FIT approach, 
which produced lower bill savings and lower 
non-participant impacts.

 � Technical aspects of PV system design also 
affected overall bill savings and rate impacts. 
Specifications (system orientation, etc.), which  
would increase value, were not incentivized 
under existing NEM structures. 

 � Some findings of this study could improve 
understanding of commercial NEM programs as 
well. For example, commercial customers often 
pay time-of-use or interruptible rates, and they 
pay demand charges. Improved solar rate design 
might take these aspects of commercial billing 
into account.

Since this study was completed, NEM policy reviews 
have become more sensitive to rate-structure 
issues and technical assumptions. For example, a 
2013 report by Southern California Edison (SCE) 
studied DG deployment planned for its territory 
under the range of California policies and found 
that directing DG projects to key areas on SCE’s grid 
could moderate total deployment costs necessary 
to achieve its allocation of the state’s distributed 
generation initiatives by up to $2.4 billion. 
Stakeholders have speculated that utilities could 
replace standard DG NEM rates with targeted solar 
rates, providing incentives for PV siting and system 
design that minimize total deployment costs. 

RATE STRUCTURES, PRICING, AND MODELING ASSUMPTIONS  
THAT AFFECT DG AND NEM IMPACTS
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2.10 | DG AND NEM RATES IN THE CONTEXT OF  
REGULATORY RATEMAKING TRENDS
The challenge of updating utility rate design 
for increasing participation by distributed solar 
customers is similar in important ways to other 
challenges facing utility regulators. The DG 
challenge is of course couched within the broader 
and increasingly important range of opportunities 
customers have to bypass conventional rate design 
models. Today’s customers are 
increasingly embracing aggressive 
reductions in consumption (net-
zero buildings), managing demand, 
considering energy storage, and of 
course deploying DG.

The early history of the utility 
industry, marked by near-steady 
and predictable growth in 
customers, loads, and revenues 
has been replaced by riskier times. 
According to an EEI history of 
utility cost-of-service regulation, 

Today, investor-owned utilities point to a 
“paradigm shift,” caused by the need for large, 
new capital additions, at a time of declining sales 
growth and reduced credit-worthiness. They urge 
the development of new regulatory frameworks, 
which provide for cost-recovery outside of the 
traditional regulatory rate case.29 

In addition to greater uncertainties in the US 
economy overall and in fuel and commodity 
markets in particular, utilities have been 
accommodating policies that call for greater 
energy efficiency, more renewables, and other 
program investments that do not trigger revenue 
creation for utilities—often the opposite. The so-
called through-put incentive refers to the effect of 
having fixed costs embedded in the volumetric rate 
($/kWh), so that utilities profit more when sales 
increase. Conversely, utilities profit less when sales 
decrease, all else being equal, because fixed costs 
are often subject to rate of return. 

In a growing number of jurisdictions, various 
forms of revenue decoupling override concerns 
about the impact on earnings associated with 
changes in sales. In jurisdictions with decoupled 
rates, utility earnings are tied to investments, not 
sales. In these situations, revenue loss relative to 
cost avoidance remains a concern for utilities, 

while allocation of costs among 
ratepayer remains a concern for a 
broad range of stakeholders.

Thus, the remedies introduced in 
the discussion of DG-related rate 
design, above, are characteristic 
of a trend toward revenue 
recovery solutions outside of 
traditional ratemaking. Some 
commissions are stressing 
so-called performance-based 
ratemaking, or incentive and 

penalty mechanisms, which direct utilities to 
achieve particular policy and service goals, 
and then reward them as they achieve certain 
milestones—or penalize them if they fail. 

New ways of seeing the utility—as an “energy 
services company” or “smart integrator” are 
emerging, too. A few examples of utilities making a 
dramatic departure from traditional rate design, in 
order to address the paradox of falling volumetric 
revenues and increasing service costs is included 
in the accompanying sidebar. Whether the best 
way for utilities to adapt is a dramatic departure 
from traditional rate design, or whether simpler 
modifications to traditional rate design will do, the 
rapid growth of distributed solar is helping to drive 
a resolution to the question.

As we have seen in this section on ratemaking, 
design methodology and options chosen can 
fundamentally alter the solar DG customer/
utility transaction. Historically, this has meant 
that within traditional ratemaking, DG programs 

“Whether the best way 
for utilities to adapt is a 

dramatic departure from 
traditional rate design, 

or whether simpler 
modifications to traditional 
rate design will do, the rapid 
growth of distributed solar is 
helping to drive a resolution 

to the question.”
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and NEM policies have been used to support solar 
DG deployment without specific detailed analysis 
on the exchange of services and values between 
DG customer and utility. In the next section, this 
paper reviews solar-value analysis, which is rapidly 
becoming an established and refined process 
embraced by both utilities and solar stakeholders. 
Its aim is to more completely determine the value, 
costs, and benefits, of distributed solar in distinct 
deployment scenarios and within specific utility 
systems, and thus, to support better ratemaking 
outcomes. 

In California, pressure to reform utility pricing 
structures increased with legislation calling for 
building standards that will promote “zero net 
energy buildings,” e.g., new construction that will  
use energy efficiency, solar DG, and other strategies 
that would further depress utility revenues under 
current rate structures. In response to this and 
similar mandates, California utilities have begun 
to explore new business models, which some 
industry analysts say could transform the industry 
nationwide.30 

San Diego Gas & Electric (SDG&E) has proposed a 
strategy that changes the application of conventional 
cost-of-service functions (production, transmission, 
distribution, etc.) to energy service functions in three 
distinct energy product markets:

 � Commodity Services: Generating electricity  
and matching to customers’ real-time needs

 � Reliability Services: Business functions roughly 
corresponding to distribution services, with 
emphasis on quality and certainty

 � After-Meter Services: Business functions to 
manage electricity use through programs and 
tools, such as energy management systems, 
energy efficiency programs, smart thermostats 
and appliances, PEV charging, security, and 
media services

The market structure necessary to support this 
vision would be based on cost-based unbundled 
utility price signals under which customers 

are charged for the services received and are 
compensated for the services provided to the grid. 
Incentives deemed appropriate to further policy 
goals could be introduced as a distinct line item.

According to SDG&E, this approach allows 
cost-based pricing of numerous, bi-directional 
transactions, so customers can mix and match 
individual, customized services and can sell 
generation and services back to the grid. This 
approach assumes that there is not one generic 
solar DG customer. Rather, it assumes a myriad 
of customers who engage in customized sets of 
transactions, based on whether they use solar for 
electric-vehicle charging, whether they use smart 
inverters or storage, and possibly other aspects, 
such as the location and orientation of PV systems 
and resource availability for other utility needs. 
SDG&E is currently involved in a stakeholder 
collaboration to develop proposals.

Some utilities foresee creating customer “apps”  
that would support greater understanding and 
customer control—even from mobile devices. 
According to their proponents, these new rate 
structures would not necessarily be more complex 
than incentive- and performance-based rate 
structures currently in place. 

COULD NEW UTILITY BUSINESS MODELS TRANSFORM SOLAR DG PRICING?
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Solar Value Analyses:  
Generic Concepts And Terms
While utilities have a long history of valuing 
resources over a longer time horizon, they are 
currently faced with the need to assess distinct 
impacts that accompany increased levels of 
distributed generation. Solar-value analyses, 
therefore, become important tools to better align 

rates with the net impacts of solar DG. Utilities 
and other solar stakeholders are mutually aware 
that decisions about how to formulate and apply 
solar-value analyses will affect the evolution of 
solar pricing policies for years to come. 

3.1 | TERMS FOR ANALYSIS IN NEM POLICY REVIEWS
In recent years, NEM-policy reviews have 
been conducted on behalf of state regulatory 
commissions, utilities, stakeholder groups, 
and others. While these studies vary in their 
methodology, scope, and assumptions, some 
categorical agreement has emerged regarding 
the terms for the analysis. This section describes 
the broad set of value categories commonly 
used in assessing solar DG costs and benefits, 
with ratemaking implications. Note that for this 
discussion, the term “impact” is often used instead 
of value, in order to underscore that these are net 
values, which may be positive or negative, within 
each category or in aggregate. 

The categories discussed here represent a broad, 
but not necessarily comprehensive, list of the 
components of solar value, and not all studies 
evaluate each component. This is due largely to the 
fact that each state determines acceptable terms 
and methods, usually based on their use in general 
rate case proceedings and mandated energy plans. 
Another important limitation is the quality of 
available data. Utilities often have relatively little 
available data on some components of avoided 
cost, and approximations may or may not be 
useful. The table at right provides a summary 
of the common value categories found in the 
literature for determining the solar-DG impacts. 

Throughout this paper the term value includes 
both prospective costs and benefits and does not 
bias or imply that either costs or benefits exist 
exclusively in any one or all areas of analysis.

The solar value components described in this 
section represent the performance of a fleet 
of distributed solar PV systems distributed 
throughout a utility’s service area. This approach 

Utility Energy Purchase/Generation Impacts

Utility Capacity Purchase/Generation Impacts

T&D Line Loss Impacts

Net Impacts on T&D Investments and O&M

Environmental Impacts

Fuel Price Hedge Impacts

RPS Compliance Impacts

Gross Lost Revenues

NEM Excess Generation Payments

Program Administration Budget Impacts

Power Quality and Other Ancillary Services  
as Another Line

TABLE 3.1 COMMON VALUE CATEGORIES 
FOR DETERMINING NEM SOLAR IMPACTS
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reflects cumulative and dynamic impacts that 
would be missed in an analysis based on a single 
“average” system analyzed in isolation. For 
example, the aggregate amount of fleet hourly and 
annual solar generation would reflect the value 
from avoided energy and generation capacity 
at the margin (i.e., $/kWh and $/kW) and the 
magnitude of that value (i.e., number of kWh and 
kW avoided at the marginal price). This could 
be consequential, if the fleet were large enough 
not only to avoid the marginal source (and price) 
of generation, but also the impact to generation 
dispatch for the utility. Evaluating the energy 
and generation-capacity savings from the fleet 
also would capture any value provided by the 
geographic dispersion of systems throughout the 
additional flexible generation capacity to integrate 
solar generation and/or utility service area. By 
the same token, any need for additional flexible 
generation capacity to integrate solar generation 
and/or upgrades to distribution infrastructure to 
account for system impacts would be assessed in 
relation to the fleet rather than to a single system.

Ideally, a solar cost-of-service study would look 
at impacts on each utility circuit, with different 
solar penetrations, and only then assess fleet-
wide impacts. In the discussion below, that 
approach is applied sparingly, to address specific 
circumstances. It would also consider whether 
solar installations utilize inverters with embedded 
capabilities to resolve power quality issues or 
whether the inverter might introduce power 
quality challenges to the grid. However, for most 
utilities, that level of analysis is not practical 
today.31 If the analysis were intended for a rate 
review, another limitation would be the focus on 
the test year, rather than taking into account the 
dynamic impacts upon the utility of growing solar 
market penetration and other planned system 
changes. Some regulators may request additional 
analysis that takes a longer view, if only to provide 
context. 

A summary of the value categories of solar in DG 
applications, and sub-sets of these categories where 
applicable, are as follows: 

 � Utility Energy Purchases/Generation 
Impacts. Solar DG reduces the on-site energy 
requirements of the utility customers who 
employ these systems. As the number of solar 
DG systems increase, sufficient energy may 
be generated by these systems to offset utility 
purchases of energy or utility generation. This 
value is generally calculated by multiplying the 
hourly output of the PV system by the utility’s 
marginal cost of energy for the corresponding 
hour of PV generation and would be 
performed for each hour of the year that the 
PV system is generating, and then summed to 
derive annual energy-cost impacts. Embedded 
in this value are the net economic impacts 
associated with avoided fuel purchases and the 
net impacts on generation plant O&M costs. 

 � Utility Generation Capacity Impacts. In 
addition to purchasing and/or generating 
energy, utilities may also have to purchase 
or monetize generation capacity. Valuing 
the impacts of DG on utility generation 
capacity costs is a very utility-specific analysis 
and depends heavily on two factors: when 
the utility shows a need for incremental 
generation, and what capacity value they assign 
to solar PV.

For example, utilities with excess capacity 
in the near-term would assign little to no 
value to incremental generation such as DG 
systems, because they are not avoiding or 
deferring generation additions until those 
years when load growth or retirements are 
forecast to establish a need for incremental 
generation capacity. For utilities that do show 
a need in the near term, DG systems could 
be attributed with deferring that incremental 
capacity; however, the actual amount deferred 
is contingent upon how well solar PV aligns in 
that utility’s territory with its load curve.

Multiple methods exist for determining this 
correlation, which provides a proxy for the 
percentage of a new generation asset that 
could be avoided/deferred with increased DG 
penetration (i.e., its capacity value or credit).32 
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Further, as utilities integrate a broad range 
of solar resources into their portfolios the 
capacity value provided by solar may change. 
Several utility IRPs have demonstrated that 
solar resources, including DG, ultimately 
at high penetrations have diminishing 
contributions towards system peak load. 
However, as forecasting load becomes more 
accurate, it may be possible to better determine 
capacity-like benefits provided by solar DG 
coincident with utility peaks.

 � Transmission and Distribution Line 
Loss Impacts. Distributed solar projects 
generate energy at the point of use, reducing 
consumption of energy from the utility grid. 
In reducing grid energy requirements, the 
localized distribution feeders and transmission 
lines serving the utility experience reduced line 
losses. Transmission and distribution (T&D) 
line-loss impacts are typically calculated 
separately from each other, as the values differ 
for each system and even more by individual 
distribution-system feeder (inasmuch as data is 
available). T&D line loss impacts are typically 
calculated hourly, based on the marginal 
cost during the hours of PV production. In 
some deregulated wholesale power markets, 
marginal transmission costs are embedded in 
the locational marginal prices. In such cases, 
analysts would be careful to avoid double 
counting transmission line-loss impacts.

In considering distribution-level impacts, 
analysts might consider that DG systems 
export power to the distribution grid when 
solar generation exceeds load. Ultimately 
power-flow studies are required to determine 
the value of DG on line losses as those impacts 
differ from dense to sparse territories and from 
low solar penetration to high solar penetration. 

 � Net Impacts on Transmission and 
Distribution Investments and O&M. Solar 
DG systems often impact the capacity levels 
on T&D systems, either by decreasing the 
capacity requirements during periods when 
distributed solar is being consumed on-site, 

or by increasing the capacity on the lines 
when excess power is exported to the grid. 
Capacity impacts are largely a function of the 
penetration of solar DG within individual 
feeder lines and within the overall service area 
as well as the operational characteristics and 
timing alignment between the solar and the 
specific circuits hosting the resource.

As solar DG penetration increases, there may 
be feeder circuits where the utility could defer 
or eliminate capital investments in the system 
because the solar output coincides with peak 
demand on that circuit. Some utilities highlight 
tension with this potential value, relaying that 
reliance on DG resources to ensure the utility 
meets it regulatory requirements for reliability 
and safety is a practice that is shouldered with 
uncertainties and yet evolving with regulators. 
Other utilities and utility-published studies 
report that this situation is theoretically 
realizable, but currently rare in practice. The 
situation is most likely to occur where there 
is relatively high solar penetration on circuits 
that experience a peak that can be offset by 
solar, combined with low- or flat-load growth. 
A different impact might occur as reduced 
line loads decrease system wear, potentially 
resulting in deferral of replacement. In general, 
deferrals—to the extent achievable—have 
value due to the “time value of money,” where 
money spent today has a higher cost than 
money spent in out years. 

One method for assessing T&D deferral value 
is equal to the expected long-term T&D system 
capacity upgrade cost, divided by load growth, 
times the financial term, times a factor that 
represents match between PV system output 
(adjusted for losses) and T&D system load.33 

There may also be utility capital costs 
associated with adding distributed solar to the 
grid. As market penetration of DG systems 
increases, utilities must prepare the grid to 
accept this variable generation, and to perform 
well with two-way power flows. Costs of 
such grid preparation include technical and 
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operational investments and expenses. In some 
cases, analysts must be careful not to double-
count grid upgrade costs that are accounted for 
as utility “smart grid” engineering upgrades, 
or as part of regularly scheduled system 
infrastructure upgrades. DG systems also may 
have infrastructure O&M impacts, including 
possible savings or costs. While the ratemaking 
process is focused on the test year, regulators 
also might want to note whether impacts will 
be sustained, or whether they have to do with 
system upgrades that can serve the utility for 
a given number of years at increasing solar 
market penetration. 

 � Environmental Impacts. Solar, and distributed 
solar within that broader category, is associated 
with a number of environmental impacts. 
Some of these occur as solar displaces 
conventional generation and related pollutants. 
A few occur as utilities increase their use of 
(typically natural gas) generators that can 
respond quickly to variable solar generation.  
In addition, there may be impacts on 
O&M costs for associated pollution control 
equipment. Because solar market penetration 
is just becoming consequential for a few 
utilities, the calculation of these impacts 
is subject to different assumptions and 
methodologies. A full, net accounting may be 
complex.34 Analysts must be careful to avoid 
double-counting benefits that are embedded 
with costs in other categories. 

 � Fuel Price “Insurance”. Electricity generation 
from solar resources has an embedded 
fuel price hedge-like value, since its cost of 
generation is known with reasonable certainty 
over the expected system life. This hedge-like 
value remains in place for the full life of the 
solar resource and as such can be referred to 
as fuel-price insurance, a known price for a 
defined outcome. Many utilities hedge against 
future fuel price uncertainty through the 
purchase of commodity futures, though state 
regulators may prescribe a particular approach 
and most often these hedging practices 

are short-lived (e.g., three to five years in 
duration). The generation output of a fleet of 
distributed solar systems provides insurance 
against future fuel price uncertainty equal to 
the annual generation of the fleet, but adjusted 
for any increase in fossil fuel use needed to 
ensure that these conventional plants can ramp 
up or down as needed to accommodate the 
intermittent nature of solar production. 

 � RPS Compliance Impacts. RPS targets are 
typically measured by accumulating renewable 
energy certificates (RECs), where one REC 
equals the renewable energy attributes of one 
MWh of renewable energy generation. Many 
utilities require transfer of the REC or solar 
REC (SREC) ownership from solar customers 
to the utility in exchange for some type of 
payment (e.g., a credit or rebate). To determine 
the SREC value of solar DG generation for 
a specific utility, the analyst would calculate 
the difference between the alternative cost of 
compliance (e.g., the prevailing SREC market 
price or the price of an alternative compliance 
payment) and the current unit cost of SRECs 
acquired from solar DG customers. If the 
alternative cost of RPS compliance is higher 
than the cost of acquiring SRECs from solar-
DG customers, then the value of the solar DG 
SRECs is positive. If the compliance cost is 
lower, the solar DG SREC value is negative. In 
some jurisdictions (e.g, California), rooftop 
solar output does not directly count in 
furtherance of a utility’s RPS. There may be an 
indirect, fractional benefit, because the amount 
of load for which the utility must procure 
renewable supplies is lower.

 � System Reliability Impacts. A fleet of 
distributed solar systems may impact utility 
system reliability either positively or negatively. 
Examples of potential system reliability 
benefits range from the value of preventing 
blackouts and brownouts, to that of providing 
back-up power to critical customers, to 
the value of providing ancillary services 
and reactive power support to the grid. 
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Studies have recognized that these reliability 
impacts could be designed into DG system 
deployment, but since these implementations 
remain largely theoretical, they treat them in a 
qualitative manner. A CPUC order describing 
solar value calculation methodologies has 
described these as reliability benefits yet to be 
characterized and currently sets their value at 
zero.35 There are also impacts of intermittent 
generation on system reliability such as 
islanding, voltage drops, etc. These impacts are 
reported by utilities as specific to individual 
electric system characteristics; some such costs 
are borne by the customer deploying the DG 
resource while other costs are socialized. 

 � Gross Lost Revenues. As discussed previously, 
solar-DG customers reduce their energy 
bills through use of the on-site generation, 
at times exporting energy to the grid and 
receiving credits for those kWh. This reduces 
utility energy sales, and it reduces gross utility 
revenues. For utility rate classes with flat retail 
energy rates, the calculation is merely the 
annual generation of the DG fleet multiplied 
by the retail energy rate. For utility rate classes 
with demand charges, seasonal differentials, 
time-of-use, and/or inclining block rates, the 
calculation becomes more complex. In these 
instances, an hourly analysis may be required. 

 � NEM Excess Generation Payments. Typically, 
DG customers who generate excess energy 
above their on-site energy requirements 
through NEM rates receive a billing credit for 
this unused generation, which is carried over 
into other hours or subsequent months. In 
some states, a periodic “true up” event occurs, 
wherein any excess generation by the customer 
for the period is quantified, and the customer 
is compensated. The rate and level at which 
customers are compensated varies, ranging 
from full retail rate compensation, to the 
average annual utility avoided cost of energy, 
with many variations in between. Perspectives 
have differed between solar stakeholders and 
utilities on the level of compensation that 

is most appropriate. Most states cap excess 
generation compensation to a percentage 
(typically 10-20%) above the annual energy 
requirements of the customer’s facility. In 
this case, any excess generation above the cap 
would not be compensated. Regardless of 
how the customer is compensated, payments 
for excess billing credits are often considered 
a cost to the utility, depending on how the 
cost and value of this energy compares to the 
alternative the utility would have undertaken.  

 � Program Administration Budget Impacts. 
This is the total utility cost for running the 
solar-DG program. It may include costs of 
utility personnel to manage and market a 
distributed solar program, to process incentive 
applications, to conduct engineering reviews 
for interconnections, to inspect customer 
systems, and other program related costs. 
It may also include costs for NEM billing. 
Program administration costs are typically 
defined by the utility’s program budget and are 
subject to the same type of regulatory review  
as other program costs. 

The above inputs used in determining solar value 
are based on the most common categories of 
PV DG monetary impacts found in published 
literature. However, even in the literature, the 
application of these inputs varies widely. Table A1, 
in the Appendix was developed by the Vermont 
Public Service Department36 and illustrates these 
differences. Analysts may have many reasons for 
using certain value categories and not others, but 
their reasons often relate to the perspective used in 
the analysis (e.g., TRC, RIM, etc.). They also may 
rely on categories and inputs that are prescribed 
by state commissions or suggested by state energy 
agencies.

The bottom line is that when these inputs are used 
in a given cost-effectiveness test, they estimate 
the value of a solar fleet within the jurisdiction 
analyzed. Results are not necessarily comparable 
or transferable. As with any benefit-cost analysis, 
a value greater than 1.0 indicates a positive value 
and value less than 1.0 indicates a negative value. 
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For example, in conducting a RIM test with the 
above inputs (or sub-set of inputs), if the resulting 
value were greater than 1.0, then the distributed 
solar fleet would be considered to have positive 
impact on rates; while a benefit-cost ratio of less 
than 1.0 would indicate that the fleet is having a 
negative impact on utility rates overall. Either way, 
rate equity questions may be raised. Indeed, the 
cost effectiveness test may result in a value greater 
than 1.0 for some classes of service and less than 
1.0 for others. 

While benefit-cost tests from various perspectives 
are commonly used in DG-related proceedings 
they do not provide the value of solar in terms of 
net unit costs or benefits (i.e., $/kW or $/kWh). 
These net unit costs are useful for comparative 
analysis, both in DG-related proceedings and in 
broader policy discussions. The same input values 

detailed in the above summary could be used 
to calculate the net unit value of a DG fleet. The 
analysis could be done for a single test year, or for 
multiple years, to capture the lifecycle benefits of a 
fleet of customer-DG systems.

This calculation provides additional granularity 
to the traditional benefit-cost tests. It might be 
used in adjusting solar DG/NEM rates and terms, 
to better meet policy objectives. For example, if it 
were determined that the net $/kWh value of solar 
is positive or negligible, then a status quo program 
would typically be acceptable. Conversely, if a 
program were determined to have a significant 
net negative or net positive impact, then changes 
to the program, in terms of incentives, DG/NEM 
participant retail rates, or some other adjustments, 
might be used. 

3.2 | PRACTICAL USE OF SOLAR VALUE CALCULATIONS  
IN UTILITY DG AND NEM RATE DESIGN
A number of factors can have significant impacts 
on the results of a solar-value analysis. The first is 
the number of inputs that are used in the analysis. 
An analysis that includes only four input categories 
would likely provide different results than an 
analysis that includes eight input categories.

The second factor is the determination of 
assumptions used in calculating a specific input 
value or the determination of assumptions that 
bound the entire analysis. A clear example of how 
varying the assumptions would impact results is 
found in the literature on expected PV system life. 
Research studies commonly cited assume expected 
PV system life in the range of 20 to 30 years, while 
one study (cited by the Vermont commission staff 
in Table A1) assumed a system life of 30 years, and 
also proposed a “bonus system life” of an additional 
10 years.37 Varying system life from 20 to 30 years 
would, by itself, significantly impact the results, 
due to the discrepancy of 10 years worth of PV 
generation and associated costs and benefits. Other 

assumptions about the technology and orientation 
of systems, degradation in system efficiency, the 
pace of deployment, rates applied, and economic 
parameters, such the discount rate, greatly affect 
outcomes.

Despite the potential for differences, there is a 
trend running through recent published studies. 
Disregarding extreme outliers in the results and 
assuming the same number and type of inputs, the 
majority of studies in the literature value solar DG 
within a reasonably tight range when reflected over 
a levelized 20-year resource life. However, with the 
experience of European installations over the past 
decade, and even US installations over the past few 
years, there is a growing acceptance that with proper 
maintenance, solar DG systems can reasonably 
be expected to last 20 years or more. Utilities and 
stakeholders continue a critical review of whether 
the prevailing analyses will prove out, as growing 
solar market penetration affects the benefit/cost 
equation.
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The above discussion on distributed solar rate 
impacts is based on the most common categories 
of benefits and costs found in the literature. 
However, some studies also include other input 
values. Some of these could be applied to a broader 
societal perspective, depending on acceptance by a 
particular regulatory commission. However, there 
is an active debate regarding the elements of value 
(costs and benefits) that should be included or 
reflected in utility rates. Thus, the following items 
should be considered as useful for consideration, 
but not necessarily reflective of a 
view that utility customers do or 
should pay rates that reflect these 
items. Stakeholders are generally 
aligned that to the extent that these 
impact areas are determined to 
have positive value and worthy of 
financial support there are various 
means of support, such as tax incentives (which 
exist today) and other economic stimuli.

Some of these additional impacts are defined below:

 � Market Price Impact. This value comes into 
effect as a fleet of distributed solar systems 
impacts energy and capacity requirements 
region-wide. As increasing solar affects the 
amount of energy and capacity the utility 
purchases, the supply curve shifts, and the 
market-clearing price (or marginal cost 
of energy) will fall (or rise). Over time, as 
distributed solar market penetration increases, 
market price impacts could be significant.38 For 
example, a high penetration of solar DG could 
lower the demand impacts on a utility system, 
which would move the supply curve to the 
right and result in a reduced marginal cost of 
energy and/or capacity for the hours that solar 
DG is operational. Yet, analysts must be wary 
about this anticipated impact. It is possible that 
higher solar market penetration might move the 
system peak hours to later in the day, without 
significant impact on daily peak demand costs. 
In that case, as more PV systems are added, the 
marginal impact on peak pricing from these 
systems would decrease. 

 � Economic Development Value. Some 
studies address the impacts of local economic 
development that stem from distributed solar 
installations. These studies assert that more jobs 
are generated from distributed solar installations 
than from conventional power generation. 
Other studies indicate that while solar provides 
short-term construction jobs, the long-term 
job impact for solar O&M is minimal. (One 
response might be to suggest that it will take 
many job-years for solar installers to reach full 

market penetration.) Regardless 
of the exact scenario, any job 
creation from solar projects 
could provide a net benefit to all 
taxpayers, due to increased tax 
revenues resulting from these 
jobs. In addition, benefits would 
accrue from the multiplier effects 

of local workers spending money within the 
local economy. This type of analysis, to the 
extent demonstrated, is nevertheless seldom 
accepted in the utility ratemaking process.

 � Other Environmental Impacts. As noted 
previously, the environmental impact of NEM 
is not completely assessed by only looking at 
the utility’s cost reductions. Reduced pollution, 
water usage/temperature rises (due to less 
combustion turbine cooling), and certain health 
impacts have been enumerated in studies. For 
utilities, these costs are not typically covered in 
rates; thus, some analysts have noted that it may 
be necessary to enact laws that charge for these 
costs, rather than justifying NEM, in part, on 
these externalities.

Some studies have suggested additional impacts, 
such as the market transformation impacts of PV 
systems (e.g., contributing to the creation of a robust 
and competitive market for renewable energy 
products). To date, these additional input categories 
have only been recognized as qualitative benefits, 
and they have not been documented in analyses 
before regulatory commissions.

“...there is an active debate 
regarding the elements of 
value (costs and benefits)  
that should be included or 
reflected in utility rates...”
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3.3 | VARIATIONS IMPOSED BY DIFFERENT MARKETS  
AND UTILITY STRUCTURES
A number of specific considerations influence 
the impacts of solar projects in DG applications, 
including whether the utility obtains power within 
deregulated wholesale markets, whether the utility 
itself is regulated, and whether the distribution 
utility operates within a retail deregulated market. 
Each of these market structures will dictate 
different terms for the utility cost-of-service study 
and DG/NEM rate impact analysis or solar-DG 
deployment plan.

In the case of utilities that purchase wholesale 
power in deregulated markets, the methodology 
for determining the avoided cost of energy and 
capacity is generally the same as in regulated 
markets. However, the source of the generation 
and pricing mechanisms are likely to be different. 
For example, regulated utilities may obtain 
wholesale power from their own generation 
resources, supplemented by power purchase 
contracts with well-defined costs for energy 
and capacity. In contrast, utilities purchasing 
wholesale supplies in deregulated markets may 
experience more uncertainty at the margin on an 
hour-to-hour basis, depending upon regional load 
conditions and planned or forced outages of power 
units serving the particular supply node. There 
may also be fixed “take-or-pay” in power purchase 
agreements that will impact a utility’s costs and 
therefore its rates to customers. In general, avoided 
costs of energy and capacity are calculated in 
a similar manner in regulated and deregulated 
markets, but the necessary calculations are more 
complex in deregulated markets.

Another consideration is the nature of the 
distribution utility—whether it is a regulated 
investor-owned utility, a public power utility, or an 
electric cooperative. Investor-owned utilities are 
almost always directed by regulatory guidelines. 
Their solar-impact and rate analyses would have 
little latitude, in terms of what input variables to 
include or how to assess them, until they receive 

approval from their state regulatory commissions. 
Public power utilities that are locally regulated 
often have fewer barriers (in addition to a non-
profit business structure) which may provide a 
quicker path to innovations. They may decide 
locally which input variables to include and how 
to shape their solar-value analyses. This is one 
reason why public power utilities (e.g., Austin 
Energy) have included certain impacts in their 
tariff designs that are not typically considered in 
regulatory rate case proceedings. Notably, early 
consideration of solar-value analysis, virtual 
net metering for community solar projects, and 
alternative, FIT-based rates was also initiated in 
public power utilities (including at Sacramento, 
United Power, and Gainesville, respectively). 

In some areas of the country, the impact of 
deregulated retail markets must be considered.39 
Retail competition presents a number of issues 
and concerns related to solar DG applications. 
Generally, in deregulated retail markets, an 
energy services provider sells power to individual 
customers. However, as billing involves the local 
distribution utility, and because the solar DG 
system may outlive the customer’s relationship 
with a particular energy services provider, 
regulators have found it beneficial to promote 
consistency in DG programs statewide.
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Conclusion
4.0 | CONCLUSION
Economic and equitable solar integration requires 
basic understanding of at least two disciplines—
state utility regulation (particularly rate-setting) 
and distributed solar-value research. This paper 
has provided an introduction to both of those 
disciplines. By focusing on key concepts and terms, 
the report aims to create an unbiased foundation for 
broad and productive participation in DG-related 
regulatory and policy processes. This includes 
regulators, utility staff, and the range of solar 
stakeholders. The authors observe that all parties 
work under assumptions that need periodic review.

The context for this report is a rapidly changing 
and increasingly dynamic utility environment. 
In particular, as the penetration of distributed 
solar generation increases, the debate on DG and 
NEM policies and impacts is intensifying. Utilities 
that previously could not envision significant 
amounts of grid-tied solar on their systems are 
now becoming aware of distributed-solar impacts 
and are exploring policy options for the immediate 
and longer term. Solar stakeholders also recognize 
the need to work with utilities, in order to support 
solar market growth and to maximize the value of 
this renewable resource.

In noting the differences among state regulatory 
approaches for ratemaking, and then specifically 
for DG- and NEM-related proceedings, it should 
be apparent that details matter, and that there is 
no “one-size-fits-all” analysis for all situations. 
There is some misalignment between traditional 
cost-of-service ratemaking and the introduction 
of customer-based strategies (e.g., distributed 
generation, as well as other demand-side 
strategies), which are beginning to redefine the 
utility industry today. One outstanding example 
is that until very recently (and not yet to a full 
extent) conventional cost-of-service studies have 
not provided very fine resolution, which would 

be needed to better understand the specific costs 
and benefits of having small (but fast-growing) 
amounts of distributed solar on the system. For 
example, many utilities still have relatively little 
data on how costs of service vary in different parts 
of their territories or under different operating 
conditions. However, technology improvements 
are beginning to change that for some utilities.

Traditional regulation tends to fix the utility’s 
sights on the relatively short term and on 
incremental changes. As researchers at the US 
DOE Lawrence Berkeley Laboratory (cited in 
Section 2) point out, current rate-setting analysis 
tends to view solar in relative isolation from the 
dynamic mix of utility resources and technologies, 
or else to view solar in a relatively full operational 
context, but paying little attention to how that 
context can (and will) change over time. Whether 
utilities adapt through a dramatic departure 
from traditional rate design, or whether simpler 
modifications to traditional rate design will suffice, 
the rapid growth of distributed solar is helping to 
drive a resolution to the question.

At this time, many utilities that are puzzling 
over DG and NEM policies are looking to 
customer equity issues and revenue-recovery 
solutions outside of traditional ratemaking. Some 
commissions are stressing so-called performance-
based ratemaking or dynamic ratemaking that 
allows for program- or DG-specific charges, such 
as network-service charges or riders, on their 
bills. This does not imply that “the solution” to 
the NEM policy debate has been found. Rather, a 
range of approaches is under consideration, and 
such charges exemplify—at minimum—regulators’ 
willingness to step out of the box of time-tried 
regulatory thinking.
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It is also important to note that NEM had its roots 
in renewable energy deployment and incentive 
policies, but that solar DG is now more often 
subject to increasingly detailed cost-of-service and 
rate-impact analyses. As discussed in Section 3, 
these analyses need to be conducted on a locale-
specific basis to reflect the unique characteristics 
of the regulatory environment, regional wholesale 
power markets, regional solar resources, state and 
local incentives, and rate structures to name a 
few. The term “impact” is often used in this report 
instead of value, when discussing the analysis of 
solar costs and benefits to the utility, in order to 
underscore that these are net values, which may 
be positive or negative, within each category or in 
aggregate. The list of specific possible impacts is 

growing. As discussed in Section 3, there has been 
some consensus across utility and stakeholder 
groups in identifying key impact categories, if not 
in identifying the best assumptions for the analysis. 

Considering the regulatory mission, there is a 
risk that utilities and stakeholders could focus too 
keenly upon modeling distributed solar impacts, 
generating more detailed and more costly analytic 
methodologies, at the expense of productive 
dialogue. As the saying goes, “the map is not the 
territory.” Ultimately, the regulatory task is to enlist 
a variety of data, analytic tools, stakeholder inputs, 
and careful, experience-based judgment in the 
right proportions to arrive at the best possible solar 
policies and rates.  
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Executive Summary 
Today’s utility planners have a different market and economic context than their predecessors, 
including planning for the growth of renewable energy. State and federal support policies, solar 
photovoltaic (PV) price declines, and the introduction of new business models for solar PV 
“ownership” are leading to increasing interest in solar technologies1 (especially PV); however, 
solar introduces myriad new variables into the utility resource planning decision. Most, but not 
all, utility planners have less experience analyzing solar than conventional generation as part of 
capacity planning, portfolio evaluation, and resource procurement decisions. To begin to build 
this knowledge, utility staff expressed interest in one effort: utility exchanges regarding data, 
methods, challenges, and solutions for incorporating solar in the planning process. Through 
interviews and a questionnaire, this report aims to begin this exchange of information and 
capture utility-provided information about: 1) how various utilities approach long-range resource 
planning; 2) methods and tools utilities use to conduct resource planning; and, 3) how solar 
technologies are considered in the resource planning process.  

The National Renewable Energy Laboratory (NREL) and the Solar Electric Power Association 
(SEPA) worked together to engage utilities directly to research this topic and author this report. 
An advisory council of electric industry experts guided the methodology used and provided 
feedback on draft analysis. The main sources of information captured in this report were 
predominantly from utilities. The authors conducted interviews with electric sector 
representatives from 13 entities (9 of which were utilities) and developed a utility questionnaire 
that secured more specific modeling data sources and methodologies from 28 utilities in 22 
states. Key questions from the questionnaire and a summary of utility responses are included in 
Appendix B. 

Resource Planning Background 
Integrated resource plan (IRP) procedures and long-term planning refer to the processes utilities2 
take to evaluate a wide range of potential supply- and demand-side resource options to meet 
energy (MWh) requirements and peak demand (MW), plus a reserve margin. Utilities look for 
the best set of future decisions to reliably serve customers and meet regulatory requirements over 
a long-term period, usually approximately 20 years. This process is traditionally designed to 
maintain reliability and meet load at the lowest reasonable cost (i.e., least-cost). In recent 
decades, IRP processes have included other factors, including renewable energy mandates. 
Additionally, some utilities have recognized that generation diversity provides direct benefits and 
utilities have started to place increased emphasis on lowering risk and uncertainty of future 
regulations and fuel prices, on “affordable” costs, or other non-cost metrics (unless prevented by 
state law or statute). Valuing diversity and considering the risk of the status quo is one way 
utilities are starting to incorporate non-cost metrics in decision-making. Some utilities note that 
an exclusive focus on least-cost may not yield the optimal portfolio of resources. 

                                                 
1 This report considers distributed solar PV, utility-scale solar PV with and without tracking, concentrated solar 
power with and without storage, PV with battery storage, and concentrating PV. Because distributed PV and fixed-
axis utility-scale PV are the dominant applications in the market, these technologies are the main focus. 
2 For the purposes of this report, “utility” refers to any entity that engages in long-term supply- and demand-side 
planning to serve the load requirements of its customers. This typically applies to vertically-integrated utilities, 
which may include investor-owned utilities (IOUs), municipal utilities, and electric cooperatives. 
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Through interviews and a questionnaire, the authors gathered information on utility supply 
planning. Utilities were asked to provide their resource planning process details, key assumptions 
(e.g. whether DG is represented as supply or negative load), modeling methodology (e.g. type of 
risk analytics and candidate portfolio development), and capacity expansion and production 
simulation model software. Utilities performing the most detailed long-term planning3 include 
the following steps (and within steps there are many variations): 

1. Evaluate State Policies and Mandates. Evaluate state laws and regulations that 
influence future electricity demand and supply (e.g. efficiency and renewable energy 
mandates), because they impact the amount and timing of new supply procurement 
needs and the characteristics of demand increases through the year and over time.  

2. Review Existing Generation Fleet. Consider existing baseload, intermediate, peaking, 
and variable renewable generation that is owned or under a power purchase agreement 
(PPA).  

3. Forecast Load. Study each customer class and forecast current and future energy and 
demand requirements. Roll up the forecasts to determine peak demand periods on a 
daily, monthly, seasonal and annual basis. Attempt to anticipate future disruptive 
changes that could increase demand (e.g., plasma televisions and electric vehicles), 
decrease demand (e.g., energy efficiency program success), or moderate demand (e.g., 
smart meters, load shifting/shedding). 

4. Plan Capacity Expansion. Analyze options for meeting long-term demand using either 
capacity expansion modeling or engineering judgment. Popular commercial models 
include Strategist, System Optimizer (previously known as Capacity Expansion), 
AURORAxmp and EGEAS, although a few utility interviewees use in-house models. 
These models can include one or more specific constraints, such as: specific resource 
limits, minimum renewable requirements, transmission plans and capabilities, resource 
restrictions, and forced plant additions or retirements. Generally speaking, the goal of 
the capacity expansion process is to minimize future costs, given the constraints in 
question. While not always available in commercial models, there are a wide range of 
supply- and demand-side technologies and a variety of configurations possible. Utilities 
interviewed wish more technology options were available in commercial models. Most 
utilities consider scenarios/plausible futures that need to be tested (e.g., forced plant 
retirements, carbon tax, or high natural gas prices) to ensure a robust process. 

5. Production Cost Modeling. Simulate hourly dispatch over the entire planning horizon 
and perform complex sensitivity analyses by: 1) using Monte Carlo simulation to 
randomly change multiple key input variables hundreds or even thousands of times; 4 2) 
varying single variables to examine specific impacts of major assumptions on a 
portfolio; or 3) a combination of both. Variables that can be modified include fossil fuel 
prices, wholesale market prices, load, environmental costs, renewable energy levels, 
hydro availability, energy efficiency, and incentive availability. 

                                                 
3 Based on interviews and questionnaire results, it appears that most – but not all – utilities take the steps detailed 
here. For each step, utilities use different levels of detail, models or alternative calculation methodologies. The 
differences in the baseline supply planning processes were stark enough to capture the different methodologies used, 
as they provide a basis for including solar in long-term planning. 
4 For simplicity, the terms Monte Carlo simulations and stochastic modeling are used interchangeably in this report. 
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6. Select Portfolio. Select a portfolio, in which key metrics for each mix of future 
resources are tracked for comparison purposes. Metrics include revenue requirements, 
capital expenditures, emissions, fuel diversity, water usage, and average system cost. 
Future risk (including generator diversity and potential regulations) is a more recent 
metric used by some utilities to incorporate potential future risks into today’s decision-
making. To select a resource portfolio that is both low cost and resilient to upward price 
risk, utilities can focus on the expected Present Value Revenue Requirements (PVRR) as 
well as the potential price risk (or risk tail, represented by the upper 5% of PVRRs or 
some other value). 

Inclusion of Solar in Resource Planning Processes 
Through interviews and a questionnaire, the authors gathered information on solar project 
representation in long-term utility plans (project size, capacity value and integration cost adder). 

Interviewees gathered solar PV profile and cost information from a variety of sources. Solar 
generation profiles were either taken from existing operational solar plants, or from external 
sources like PVsyst or NREL’s PVWatts program, which provide a typical year of data for a 
limited number of specific locations. While there is interest in the combination of storage and 
PV, storage is not modeled in long-term planning by the majority of utility interviewees, because 
utilities feel they need more credible data and analysis before storage can be successfully 
incorporated. 

Solar cost information was less consistent – and there were big questions about the future, 
especially for PV technologies. Some utilities interviewed believed that U.S. Department of 
Energy SunShot goals for PV may be achieved by 2020; others said costs will continue to go 
down but at a slower pace, and still others said that solar costs have reached their minimum and 
will flatten out for the foreseeable future. These solar PV cost assumptions are reflected in their 
solar cost assumptions used in their long-term planning. Notably, utilities indicated they would 
like more credible estimates of future solar PV prices, because predicting future solar PV prices 
is considered a key uncertainty, especially over a multi-decade planning horizon. While prices 
have come down rapidly, questions remain about how long the prices will continue to decline 
and when they will bottom out (or if they already have). 

One key question discussed at length with interviewees was the capacity value utilities attribute 
to the addition of solar capacity on their system. In essence, a solar generator’s capacity value is 
the percentage of its nameplate capacity that is anticipated to be reliably available to meet daily 
and seasonal peak demand, and is a region-specific metric.5 Fully dispatchable conventional 
generation can be called upon to meet load as it fluctuates throughout the day and year. In 
contrast, the most commonly deployed solar technology, fixed-axis solar PV, generates only 
when the sun is available. Maximum energy production is mid-day; as the sun sets the 
production capability can diminish rapidly, depending on the panel orientation (westward panels 
can moderate this impact, although overall production is likely reduced). Most utilities peak later 
in the afternoon (e.g., between 4-6 p.m. in the summer months), so solar energy may not 
correlate perfectly with a utility’s need, depending on their specific situation (e.g., latitude, 
                                                 
5 Utility resource planners interviewed in this report routinely referred to the percentage of nameplate assigned to 
solar or other variable resources as its “capacity value”. The authors chose to use this term rather than “capacity 
credit”, which is also an acceptable industry term for this characteristic. 
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insolation). Different solar technology configurations can moderate this potential for rapid 
impact through the addition of storage, or PV tracking (one or multiple axes).  

Figure ES 1 shows the ranges of capacity values attributed to a variety of solar configurations, 
based on questionnaire responses. 60–76% of respondents assigned some capacity value to the 
first three solar PV configurations, ranging from 0–60% for fixed PV and up to 80% with 
tracking. Conversely, only 26–44% of utility respondents assigned any capacity value to CSP 
(with or without storage), PV with battery storage or concentrating photovoltaics (CPV); 56–
74% used a 0% capacity value.6  

 

Note: Numbers in circles represent the number of utility responses 
Figure ES 1. Range of solar capacity values used in planning analysis, by technology, 

provided by utility questionnaire respondents  

 

A few other considerations for including solar in resource planning were briefly discussed during 
interviews, including solar integration costs (the costs to manage solar variability with other 
generating resources, typically $2-11/MWh – as indicated by utility IRPs investigated by LBNL 
(Mills and Wiser 2012)), whether to treat customer-sited distributed generation as net load 

                                                 
6 These utilities either have no or virtually no solar on their systems today, or have specifically stated that they have 
not determined the capacity value assigned to solar at this time. 
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(typical) or as a resource (just starting), and ways to link long-term resource planning with power 
procurement through request for proposal processes. 

A number of key challenges of incorporating solar into supply planning analysis were raised 
during the utility interviews. Most of these utilities have not experienced notable levels of solar 
PV, CSP or CPV penetration, and have not always modeled solar in their IRP studies. Most 
utilities expressed an interest in incorporating and refining distributed- and utility-scale solar PV 
in their modeling (since they anticipate more PV coming onto their system in the next decade), 
although some utilities noted that CSP and CPV are not appropriate technologies for their service 
territories. Several utilities mentioned that they participated in this project specifically to learn 
from their peers about best practices.  

Improving Solar Within Utility Supply Planning 
Utility interviewees identified a number of benefits and challenges associated with solar 
technology, listed in Table ES 1 and described in more detail in the report. And with declining 
technology costs and increasing customer interest, the participants stated that they are likely to 
include solar PV as a resource in their forthcoming plans.  

Table ES 1. Benefits and Challenges of Solar, Based on Utility Interviews 

 

With these benefits and challenges in mind, utilities can more accurately incorporate solar 
generation into their long-term planning processes. The following list highlights some of the 
leading, utility-identified best-practices and analysis needs discussed in Sections 4 and 5 of this 
report: 

1. Analyze and assign appropriate capacity values to solar resources – While not 
always available at 100% of potential output when a utility’s demand peaks, solar 
generation provides some ability to meet that peak. Utilities can carry out capacity 
valuation analyses for solar resources that are specific to their system and region (PV 
with or without tracking and with or without storage, CSP with or without storage and 
CPV). For PV, differentiation between fixed tilt and tracking systems will clarify results. 
Further, utilities can update all solar values on a routine basis as penetrations increase 

Benefits of Solar 

• Meet renewable standard 
requirements 

• Fuel diversification 
• Cost stability 
• Geographic dispersal benefits and 

modularity 
• Partial correlation with peak demand 
• Mitigation of environmental 

compliance risks  
• Avoid line losses (typically DG only) 

Challenges of Solar 

• Variableand uncertain output 
• Ramping issues 
• Economics 
• Lack of current capacity need 
• Cross-subsidization concerns (DG) 
• Reduced capacity benefit over time 

with increasing solar penetration 
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(which may result in declining capacity values over time). Consider the benefits of 
geographic diversity and be sure to include integration cost add-ons, if needed. 

2. Analyze solar individually, to get more accurate aggregate results – Individual solar 
assets are subject to output variability relative to the specific conditions at their sites; 
however, when solar generation is aggregated across multiple systems in various sites 
this variability becomes substantially reduced. For long-term planning purposes, 
consider aggregating individual solar profiles to create a more accurate aggregated 
geographic dispersion of specific systems. 

3. Improve modeling assumptions and methods – If not modeled accurately, the 
inclusion of solar can yield erroneous results. Based on analysis experience to date, 
results can be skewed when solar is added to previously-optimized generation portfolio, 
decreased marginal capacity credit is not accounting for with higher solar penetrations, 
neighboring utility activities are unaccounted for, or accurate thermal generator 
operating limits are not appropriately captured. 

4. Pursue sub-hourly sensitivities – The vast majority of production cost modeling work 
undertaken today is done based on an hourly dispatch over the planning horizon. 
Attempting to run those same models on a more granular level (such as 15-minute 
dispatch) would prove both time-consuming and computer-intensive. As an alternative, 
utilities can consider modeling sample periods (such as one week a season for each 
planning year) on a more granular sub-hourly basis. This approach could provide insight 
into the integration issues caused by variable resources like solar, show the impacts to 
generation ramping, dispatch, and system operations, and lead to refinements in the 
amount of flexible resources or energy storage included in future portfolios of resources.  

5. Evaluate whether to treat distributed generation as a resource – The majority of 
utilities today treat distributed generation (DG) resources as a net load impact. This 
approach, while acceptable, in essence embeds distributed solar penetration variability 
within the utility’s load forecast. Utility load is one of the key drivers of long-term 
supply planning, so combining DG and actual load forecast may make it harder to 
determine the impact of either alone. Alternatively, it might make sense to analyze solar 
DG as a resource that can be dynamically added in capacity expansion models. Utilities 
can then test how changes to key input variables impact the cost viability of distributed 
solar resources, and begin to optimize the amount of DG they want to target in the 
future. 

6. Utility-identified analysis needs – Finally, utilities identified a number of key analysis 
needs that would better inform their supply planning, including: 

• Credible PV price and performance data (preferable from other utilities or another 
third-party; not from industry) 

• Analysis of how to incorporate geographically diversified resources into modeling 
o Example: Instead of one 50 MW PV plant; model ten 5 MW PV across territory 

• Analysis of the potential relationship between energy storage and PV 
• Easier ways to predict impacts of increased PV penetration 
• Better risk/uncertainty analysis methods (beyond scenario planning) 
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• Improved commercial models that include: 
o Currently unavailable technologies (e.g. solar PV, CPV, CSP, wind, etc.) 
o Intra-hour sensitivity capability 
o Improved performance (e.g. runtime when running sub-hourly) 

• Capture distribution system impacts of DG and other technologies/activities in long-
term plans (broader issue than solar) 

• Clarity about when to include DG in supply modeling 
o What is the tipping point that will impact results? 
o What is net-energy metered DG’s impact on revenue requirements?7 

• Supply additions during periods of low/no load growth. 

  

                                                 
7 Although the resource planning process and resulting documents are not part of ratemaking procedures, utility 
supply planning does occur within the broader context of utility decision-making and is impacted by the utility's 
overarching goals. As such, during the discussions of resource planning, the issue of the impacts of distributed 
generation on utility revenues and the implications for utility planning processes arose. Here we present only the 
results of our discussions with utility representatives, and do not holistically explore the issue of utility revenue loss 
resulting from distributed generation. This key question indicates that further research is needed.  
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1 Introduction 
1.1 The Task for Utility Resource Planners 
When large coal facilities were constructed 50 years ago, utility planners had never heard of 
production cost models or integrated resource plans. Climate change was still an unfamiliar 
term, and utilities were tasked with meeting a steady six-percent load growth. Committing to 
large coal-fired generating stations, despite the risk and investments they required, was likely 
viewed as a necessity to provide baseload generation, rather than one option of many. 

Today’s utility planners are presented with a very different landscape: near-zero load growth, 
the near-term retirement of large baseload facilities, fuel price uncertainties, a variety of 
evolving generation and grid technologies, state and federal efficiency and renewable support 
policies, and a host of environmental considerations. Planners are asked to balance a wide 
variety of factors relating to reliability, cost, risk, environmental protection, and equity. They 
have an aging grid, new customer demands, and a host of stakeholders to consider. Utility 
resource planning has evolved into a resource-intensive process that requires significant 
expertise, substantial time, and sophisticated tools (Wilson and Peterson 2011). Even so, 
there are many benefits to undertaking a thorough planning process to determine the lowest 
practical costs of reliably meeting expected future electricity demand. For this reason, at least 
27 states now require utilities to produce formal IRPs or similar plans (Wilson and Biewald 
2013).8 

1.2 Purpose of this Report 
One of the relatively new elements that resource planners are challenged to consider is solar 
energy technology.9 The goal of this report is to review current utility practices in long-term 
supply planning, and to understand how solar technologies are represented and modeled. 

Federal and state policy developments, solar PV price declines, and the introduction of new 
solar PV “ownership” business models are stimulating increasing interest in solar 
technologies, at every scale. However, solar introduces a host of technology types, a wide 
variety of system sizes (from residential to utility-scale), variability in the generation profile, 
and rapidly changing costs. In addition, the established rules, regulations, and laws that 
govern utility supply procurement were developed during a time when large-scale, centrally-
located, conventionally-fueled generation was the only real option considered. Now that 
generation options and different configurations are increasing, the policies may need to be 
adapted to new technological, operational, and market needs, such as distributed solar 
generation.  

Most, but not all, utility planners have less experience analyzing solar than conventional 
generation as part of capacity planning, portfolio evaluation, and resource procurement 
decisions. In the last 5-10 years, some utilities have developed tools and methods to model 
solar PV, if not other solar technologies. However, aside from publicly-available IRPs, there 
have been few resources through which utility planners can learn from each other regarding 

                                                 
8 For the purposes of this report, the authors use integrated resource plans, integrated resource planning, and 
long-term planning interchangeably. 
9 This report considers distributed solar PV, utility-scale solar PV with and without tracking, concentrated solar 
power with and without storage, PV with battery storage, and concentrating PV. Because distributed solar PV 
and utility-scale PV are the dominant applications in the market, these technologies are the main focus. 
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methods, challenges, and solutions about how to consider solar in planning process.10  This 
report aims to begin this exchange of information.  

In sum, this report aims to build understanding of: 

• Time frames and methods for utility long-range resource planning 

• Tools and assumptions to conduct utility resource planning 

• How solar technologies are considered in the resource planning process.  

1.3 Key Audiences 
The primary audience for this report is utility resource planning departments. The report’s 
aim is to share information about how others in the industry incorporate solar generation – 
both utility-scale and customer-sited – into their resource planning processes. A secondary 
target audience is the U.S. Department of Energy, who is interested in understanding how 
solar electricity is represented in the market and whether there are analysis needs the 
Department can address.  

1.4 Related Research to Date 
The research for this report builds upon work completed in 2012 by Lawrence Berkeley 
National Laboratory (LBNL), as reported in “An Evaluation of Solar Valuation Methods 
Used in Utility Planning and Procurement Processes” (Mills and Wiser 2012). For that effort, 
LBNL conducted a literature review of a sample of utility planning studies and procurement 
processes. Their aim was to understand the methods utilities use to design resource portfolios 
for consideration, as well as how the utilities evaluate the various bids during the 
procurement process. They looked at how the utilities approached a variety of factors – 
including capacity value, energy value and integration costs, risk reduction, grid integration, 
and operability issues – as they relate to solar.  

The LBNL team found that utility approaches vary widely. While many utilities have a 
method to evaluate the value of solar, only a few conducted detailed analyses that considered 
key factors. Rarely were the tradeoffs between various solar options or the full range of 
benefits and costs to the grid considered. The authors noted that improvements could be made 
to current utility methods in many areas, including the ranking of resource options, estimating 
capacity, evaluating the energy value of solar, estimating integration costs, and considering 
storage. 

This report expands on the LBNL report. While the LBNL report used information found in 
utility IRPs and looked only at methodology, this report relies on interviews and a 
questionnaire to investigate the planning process and assumptions more thoroughly.  

1.5 Research Methodology 
1.5.1 Research Team 
NREL managed the project, directed research, and led analysis of results. Together, NREL 
and SEPA conducted electric sector interviews, delivered a utility questionnaire, and 
analyzed results. NREL and SEPA worked together to author this report. 

                                                 
10 The Joint Resource Planner’s Forum, sponsored by the Western Governors’ Association, has also provided a 
forum for information exchange for planners in the U.S. West. See: http://westgov.org/newsite/crepc/past-
meetings/.  

http://westgov.org/newsite/crepc/past-meetings/
http://westgov.org/newsite/crepc/past-meetings/
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1.5.2 Advisory Council 
Prior to beginning the research for this report, a small advisory council was formed. The 
council helped focus the project’s goals, inform its design and review the questions that were 
used in interviews with select utilities and in a written questionnaire. The council consisted of 
6 members representing two utilities, two national labs (NREL and LBNL), and two 
stakeholder groups (National Regulatory Research Institute and Western Resource 
Advocates). 

1.5.3 Utility and Stakeholder Participation 
Much of the data for this report was obtained through interviews with utility planners and 
non-utilities involved with the resource planning process, including software providers and 
consultants. Most, but not all, are identified in the acknowledgements; a few prefer to remain 
anonymous given current or near-term resource planning activities. In total, the research team 
conducted interviews in-person or by phone with representatives from 13 entities in the 
electric sector, including nine utilities. The authors gathered information on utility supply 
planning and how solar is represented, including: 

• Resource planning process details (planning horizon, expected net load growth),  
• Key assumptions (whether DG is represented as supply or negative load, solar cost 

assumptions, existing solar projects)  
• Model methodology (inclusion of distribution and transmission planning, type of risk 

analytics, candidate portfolio development),  
• Model software (which models for capacity expansion and production simulation); and 
• Solar representation (project size, capacity value, integration cost adder). 

To supplement the interviews, the research team designed and administered a questionnaire. 
The questionnaire, which was distributed to 58 utilities using a web-based platform, included 
25 questions focusing on the methods and tools used in the planning process and the 
incorporation of solar into this process. Key questions and a summary of utility responses 
from the utility questionnaire are included in Appendix B.11 Twenty-two responses were 
received, representing 28 utilities in 22 states.12  

1.6 Report Organization 
In Section 2, the report provides background information, including the IRP/long-term 
planning process, laws and regulations that shape electricity supply and demand (e.g. state 
mandates for renewable energy and energy efficiency), and related research to date. Section 2 
also covers details of the resource planning process and explains considerations about the 
existing generation fleet, load forecasts, capacity expansion planning, production cost 
modeling, and long-term portfolio selection. The inclusion of solar in resource planning 
processes is explored in Section 3. This section includes a solar PV technology overview, 
information on where to get solar data, experiences in capacity valuation, and additional 
considerations in how to include solar in resource planning. Section 4 explores challenges 
and benefits with including solar in the supply planning process that were identified by the 
utility participants and stakeholders, as well as some utility-identified answers for thirteen 
key questions around including solar in utility long-term planning. And finally, next steps and 
utility-identified analysis needs are discussed in Section 5. 

                                                 
11 Individual utility responses are not provided in this report. 
12 Some utilities reported similar planning processes across multiple affiliated companies, and some utilities 
operate in multiple states. 
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2 Resource Planning Process 
Integrated resource/long-term planning is a utility function that looks across a wide range of 
potential resource options to decide the best combination to reliably serve customers over a 
long-term period, often 20 years or more. This long-term view is often codified in an IRP or 
other long-term plan.13  Based on interviews and questionnaire results, it appears that most – 
but not all – utilities follow a similar structure for long-term planning. It is also clear that for 
each step, utilities use different levels of detail, models or alternative calculation 
methodologies to analyze their generation portfolio. While resource planning is much broader 
than just the incorporation of solar, the differences were stark enough that the authors decided 
to capture the different methodologies used, as they provide a basis for incorporating solar 
into long-term planning. 

2.1 Key IRP Metrics: Least-Cost and Lowest-Risk 
Historically, IRPs were judged almost exclusively on a least-cost perspective, meaning 
utilities must choose whatever mix of future resources result in the lowest cost. Cost still 
appears to be the dominant metric guiding long-term planning decisions, particularly because 
the least-cost requirement may be codified in state law. With the advent of renewable energy 
and energy efficiency standards, coupled with several natural gas market disruptions and 
associated price spikes, some state commissions and utilities are increasingly looking toward 
incorporating supply diversity and risk-reduction into their planning model. For example, 
some utilities are placing an emphasis on risk-adjusted metrics that consider future 
regulations, future fuel prices, “affordable costs” or other non-cost metrics.  

However, some states may require state law updates in order to consider least-risk in addition 
to least-cost. For example, the Wyoming Public Service Commission updated their guidelines 
for IRPs to specifically state that the commission’s review of resource plans may include 
“least-cost/least-risk planning” (WY PSC 2013). Utilities who note that an exclusive focus on 
least-cost may not yield the optimal portfolio of resources, may decide to push for changes in 
state law and statute to allow for inclusion of least-risk considerations in addition to least-
cost. 

Incorporating regulatory and fuel price risk and variability into the planning process 
introduces significant complexity but provides a much fuller picture of how different 
assumptions regarding future resource mixes will impact key metrics for the utility in 
question. For example, the following questions can be more closely analyzed when 
considering least-risk in addition to least-cost:  

• What is the impact of a 30% price swing in natural gas on the future revenue 
requirements of multiple portfolios?   

• How do more stringent environmental regulations impact the economic viability of 
the existing coal fleet?   

• Will higher load growth materially impact the resource decisions being made in the 
next five years?   

• In 30 years, what are the potential risks and uncertainties with building resources 
today? 

                                                 
13 To illustrate an example of a successful and thorough process, a case study covering Tennessee Valley 
Authority’s recent IRP is included at Appendix A. 
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To determine the answers to these questions, the utility must examine relevant supply and 
demand policies, look at its existing fleet of generation resources, project the longevity and 
availability of each asset and contract, consider demand-side opportunities to reduce load 
and/or peak demand, forecast future energy and peak demand requirements, and determine 
the best set of future resource additions to meet customer needs. As a result, there are a large 
number of variables that could change over a 20–30 year planning horizon, and thus a large 
number of potential futures that could come to fruition.  

It is important to note that utilities plan to meet two related yet distinct customer needs as part 
of this assessment: peak demand (in MW) and energy requirements (in MWh). From a peak 
demand standpoint, utilities typically plan to meet the forecast load growth plus a reserve 
margin. This reserve margin is often based on a Loss of Load Probability study, i.e., 
determining the reserves needed to ensure a probability of no worse than one outage in a 10-
year period. Reserve margins vary slightly for each utility, but typically fall in the 12–18% 
range of peak demand (meaning that for every 1,000 MW of peak demand, utilities plan for 
1,120–1,180 MW of generation availability).  

From an energy perspective, the mix and type of each generation resource becomes much 
more critical. A utility could conceivably meet all of its needs by adding combustion 
turbines; however, these resources typically have a poor heat rate (or lower fuel efficiency), 
which translates into a high overall production cost to the consumer. Alternatively, the utility 
could meet all of its future needs with renewable energy, which effectively has no production 
cost due to its fuel source being free; however, renewable energy is often variable in nature 
and not perfectly aligned with system needs. This could result in a significant over-building 
of capacity than would otherwise be pursued. It is for these reasons that integrated resource 
planning is such a critical activity for so many utilities – the decisions contemplated in this 
process can have huge ramifications to customers over the long term. 

2.2 The IRP Process 
Integrated resource planning is the process of determining the lowest practical costs of 
reliably meeting expected future electricity load through the combination of supply-side 
generation and demand-side resources, while balancing reliability of service, environmental 
protection, and other goals.  

Given the benefits of careful planning, particularly to ratepayers, some states require utilities 
to undertake IRP or long-term planning processes that are overseen by the state regulators. As 
of 2011, 27 states had IRP requirements, two states were developing or revising IRP rule or 
filing requirement, and ten states had long-term plan filing requirements (see Figure 1). The 
planning horizons generally range from 10 to 20 years, with the majority using a 20-year 
period. Plans must be updated every 2–5 years, with most states requiring biannual updates 
(Wilson and Biewald 2013). In general, state rules require that all feasible supply and demand 
side resources be considered, with some states specifying the resource types.  
 
Long-term planning can be done differently, depending on the structure of the market and the 
authority of the regulators. In states with regulated retail markets (mainly in the West and 
South), generation suppliers are regulated and often have state requirements to produce an 
IRP or long-term plan. In states with competitive retail markets (mainly the Northeast, Mid-
Atlantic, parts of the Midwest and California), the suppliers of generation are not regulated, 
and thus do not have state requirements that suppliers produce an IRP. Distribution 
companies that operate in competitive markets, however, are the “provider of last resort” and 
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are thus responsible for procuring power for customers that do not choose a competitive 
generation supplier. These distribution companies are subject to oversight by the public 
utilities commission. As of 2011, four states with competitive retail markets (Ohio, Delaware, 
Connecticut, and Rhode Island) required distribution utilities to undertake an IRP process, 
although the resource plans are generally not as comprehensive as in states with vertically-
integrated utilities (SEE Action 2011). Even in the states that do not require the submission of 
IRPs or long-term plans, utilities often undertake their own resource planning efforts as a 
matter of prudent business practice either on regular intervals or as needed based on market 
conditions. 
 

 
Adapted from Wilson and Biewald 2013 

Figure 1. States with IRP requirements as of 2011 

2.3 Electricity Supply and Demand Laws and Regulations 
Many states have laws or regulations that can impact the mix of generation supply, or the 
total amount of customer demand. The dominant supply policy is the renewable portfolio 
standards (RPS). RPS policies require electric utilities to generate or buy renewable energy 
(RE) equal to a certain percentage of their retail electricity sales, or a set minimum quantity, 
within a specified timeframe. Currently, 29 states and the District of Columbia have 
established RPS mandates, while eight states have less binding goals. RPS policies vary by 
state in their requirement, deadlines, types of utilities covered, eligible resources, penalties 
for non-compliance, and technology eligibility. Several states have specific solar or 
distributed generation “carve-outs,” shown in Figure 2. 
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Adapted from DSIRE 2013 

Figure 2. States with RPS requirements 

Together, current policies require 3–5 GW of new renewable energy capacity to be added 
each year between now and 2020, with a total of 94 GW of new renewables by 2035, if full 
compliance is attained (Barbose 2013). States sometimes adjust the standards, historically to 
increase the requirements, though several unsuccessful legislative initiatives to limit or cancel 
RPS requirements occurred in 2013.  

Renewable energy mandates may be incorporated into resource planning by setting 
constraints in capacity expansion and production cost modeling and by including the mandate 
as a criterion during the evaluation of resource portfolios. 

Demand-related policies can include energy efficiency mandates, utility energy efficiency 
programs, demand response/shifting and technologies such as smart meters. These programs 
are evaluated to estimate program growth and then rolled into the overall load forecast (see 
section 2.5) to determine what peak demand is and when it will occur. 

2.4 Existing Generation Fleet Review 
The first step in resource planning is determining the longevity of the existing fleet of 
generation assets and purchased power contracts. Generation can be categorized into four 
main categories: baseload, intermediate, and peaking. Baseload generation assets are 
typically larger plants that have very low operating costs and are intended to run on a nearly 
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constant basis. They also require a long lead time to start and therefore ramping on and off 
are not particularly viable for these facilities, particularly as it could have an impact on 
minimum loading requirements for the generators. Nuclear and coal generation are often 
treated as baseload resources. The degree that baseload facilities can ramp up and down is 
dependent upon the design of each individual plant. NREL research shows that repeated 
cycling of coal plants can have large impacts on cost and wear (Lew et al. 2012).  

Intermediate resources, typically natural gas combined-cycle plants, dispatch next. These 
resources are typically more flexible (compared to baseload plants) and able to follow load 
during the day. They can also be started more quickly than baseload resources (in a few 
hours), can be cycled on and off daily, and can be ramped up and down relatively easily.  

Peaking resources such as combustion turbines are used to meet demand during the peak 
hours of the day when load is at its highest. These assets can start and stop very quickly 
(often in 10 minutes or less), but are more expensive to operate. Graphically the three 
dispatchable resource types can be depicted as serving distinct portions of a utility’s load 
duration curve, shown in Figure 3. 

 

Figure 3. Load duration curve by resource category 

Certain renewable resources can be placed into a fourth category called “variable.”  
Renewable resources like solar and wind are not dispatchable; that is, they cannot be turned 
on and off at the utility’s discretion. Moreover, they are effectively “must take” resources, 
meaning that when the sun shines or the wind blows, the utility will be taking the energy.  

Separate from utility-owned generation assets, many utilities rely upon purchased power 
agreements (PPAs), power exchanges, storage, and short-term market transactions to meet a 
portion of their load requirements. Contracted power could be in the form of fixed blocks 
(100 MW delivered for a given time period), tolling agreements (where the utility is 
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responsible for the delivery of gas and dispatching the third party’s unit), or call option 
contracts (executable when the power price exceeds an agreed upon strike price). PPAs differ 
significantly from owned assets in that when their contract term ends the resources must be 
replaced or renegotiated, whereas with owned assets there is the potential to extend the 
plant’s life. 

When approaching long range planning, the utility must understand what tools it has in the 
proverbial toolbox and how long those tools will be accessible. As infrastructure ages, more 
and more generation assets will be nearing the end of their useful life and plant retirement 
decisions will loom large. This is particularly relevant with existing coal-fired generation, 
where environmental regulations requiring expensive upgrades to emissions control 
equipment, coupled with low natural gas prices, cause resource planning groups to perform 
detailed economic analyses of repair-versus-replace scenarios. Plant retirements could require 
the addition of new generation assets regardless of whether the utility forecasts any customer 
load growth during its planning horizon. 

2.5 Load Forecast 
A key component in long-term planning is predicting future customer demand. This involves 
detailed analytical reviews of each customer segment and the likelihood of each segment 
adding new customers as well as increased (or decreased) consumption on a per-customer 
basis. Residential customers can change their electricity needs without physically changing 
their footprint in several ways. Increased load can result from more computers, smart devices, 
and video games, as well as replacing old technology with new, higher energy-use 
technology (e.g., plasma TVs). Decreased load can occur when appliances are replaced with 
more energy efficient models. For each customer class, the utility rolls up the load forecasts 
to determine the peak demand periods on a daily, monthly, seasonal and annual basis. 

According to data collected by the Energy Information Administration, electricity sales 
growth has slowed significantly over the last several years compared to the previous several 
decades (EIA 2013). 

Table 1. Historical and Projected Load Growth 

Time Period Average Annual 
Load Growth 

1981 – 2005 2.3% 
2006 – 2012 0.23% 
2013 – 2040 (est.) 0.78% 

 Source: EIA 2013 
 

Utilities as recently as five years ago were building resource plans based upon compound 
growth assumptions of more than 2% per year. The economic slow-down that began in the 
late 2000s is a principle cause of the reduced demand growth in recent years. In addition, 
many utilities have implemented energy efficiency programs and goals, which further reduce 
energy and demand projections. Others have implemented programs designed to reduce 
demand (utility energy efficiency programs), or to moderate demand including the use of 
smart meters, demand side management and programs designed to shift or shed peak loads. 
Based on a questionnaire conducted in support of this report, utilities appear to have lowered 
their overall internal load growth forecasts and are now more in line with what EIA is 
predicting (see Figure 4). 
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Source: Utility questionnaire, as part of this project14 

Figure 4. Average annual consumption growth (Net of EE/DG) 

Aligning a growth assumption with the existing generation and purchased power assets gives 
the resource planning group a vision of how much new generation capacity is required and 
when those additions are needed. This task is tackled as part of capacity expansion planning. 

2.6 Capacity Expansion Planning 
Capacity expansion planning is the act of determining the most viable long-term resource 
plan that meets projected electric demand. The process includes reviewing a wide array of 
new resource additions or contract renewals to meet growth or fill needs created by asset 
retirements and purchase contract expirations. Multiple future energy resource mixes, based 
on a wide array of potential options, are considered in aggregate. As mentioned previously, 
many utilities have operated or continue to operate in a least-cost planning environment; the 
determination of what is truly least-cost is a difficult task. Utilities have at their disposal 
dozens of technology choices and multiple configuration options within those choices. Figure 
5 shows some of the choices for natural gas and solar. 

                                                 
14 Load growth is highly region-specific, as it depends in large part upon a utility’s local economic outlook and 
population growth. 
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Figure 5. Sample resource selection options 

For each viable technology option, the utility will track and calculate a series of cost and 
performance characteristics that will drive decisions about whether the resource will be 
included in any year of a future potential resource plan. Representative characteristics are 
shown in Figure 6. 

 

Figure 6. Resource characteristics used in capacity expansion planning 

Based upon these options and their unique characteristics, a plan for future resource additions 
can be developed. Two general forms of capacity expansion planning occur today: capacity 
expansion modeling and engineering judgment. 
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2.6.1 Capacity Expansion Modeling 
Capacity expansion modeling is a process of creating a series of resource plans using a 
computer software tool called a capacity expansion model (CEM). Utilities provide an array 
of inputs into the model with details on their existing generation assets and purchased power 
contracts, load growth assumptions, cost curves for fuel sources, capital and O&M costs for 
potential resource additions, and other key variables. The models then typically run through a 
dispatch simulation (often a sample week in every month of the planning horizon) that 
reviews existing resources against load requirements and determines when new resources are 
required. The model then reviews the resource options available and identifies the best choice 
based on set criteria, often times using least-cost as the primary criterion (as noted earlier, 
some utilities are also including one or more lowest-risk criteria). To do this, the model looks 
at literally thousands of potential resource addition combinations and uses filters or “screens” 
to reduce them down to either one optimized plan or a ranked series of plans. 

Certain constraints can be forced on the model so that multiple outcomes result, which can be 
further investigated with additional modeling. For example, Table 2 shows the potential 
capacity expansion constraint criteria, along with an explanation of how each criterion is 
applied. 

Table 2. Examples of Capacity Expansion Model Constraints 

Potential Capacity Expansion Constraint Criteria Motivation 
Limiting the number of specific resources that can be 
added in a given window of time 

This approach is taken if the utility knows that 
it will be constrained from a capital or 
workforce perspective and could not build 
more than a given number of resources (i.e., 
combustion turbines) in any given year or over 
a set period of time. 

Setting a minimum level of capacity or energy from a 
specific resource type 

If a utility is subject to an RPS standard, this 
approach could be used to force a renewable 
resource to be selected even if it is not the 
least-cost option. 

Restricting certain resources from being selected A utility may wish to run a scenario where the 
model is not allowed to select certain resource 
types, like new coal generation, or limits how 
much capacity can be from PPAs. 

Requiring a specific resource to be built at a certain 
point in time 

The utility could force the model to place a 
specific unit in service during the planning 
horizon. This could be done if the utility 
wished to see the impacts of adding new 
nuclear capacity. 

Forcing a plant retirement prior to its book life Certain environmental regulations could 
warrant early closure of coal-fired generators. 
While capacity expansion models often can 
run “repair versus retire” analytics, the utility 
may wish to see the retirement scenario play 
out regardless of the least-cost option. 

 

By varying these constraints with each successive run of the CEM, a utility will be able to see 
the resource plans optimized to different end goals. Another way of thinking about this 
process is the concept of scenario planning. Several utilities use a series of “future states,” or 
potential scenarios that could play out in the future, to drive how they could approach 
building out resource plans.  
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Scenario planning often tries to set plausible boundary cases based on existing unknown 
conditions. For example, one scenario could contemplate a future with extremely restrictive 
federal environmental policies. The utility could then look at constraining the CEM by 
forcing closure of coal plants, using high natural gas price curves, setting a carbon tax, or 
other activities. The CEM would then look to build a portfolio that operated at the least cost 
possible in that potential future, possibly by focusing on renewable additions. Alternatively, a 
scenario could be developed that postulated persistently low natural gas prices due to shale 
gas availability. This low-cost gas curve would likely lead to natural gas generation being the 
dominant new resource of choice. 

The result of these constrained scenarios is a series of resource plans optimized to different 
assumptions and that outline the construction timeframes and availability dates of new 
resource additions throughout the planning horizon. 

2.6.2 Engineering Judgment 
One criticism of reliance on CEMs is that many of the resulting portfolios look quite similar. 
This is because the software is trying to optimize around cost given all of the constraints it is 
working against, and it will not make wildly different selections on its own.  

Some utilities rely instead on engineering judgment to come up with distinct portfolio 
options. Developing portfolios using this approach often starts with an end goal and works 
backwards. A utility could look to create portfolios that met substantively different goals, 
such as a plan that would consume the least amount of water or a plan that used 30% 
renewable energy. These end goals could be internally generated or could result from gauging 
the interests of key stakeholders in the IRP process. Regardless, it is a viable method to 
determine the timing and addition of key resources. 

2.7 Production Cost Modeling 
The next stage in the long-term planning process is to run a production cost model (PCM). 
PCMs simulate hourly dispatch over the entire planning horizon rather than a representative 
sample as is done in a CEM. Utilities use these hourly dispatch models to perform complex 
sensitivity analyses. One approach is called Monte Carlo simulation, where multiple key 
input variables are randomly changed hundreds or even thousands of times in order to see 
how robust each potential resource plan is and how well it performs against a handful of key 
metrics. Other utilities will vary one variable at a time in order to see the specific impacts that 
major assumptions have on the outcome of a portfolio. Some utilities use both methods. 

There are a group of assumptions utilities commonly vary as part of this process, as shown in 
Figure 7. 
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Figure 7. Common factors in PCM analytics 

For multi-variable Monte Carlo simulations, variables can be correlated or allowed to move 
randomly. While capacity decisions may already have been decided, the changes in these 
inputs can align with the future state/scenario planning described previously. The utility 
could limit variables to certain ranges for each future state and test all of the portfolios 
against those cases to see how they would perform in a wide variety of situations.  

By running an hourly PCM model, the utility is effectively looking at unit-by-unit dispatch 
across their system and instituting a dispatch of the resources based on economic merit. 
Modifications in certain assumptions can cause a significant shift in dispatch merit order. For 
example, adding a tax on carbon emissions reduces the economic viability of coal generation 
compared to other resources; depending on the level of the tax, it could result in coal 
resources being dispatched less frequently than would otherwise occur.  

With this increased level of detail and precision, the resource plans developed in the capacity 
expansion planning phase can be compared with each other across a wide variety of 
sensitivities. This process can also give the utility an understanding of how resistant each 
resource plan may be to market unknowns and risks; this robustness (or lack thereof) factors 
into the decision-making process in many IRPs and long-term plans. 

In order to simulate the complete picture, utilities often run these models in conjunction with 
each other, since capacity expansion and PCM tend to run as separate models. Table 3 
provides a list of some common models currently utilized by utilities in resource planning. 
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Table 3. Common Resource Planning Tools and Their Associated Functions 

Software Tool Capacity 
Expansion 
Modeling 

Production 
Cost 
Modeling 

Transmission 
Simulation 

Notes 

Strategist ✔   Pairs with PROMOD IV 
System 
Optimizer 
(Capacity 
Expansion) 

✔   Pairs with Planning and Risk 

PROMOD IV  ✔ ✔ 
Pairs with Strategist 
Regional scale 
Hourly load profile 

Planning and 
Risk 
(PROSYM) 

 ✔  Pairs with System Optimizer 

AURORAxmp 
 ✔ ✔   

Strategic 
Planning 
(MIDAS) 

 ✔  Used mostly for financial 
analysis. 

EGEAS ✔   

A modular package that 
optimizes to a load duration 
curve, with the single 
objective of least cost 

GENTRADER  ✔  
Modular tool  
Regional scale  
Hourly load profile 

PLEXOS  ✔ ✔ 

Models transactions to 
consider competition of 
supply, and is thus suitable for 
use in a competitive 
environment. 

 

2.8 Portfolio Selection 
The end result for many IRPs is a recommendation on a resource portfolio. Selecting one 
resource plan from several (or dozens) created in the capacity expansion planning process 
and analyzed through production cost modeling can be a daunting task. To assist with this, 
utilities rely on a handful of key metrics to guide their selection. These metrics could be 
viewed qualitatively or quantitatively as part of a detailed scorecard. Metrics typically 
examined are shown in Figure 8. 
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Figure 8. Key metrics for IRP and long-term planning selection 

Of particular note is the inclusion of risk parameters in the long-term planning process. Least-
cost planning dominated the IRP landscape for many years; however, several states have 
introduced least-risk planning and metrics as a way to gauge the potential for long-term rate 
stability. These can include the value of generator diversity to lower potential future risks, as 
well as the potential risk of future regulations that could increase the risk of today’s supply 
decisions. Risk metrics are often a result of detailed Monte Carlo simulations, where it is 
possible to create a bell curve of potential present value of revenue requirements (PVRR) for 
each portfolio. If a utility wanted to ensure that it selected a portfolio of future resources that 
was both low cost and resilient to upward price risk, it could focus on the expected PVRR as 
well as the potential price risk (or risk tail, represented by the upper 5% of PVRRs or some 
other value). 

 

Figure 9. Sample scatter plot of portfolios for risk analytics 
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In the sample scatter plot in Figure 9, a handful of potential resource portfolios are plotted 
based on two key metrics: their expected PVRR, and the delta between their 95th percentile 
PVRR (i.e., upper tail of cost projections) and the expected PVRR. Portfolios falling in the 
lower left quadrant (as highlighted by the black line in Figure 9) would be considered to have 
lower expected cost as well as lower overall risk of price increases for ratepayers. While only 
a few utilities follow this approach, many have considered adopting this or some other similar 
method as part of their portfolio selection process. This can be augmented by also looking at 
the environmental impacts of each portfolio (carbon emissions, water usage, etc.), or even 
impacts to economic development criteria like job creation.  

It is important to note that portfolios selected as part of an IRP process are rarely binding; 
rather, they are treated as roadmaps based on a given set of assumptions. Virtually all utilities 
have a separate process to receive approval for building new assets and bringing them into 
their rate base. Indeed, IRPs are often only “acknowledged” by state commissions, a term of 
art that provides little assurance to utility financial officers and investors, as it does not 
contain any level of approval or surety of future cost recovery; however, IRPs and long-term 
plans do provide an opportunity for the utility to lay out its vision of potential futures and the 
resource mix that is most appropriate for its customer base. 
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3 Inclusion of Solar in Resource Planning 
Processes 

3.1 Background 
Solar generation has become increasingly prevalent in recent years, driven by an increased 
focus on renewable energy coupled with rapid decreases in the cost to deploy solar assets. 
Over the last three years alone, total annual solar installations have risen from 781 MW in 
2010 to nearly 2,400 MW in 2012, and cumulatively nearly 6.1 GW of solar is now installed 
and operating in the United States as of the end of 2012 (Krishanmoorthy et al. 2013).15  
Three interesting characteristics exist for that installed capacity: 

1. More than 99% of the installations are customer-sited (DG). 

2. Nearly 80% of the cumulative U.S. solar capacity serves the load requirements of 10 
utilities, with 30% of the overall capacity at one utility (Krishanmoorthy et al. 2013). 

3. In the last 2 years, centralized solar (projects > 5 MW in size) have increased from 
less than 1 GW to more than 3 GW (SEPA 2013). 

The proliferation of DG systems across multiple jurisdictions has been driven by many 
disparate factors. In some regions, it is due to aggressive customer adoption incentives. In 
others, the systems can compete on a cost basis against existing utility retail rates. Utility-
scale systems, on the other hand, must compete more directly against wholesale costs, either 
all-source or renewable-only. The declining costs of PV in recent years have helped close the 
gap between what it costs to develop and deploy solar and what the market can bear. This 
became crystallized in 2012 when large-scale solar systems made up approximately half of 
all new solar capacity installed (slightly more than 1,100 MW), an increase of 2.5 times the 
capacity from 2011(SEPA 2013). 

Not all utilities are adopting solar generation at the same pace; however, as solar deployment 
costs continue to decline and reach parity with other resource options (especially solar PV 
recently), more and more utilities are likely to turn their attention toward solar generation and 
how it can play a part in future resource plans. In fact, most if not all utility interviewees 
stated that they are likely to include solar PV as a resource in their forthcoming plans. 

3.2 Solar Data 
There are two main types of solar data required in long-term planning according to utility 
interviewees, which include solar profiles and solar costs.  

3.2.1 Solar Profiles 
Solar profiles characterize the potential solar generator output, which includes resource 
potential on an hourly basis. Utilities that participated in the research for this report identified 
three main sources for solar profile data that they incorporate into their IRPs/long-term plans: 
National Renewable Energy Laboratory’s PVWatts (PVWatts 2013), PVsyst (PVsyst 2013), 
and data from existing operating plants in their service territory. PV Watts and PVsyst are 
only relevant for PV systems, the dominant technology included in long-term plans (if any). 

PVWatts is an online program developed by NREL that provides the capability to create a 
typical meteorological year (TMY) of profile data for a solar resource in a given geographic 

                                                 
15 All values listed in MW-ac. 
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region. This tool can provide a first glimpse into what kind of production could be expected 
from a proposed solar facility. Using a DC rating in kW, a derate factor, the type of array 
(fixed or tracking), and the array’s tilt and azimuth (where south-facing is stated as 180°), the 
model will create an hourly expected output based on typical weather patterns and solar 
irradiance, as experienced over several decades’ worth of recorded data. The downside to 
PVWatts is that the analysis can be run only for a limited number of sites. For example, there 
are only four sites available in Arizona: Flagstaff, Phoenix, Prescott, and Tucson.16 This data 
can be particularly helpful if utilities do not have many PV systems in operation in their 
jurisdiction, or do not have access to those systems’ output and want an extremely simple 
methodology.  

PVsyst is a software package that allows users to study the design of PV systems and perform 
sizing and data analytics. It includes component and meteorological databases, and is 
intended for use by architects, engineers, and researchers. PVsyst performs three general 
levels of study: preliminary design, including sizing the project; project design, where 
detailed hourly modeling is conducted; and measured data analysis, which allows for the 
actual data from the fully operational plant to be compared against simulated variables 
(PVsyst 2013). 

Data from operational plants is also used by utilities with access to system data within their 
service territory. This data provides the utilities a view into the real operational characteristics 
of solar PV and other solar generation. However, because these profiles are based on actual 
plant output, they may require some review and potential adjustments prior to inclusion in 
any kind of analytics. For example, if a PV plant has only been in operation for a short period 
of time, it may be necessary to supplement the profile with PVWatts data. Alternatively, 
severe or abnormal weather occurrences may dictate the need to augment with PVWatts data. 
This scrubbing is appropriate, as long-term plans are based first and foremost on projected 
load requirements which themselves have been “weather normalized,” or stripped of any 
impacts from abnormal weather conditions. As solar output is also predicated on weather 
patterns, it is appropriate to ensure an “apples to apples” comparison. 

While there is interest in the combination of storage and PV to improve the profile of PV 
overall, storage is not typically modeled in long-term planning by the majority of utility 
interviewees, because utilities feel they need more credible data and analysis before storage 
can be included in long-term planning analysis. A few utilities that do consider the 
combination of storage and PV consider the combination to have dispatchability, although on 
a limited basis. 

3.2.2 Solar Cost Information 
For the most part, solar cost information is collected from publicly available sources, and 
from existing plants in the utility territory. However, for PV technologies the market is 
changing so fast, it is hard for utilities to understand the future cost trajectory. 

Utility interview participants universally commented on the rapid decline in PV costs over 
the last several years. In particular, most utilities had forecast a declining cost curve in their 
planning assumptions, only to see the actual costs decline much more steeply than 

                                                 
16 The preceding statement is specific to TMY2 data, which is based on solar data from 1961–1990, and covers 
239 sites. TMY3 (1991-2005) is available for 1,020 locations, but is used less frequently due to the smaller 
sample size. 
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anticipated. Common beliefs regarding the root cause of the nearly exponential cost 
reductions included: 

• U.S. tax subsidies 

• Foreign manufacturing credits 

• Efficiency gains 

• Market surplus of panels. 

On a going-forward basis, there was still consensus but less overall agreement on where PV 
costs would trend. Companies that were questioned on this issue fell into three general groups 
of thinking shown in Figure 10. 

 

Figure 10. Opinions on future of solar costs 

Several utilities specifically mentioned the Department of Energy’s (DOE) SunShot Initiative 
goals for reduced costs of PV deployment by 2020 as being potentially obtainable.17  Others 
commented that (while the dramatic declines seen over the last 5 years are not sustainable) 
reductions will continue, albeit in a more measured fashion. Finally, several companies 
believed that solar costs were at or near a bottom and would levelize for the foreseeable 
future. These solar PV cost assumptions are reflected in their solar cost assumptions used in 
their long-term planning. While prices have come down rapidly, questions remain about how 
long the prices will continue to decline and when they will bottom out (or if they already 
have).  

A few items have contributed to the thinking of utilities that believe PV costs may have 
bottomed out. First and foremost, there has been a series of bankruptcies in the solar industry 
over recent years, which has taken several manufacturers out of the market. Second, demand 
for solar panels globally is increasing and the market surplus is expected to dissipate over 
                                                 
17 The SunShot Initiative’s target is a 75% reduction in installed costs by the year 2020, down to $1.50/watt for 
utility-scale systems. 
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utility planning horizons. Finally, there is concern over post-2016 when the ITC reverts from 
30% back to 10%; demand could potentially slow. 

Publicly available data sources for solar cost data that can be used in utility analysis are 
explained in Section 4.2.1. 

3.3 Solar Capacity Valuation 
One key question discussed at length with interviewees was the capacity value utilities 
attribute to the addition of solar capacity on their system. In essence, a solar generator’s 
capacity value is the percentage of its nameplate capacity that is anticipated to be reliably 
available to meet daily and seasonal peak demand, and is a very region-specific metric. There 
are multiple terms of art for this occurrence, capacity credit and capacity value being two 
more commonly used. 

Conventional generation resources, like natural gas combustion turbines and coal-fired plants, 
are fully dispatchable and can be called upon to meet load as it fluctuates throughout the day 
and year. In contrast, the most commonly deployed solar technology, fixed-axis solar PV, 
generates only when the sun is shining.18 Typically, the sun provides the most energy for 
production between noon and 1 p.m. each day, and the production capability can diminish 
rapidly as the sun sets for projects facing south. PV facing west can moderate this drop-off, 
although overall production of the facility will be lower. Most utilities commonly peak later 
in the afternoon, between 4 p.m.–6 p.m., due to air conditioning load in the summer months. 
For this reason, solar energy may not correlate perfectly with a utility’s need for it, depending 
on their specific situation (e.g., latitude, insolation). Different solar technology configurations 
can moderate this potential for rapid impact through the addition of storage, or PV tracking 
(one or multiple axes) – but these configurations are not always included in long-term 
planning modeling. 

Several methods are used to calculate the capacity value. Some of the more commonly used 
approaches are explained in Table 4. 

Table 4. Primary Capacity Valuation Approaches19 

Method Definition 
Effective Load-Carrying Capability 
(ELCC) 

Represents the ability of a power plant to increase the total 
load of a local grid without increasing its Loss of Load 
Probability (LOLP). 

Peak Time/Season Windows Calculates capacity credits across predefined hours, months, 
and/or seasons. This approach can look at either the 
minimum or median output likely to occur with a given 
probability. It does not account for the impact of different 
levels of grid penetration. 

Capacity Factor Quantifies a power plant’s average output relative to its 
installed capacity; while this approach is simple to calculate, 
it bears no relation to load served, and cannot account for 
the impact of different levels of grid penetration for solar as a 
whole. 

 

                                                 
18 Solar generation with storage, whether from battery or thermal technologies, can be considered dispatchable. 
19 Additional information on capacity valuation approaches can be found in: Hoff et al. 2008 
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The appropriate capacity value for a given solar resource is dependent upon its generation 
profile and the utility’s load that it is intended to serve. Fixed-tilt systems that are facing 
south, while producing more energy, will have a lower capacity value than similar systems 
facing west, toward the setting sun. Similarly, single-axis tracking systems will have a higher 
capacity value (and capacity factor) than fixed tilt because of their ability to follow the sun. 
Figure 11 shows results from a recent LBNL report that outlines the wide array of solar 
capacity values currently in use, as reported in utility IRPs (Mills and Wiser 2012). As 
shown, dispatchable technologies were granted the highest capacity credit/value (well over 
80%), CSP (no storage) and PV with tracking were granted capacity credit/value in the range 
of 50–85%, and fixed PV was given a credit/value of 0–50%. General PV had the widest 
range, between 5% and 100%. 

 

 
Source: Adapted from LBNL 2012 

Figure 11. Range of capacity values used in IRP plans, by solar technology 

To build upon LBNL’s work, the authors conducted direct interviews and gathered 
questionnaire responses. Most utilities interviewed in this effort generally utilized capacity 
values in the 20–60% range, depending upon technology selection. Adding storage 
capabilities or some other form of dispatchability generally would increase the assumption to 
60–100% capacity value. However, several utility interviewees stated that they do not 
provide any capacity value to solar, with or without storage capabilities.  

As part of the questionnaire issued in support of this report, utilities provided additional data 
about their internal planning assumptions, as shown in Figure 12. For different configurations 
of solar PV (first three technologies), 60–76% of utility questionnaire respondents assigned a 
capacity value between 0–60% for fixed PV and up to 80% with tracking. 24–40% of 
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responses indicated no value assumed for PV technologies.20 Of utilities that did assign 
capacity value, the greatest value was assigned to utility-scale tracking axis PV; more than 
half assigned a capacity value greater than 40%. This makes sense because PV with tracking 
capability can help meet early evening peak demand and provide more capacity value overall. 
Fixed axis PV was allocated a lower capacity value than tracking overall – with a slightly 
higher value for utility-scale compared to distributed PV.  

Conversely, only 26–44% of utility respondents assigned any capacity value to CSP (with or 
without storage), PV with battery storage or concentrating photovoltaics (CPV); 56–74% 
used a 0% capacity value.21 Utilities that assigned capacity values used a range of 0–100%. 
Half the respondents that assigned value to CSP with storage assumed a value of 80% or 
above and 88% assumed a capacity value of 40% or greater. For CPV technology, of those 
that assigned value, 80% assumed a value of 40% or greater. 

 

  

Note: Numbers in circles represent the number of utility responses 

Figure 12. Range of solar capacity values used in planning analysis, by technology, provided 
by utility questionnaire respondents 

When looked at in aggregate, the incremental capacity value for PV generation resources can 
actually decrease as penetration increases. This occurs because a utility must still meet 
system summer demand after the sun goes down around 7 p.m.–8 p.m. As its penetration 
                                                 
20 These utilities either have no or virtually no solar on their systems today, or have specifically stated that they 
have not determined the capacity value assigned to solar at this time. 
21 Same comment as Footnote 20. 
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increases, solar PV’s ability to provide any relief to system needs diminishes rapidly after 5 
p.m., as shown in Figure 13. It should be noted that this decrease does not become marked 
until a non-trivial level of penetration is reached (Perez et al. 2006). Five utility respondents 
to the questionnaire indicated they factor in declining capacity values for solar PV in their 
planning process; however, others were aware of the issue and indicated that it would be 
studied in the future if penetration levels warranted such an analysis. 

Figure 13 depicts a typical utility load curve, with increasing levels of PV penetration netted 
out of the load. The solar peaks in the middle of the day, resulting in the full nameplate level 
of PV impacting the load. As the day goes on, the solar drops in production providing less 
and less generation coincident with the utility’s typical peak hour.  

Note: HE denotes hour ending 

Figure 13. Impact of increasing PV penetration on ability to meet system peak 

Over half of the utilities participating in this report indicated that they perform their own 
analytics comparing solar resources in their region directly to their own load profile or were 
basing their capacity values on data from systems currently in operation. The remaining 
companies rely upon a generic value (either from an industry report or a consulting firm), or 
use the same capacity value for solar as they do for wind generation. Several utilities 
indicated that they were looking at developing their own capacity valuation for solar 
generation in the near future. Many utilities noted a desire to have access to a larger data set 
including other utilities – to compare their experience or have a good place to start in lieu of 
their own data. Appropriate and accurate capacity values are important in the long-term 
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planning context because they will allow for solar generation to meet at least a portion of 
future demand requirements, thereby deferring the need for some new fossil fuel generation. 

3.4 Additional Considerations for Solar in Resource Planning 
3.4.1 Solar Integration Costs 
One risk associated with solar generation without storage is adequately integrating its 
production fluctuations into the overall resource mix for a given utility. Based on responses 
to the questionnaire, discussions during interviews, and industry research, one commonly 
used approach is to estimate the cost (in $/MWh) to the system at large that was caused by 
the variable renewable resources. These studies look at the operating reserve requirements 
and what is needed on a 5- or 10-minute system operation timeframe. While the cost 
estimates are typically low, often in the $2–11/MWh range – as indicated by utility IRPs 
investigated by LBNL (Mills and Wiser 2012), they do represent a cost to the system once 
these resources are operating.22  Utilities can incorporate this cost into their CEM to provide a 
more robust view of the costs of this variable resource. 

3.4.2 Customer-Sited Distributed Generation 
DG systems are typically installed behind the utility’s meter. Because the system operator 
does not have complete control over DG, and because the production is generally used to 
reduce total site demand for utility power, most utilities today treat DG as a net load impact 
rather than as a resource (see Appendix B, question 3). This net load approach can happen 
implicitly or explicitly, by either assuming that the lower load growth projections that are 
now used already incorporate some assumption of DG behind the meter or by projecting a 
DG adoption curve and then subtracting it from a gross load growth projection for their 
overall customer base.  

Alternatively, a small number of utilities treat DG (or are strongly considering treating DG) 
as a generation resource option, rather than a net load impact. This approach can allow the 
CEM to determine a more optimized approach to the amount of DG that could be included in 
the resource plan, and allows for independent investigation of customer load profiles (a major 
driver of long-term planning results). Some potential solutions for addressing DG in 
modeling can be found in Section 4.2.7.  

3.4.3 From Solar Planning to Procurement 
Resource planning focuses on long-term visions for where the utility wants to take its 
resource mix. The capacity expansion plan that results from the capacity expansion analytics 
performed in support of an IRP outlines the timing and type of resources that will likely be 
pursued. It then falls upon the power procurement division of the utility to turn those plans 
into projects that deliver energy and capacity to the grid. This section focuses mostly on PV 
procurement.  

While long-term resource planning is used to inform power procurement at many utilities, 
these two operations are often run by two different departments within the utility. And the 
level of coordination between these groups can vary significantly from utility to utility. 

                                                 
22 Table 6 “Assumed integration costs used by LSEs to adjust production costs for portfolios with solar.”  One 
important caveat is that few utilities have done system-specific studies for integration costs. Several rely upon 
studies done for wind integration and simply use the same $/MWh cost for solar. 
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Utility procurement procedures typically start with a request for proposal (RFP) that is 
generally targeted to a specific need, be it meeting an RPS goal, adding additional peaking 
generation, or replacing an expiring PPA. Some utilities may use the same/similar key 
metrics from the IRP reviews to inform the RFP process to determine the best mix of future 
resources. As discussed above, PVRR is the main metric on which utilities focus. Once an 
RFP is issued, the focus shifts from comparing large portfolios against one another to 
comparing specific projects on a case-by-case basis. One approach is to compare the 
proposals to an avoided cost proxy. At this stage, it is critical that the utility be able to model 
the specifics of each proposal to determine their relative ranking. And some utilities who 
want to have their IRP processes drive their procurement will review the RFP criteria and 
outputs with the IRP planning team to make sure the procurement process is lining up with 
the planning process results. 

The main variable in solar bids will be the site-specific production profile. Where many 
utilities may rely today upon generic TMY data for modeling solar in their long-term 
planning analysis, each proposal submitted as part of an RFP will, by necessity, contain much 
more granular information that impacts the solar profile. Site footprints, technology 
selections, array orientations, and site irradiance levels all aggregate together to produce a 
specific solar profile that must be analyzed. As part of the RFP process, the utility can request 
expected production profiles that can be evaluated and compared against each other. In fact, 
many utilities keep a database that compiles a historical record of all of the responses to solar 
RFPs; this is used as a baseline to compare against future bids. 

Some renewable developers have begun to study utility valuation methods and preferences to 
create tailored proposals. Often, these unique proposals may have a higher development cost 
or lower production capabilities, but actually provide greater value to the utility reviewing the 
bid. As mentioned previously, a system facing west will not produce as much energy as one 
facing due south, but the production profile could line up much more favorably with the 
utility’s system peak and therefore offer greater capacity value (boosting its overall value to 
the utility). 

From an analytical perspective, reviewing individual bids as part of an RFP process is 
mechanically similar to the analytics performed in the IRP process. The utility is still 
comparing the resources and looking for the overall lowest cost and/or best value for its 
customers.  

By integrating more solar into the IRP process in general, utility staff will be more familiar 
with the modeling characteristics associated with solar generation and be more adept once 
bids begin coming in for those resources. Over the next several years, assuming solar 
development costs continue to decline and/or existing supply costs increase, more utilities 
will see solar generation approach grid parity with conventional generation options. It is 
anticipated that this trend will first become noticeable as part of traditional RFP processes, at 
which point those reduced pricing trends will filter back into routine long-term planning 
processes. Reductions in solar costs could also drive CEMs to begin selecting solar resources 
above and beyond what may be required to meet RPS requirements. 
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4 Improving Solar Within Utility Supply Planning 
A number of key challenges of incorporating solar into supply planning analysis were raised 
during the utility interviews. Most of these utilities have not experienced notable levels of 
solar PV, CSP or CPV penetration, and have not always modeled solar in their IRP studies. 
Most utilities expressed an interest in incorporating and refining distributed- and utility-scale 
solar PV in their modeling23 because they anticipate more PV coming onto their system in the 
next decade. Some utilities noted that CSP and CPV are not appropriate technologies for their 
service territories. Several utilities mentioned that they participated in this project specifically 
to learn from their peers about best practices for including DG and utility-scale solar PV in 
their models.  

This section explores some of the key benefits and challenges of incorporating solar PV into 
supply planning analysis and decision-making raised during the utility interviews. Note that 
this list is not comprehensive. It captures only items/characteristics raised by the 
interviewees; others may exist or emerge. This section also provides questions and answers to 
these challenges – many of which were identified directly by the interviewees. The goal of 
capturing this dialogue is to help advance the discussion of how solar could be better 
represented in both utility supply planning and broader utility operations. 

4.1 Utility-Identified Benefits and Challenges 
During the course of interviews with utilities and stakeholders, several benefits and 
challenges associated with solar were brought up and discussed. These are not meant to be 
all-inclusive or applicable to all utilities. Rather, they give a sense for how solar generation is 
currently perceived, which may lead to a stronger understanding of how it could be adopted 
in the future.  

4.1.1 Solar Benefits 
• Meeting renewable standards requirements – Many states have renewable 

standards in place, and several of those have specific requirements for solar energy 
and/or solar renewable energy certificates (SRECs). Several utilities identified 
renewable mandate compliance as a key factor in their pursuit of solar generation. 

• Fuel diversification – Many utilities are beginning to look at fuel diversification as a 
way to mitigate rate volatility for their customers. Utilities that are coal heavy 
expressed concern about future environmental regulations, while those that rely upon 
natural gas generation viewed severe historical price volatility as a motivating factor 
to diversify their fuel mix.  

• Cost stability – Solar energy has effectively a zero dollar dispatch cost, as virtually 
all of the costs to operate the facility are fixed (i.e., construction cost and some fixed 
O&M). Utilities were drawn to avoid fuel price-related risks by essentially 
guaranteeing a portion of its energy requirements will be met with a very stably priced 
resource.  

• Geographic dispersal benefits and PV modularity – Solar PV’s variability can be 
mitigated by dispersing solar projects across a wide geographic region. Utility 
interviewees liked that solar PV can be deployed on a very incremental basis; there is 
no standard footprint or capacity size that must be considered. PV generation is 

                                                 
23 All utilities interviewed were interested in PV. CSP was of interest to a few utilities, but is not a viable option 
for others due to the quality of resource, land constraints, etc. 
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immensely flexible in this regard as it can be sized on a scale of hundreds of kilowatts 
to hundreds of megawatts. By deploying solar in smaller amounts across a wider 
region, a utility can smooth out any site-specific cloud variability and related quick 
ramping up and down. Targeting specific geographic locations for PV installations 
can also allow the utility to solve localized voltage concerns or avoid transmission 
curtailment issues within load pockets, where siting generation assets (particularly 
those with emissions) can be problematic. PV generation also benefits in its 
substantial difference in construction schedules compared to conventional natural gas 
and coal. Solar PV facilities can be constructed and brought online in as few as six 
months, while natural gas resources can take anywhere from three to five years. 

• Partial correlation with peak demand – Utilities’ summer peak demands are driven 
primarily by air conditioning load, which results in system peaks in mid- to late 
afternoon each day, when the sun is still in the sky and solar generators are still 
producing some energy. The correlation of solar production to peak demand varies 
with each utility, location, technology selection, and orientation (Perez et al. 2006). 
Utilities interviewed for this report repeatedly stated that they believed there was a 
capacity value associated with solar – while not always 100%, it can be higher 
capacity value than with wind generation. This subject was covered in more detail in 
Section 3.24 

• Mitigation of environmental compliance risks – Solar energy is produced with zero 
emissions of CO2 or other greenhouse gases (GHGs). With the federal government 
considering a carbon tax, cap-and-trade system, or some other mechanism intended to 
curb GHG emissions, utilities are contemplating future compliance costs. 
Diversifying portfolios with solar generation provides the added benefit of displacing 
emissions-generating resources. 

• Avoided line losses (typically DG only) – DG resources are located at the load (the 
end user of electric power) rather than on the high-voltage transmission system like 
other forms of centralized generation. Because it is generated near the end user, the 
energy does not have to be transmitted across transmission and distribution lines, nor 
does it need to undergo any transformation (step-up or step-down) to serve load, 
meaning all of the typical line losses associated with remote, centralized generation 
resources are saved. Utilities liked that small-scale central station PV can also be 
located near load centers and interconnected at distribution voltages, avoiding line 
losses in a similar manner.25 

4.1.2 Solar Challenges 
• Variable and Uncertain Output – Solar is a variable resource that ramps down (e.g. 

cloud cover or storms) and is non-dispatchable. This means that utilities treat it as a 
“must take” resource and modify their economic dispatch decisions around its profile 
or production curve. The variability of solar is difficult to predict in advance and can 
lead to sudden drops and rises in the production profile at a given location. Utilities 
account for this variability by maintaining both spinning reserves and quick-start 
natural gas capacity. One third of the utilities responding to the questionnaire 

                                                 
24 Correlation with peak demand is also highly penetration-specific. Section 3 of this report discusses the impact 
of higher penetration of solar PV, and how the incremental capacity value of the next system falls. 
25 Deferred transmission and distribution (T&D) costs are often discussed as another benefit of solar generation; 
however, during the report’s interview process, utilities either did not mention deferred T&D costs as a benefit, 
or stated that it may be a benefit but it had not been quantified to date. 
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indicated that they include a cost add-on when reviewing variable resource proposals 
to account for the additional ramping requirements placed on their natural gas fleet.  

• Ramping issues – With sufficiently high penetration levels of solar generation, 
operational issues can arise due to the solar generation ramping up rapidly in the 
morning, as the sun rises, and then ramping down rapidly in the afternoon as the sun 
sets. These severe ramps require the utility to have a large amount of flexible 
resources available (CA ISO 2013).26   

• Economics – Utilities operating in a least-cost planning state must be able to prove 
that solar generation is economic for its customers compared to other available 
resources, either all-source or renewable-only. In regions where the solar irradiance 
levels are high, like the desert Southwest, large-scale solar has begun to compete on 
an economic basis with conventional natural gas-fired resources; however, in other 
states this convergence has not occurred. Utilities in least-cost planning paradigms 
that choose a more expensive resource are at risk for cost disallowances, unless they 
are assured there will not be a prudency review, or some form of cost recovery is pre-
established. Utilities also mentioned difficulty in pursuing solar now while prices are 
still in steep decline, and the consequences of locking in prices that are significantly 
higher than what could be available 1–2 years later. 

• Lack of current capacity need – The economic downturn experienced over the last 
several years has not only stalled load growth for utilities; in many cases it has 
actually caused a load reduction. Because utilities plan several years in advance to 
meet load, this change from the predicted load growth left many utilities long on 
generation capacity. In states with RPS requirements, additional generation capacity is 
being pursued regardless of overall capacity need, mainly because utilities want to 
avoid paying RPS non-compliance penalties. Adding solar generation in states that are 
not subject to an RPS could result in prudency concerns and associated cost 
disallowances. 

• Cross-subsidization concerns (DG only) – When solar is installed behind a 
customer’s meter, the generation from that system offsets the customer’s electric 
usage. When that usage is less than the solar production, the generation gets exported 
to the utility’s distribution system. This transaction is often completed under a rate 
paradigm known as net energy metering (NEM). The concern from utilities comes 
from the fact that most retail rates (particularly those for residential customers) are 
designed to recover both fixed and variable costs primarily through consumption-
based variable rates. As DG is installed behind the meter and offsets (or reduces) 
energy and load requirements, these fixed costs can go under-recovered. This issue is 
largely separated from utility planning requirements, but was mentioned during 
interviews as part of the research for this report. 

• Reduced capacity benefit over time with increasing solar penetration – As solar 
penetration increases and begins to have a larger impact on the system in aggregate, 
the overall benefits that each solar system provides decreases. Utilities are concerned 
about this decreasing capacity benefit. This concern is expected to rise unless utilities 
are rigorous about adequate dispersal of resources or energy storage solutions become 
commercially viable from a cost and technology perspective. Potential analysis 
solutions are explained in Section 4.2.2. 

                                                 
26 This solar ramp can be viewed every day on the California ISO website (second chart), 
http://www.caiso.com/Pages/TodaysOutlook.aspx. 

http://www.caiso.com/Pages/TodaysOutlook.aspx
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4.2 Utility-Identified Key Questions and Answers 
Utilities and stakeholders identified their key questions about including solar as part of their 
long-term planning and analysis activities. Some even mentioned potential innovations or 
analysis methodologies to get answers to these questions. Both the key questions and answers 
that emerged as themes in our conversations are captured here, as best practices. Note that 
this section is not meant to be all-inclusive or applicable to all utilities.  

4.2.1 What Are Credible Estimates of Future Solar PV Prices and 
Performance? 

Many utilities acknowledged that in the last few years, solar prices are declining in a non-
linear fashion, and a few mentioned that it appears the market will reach the U.S. Department 
of Energy SunShot cost goals. However, collectively, utilities had many questions about how 
long the solar prices will continue to decline rapidly and when prices will bottom out.  

The challenge of predicting future solar PV prices was seen as a key uncertainty by most 
interviewees, particularly because planning is done over a multi-decade horizon. In order to 
consider the full range of potential resources that will be available, an accurate depiction of 
the trajectory of future solar PV prices would be extremely helpful.  

Research and utility interviews revealed a number of reasons why PV prices are hard to 
estimate. There are a number of different references and data sources, and they are not always 
in agreement about the future of solar PV prices. It does seem that the further out in time you 
go, the fuzzier the price of PV becomes and the wider the range of predictions grows. There 
appear to be geographic distinctions in terms of resource quality, and experience of installers 
and other cost factors that aren’t clearly articulated in the literature. And there were questions 
about the current market oversupply of PV – when will it be exhausted and the supply-
demand balance be reestablished? Could PV prices increase once the oversupply is 
exhausted, and if so, by how much? Together, these factors make PV prices seem hard to 
predict. 

NREL and SEPA both strive to create credible, objective analyses on a variety of topics, 
including the cost and performance of solar PV. As such, both entities have assembled a list 
of useful datasets, information, tools, and reports that could help inform solar PV predictions. 
They include: 

Data Sources that are Regularly Updated 
 

1. NREL’s Transparent Cost Database –utility scale data 
(http://en.openei.org/wiki/Transparent_Cost_Database) 

2. NREL’s Energy Technology Cost and Performance Data for Distributed Generation 
(http://www.nrel.gov/analysis/tech_cost_data.html) 

3. NREL’s Open PV Project, which captures voluntary historical cost and performance 
data (https://openpv.nrel.gov/) 

4. LBNL’s Tracking the Sun report (Barbose et al. 2013 – 
http://emp.lbl.gov/sites/all/files/LBNL-5919e-REPORT.pdf)  

 

http://en.openei.org/wiki/Transparent_Cost_Database
http://www.nrel.gov/analysis/tech_cost_data.html
https://openpv.nrel.gov/
http://emp.lbl.gov/sites/all/files/LBNL-5919e-REPORT.pdf
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Data and Analysis Snapshots in Time 

1. U.S. Department of Energy November Technical Report: PV Pricing Trends: 
Historical, Recent, and Near-Term Projections (Feldman et al. 2012 - 
http://www.nrel.gov/docs/fy13osti/56776.pdf) 

2. U.S. Department of Energy November Technical Report: Benchmarking Non-
Hardware Balance of System (Soft) Costs for U.S. Photovoltaic Systems Using a 
Data-Driven Analysis from PV Installer Survey Results (Ardani et al. 2012 –   
http://www.nrel.gov/docs/fy13osti/56806.pdf) 

3. Western Wind and Solar Integration Study - Phase 2 (integration costs only) (Lew et 
al. 2013 – http://www.nrel.gov/electricity/transmission/western_wind.html) 

 
Analysis Tools 

1. NREL’s System Advisor Model - advanced tool for estimating levelized cost of 
energy (LCOE) 
(http://sam.nrel.gov/)  

2. NREL’s Cost of Renewable Energy Spreadsheet Tool - simplified spreadsheet tool 
for estimating levelized cost of energy (LCOE) 
(https://financere.nrel.gov/finance/content/crest-cost-energy-models) 

3. NREL’s PVWatts - tool for modeling production profiles of solar resources at 
different geographic locations (http://www.nrel.gov/rredc/pvwatts/about.html) 

4.2.2 How Should Solar Capacity Be Valued? 
The authors asked the utilities to explain if and how they valued solar capacity in their input 
assumptions, modeling, and planning. As shown in Figure 12, some ignored it altogether; a 
few used wind capacity valuation as a benchmark or proxy, and others have studied solar PV 
capacity value in detail (believing that wind is a weak proxy).  

Utilities that have specifically studied and analyzed the value of solar PV capacity on their 
system tend to assign some sort of capacity value to PV or they indicated plans to analyze 
and use values in the near future. Several utilities perform their own analytics comparing 
solar resources in their region directly to their own load profile, rather than relying upon a 
generic value or using the same capacity value for solar as they do for wind generation. More 
recent research found that PV plants in the U.S. West have capacity values that range 
between 52% and 93%, depending on location and sun-tracking capability (Madaeni et al. 
2013). This research also compared data- and computationally-intense reliability-based 
estimation techniques with simpler approximation methods and found that if designed well, 
simpler methods can provide accurate approximations. The most accurate of these simpler 
methods is weighted capacity factor of the plant (Madaeni et al. 2013). By valuing both the 
benefits and challenges of adding PV to their system, these utilities are able to better capture 
the positive and negative impacts. 

The capacity value can be very specific to a particular location. Even in areas with a strong 
and consistent solar resource, there are concerns because the system summer peak occurs in 
the evening hours as commuters are returning home for the evening and just as solar facilities 
without storage are ramping down. Only through analysis of a specific solar technology, 
location, and system characteristics can a utility identify the most accurate capacity credit that 
can be attributed to solar on any particular system.  

http://www.nrel.gov/docs/fy13osti/56776.pdf
http://www.nrel.gov/docs/fy13osti/56806.pdf
http://www.nrel.gov/electricity/transmission/western_wind.html
http://sam.nrel.gov/
https://financere.nrel.gov/finance/content/crest-cost-energy-models
http://www.nrel.gov/rredc/pvwatts/about.html


32 

This report is available at no cost from the National Renewable Energy Laboratory at www.nrel.gov/publications. 

Also, utilities will perform analysis to compare actual solar performance data to actual load 
data for increased precision. Comparing actual data to a forecast weather normalized load 
curve can provide misleading results, due to the correlations between weather and load, as 
well as weather and solar. TMY data (which is an average) can be compared to weather 
normalized load, or actual solar output can be compared to actual load data.  

Importantly, only a few interviewees have considered the capacity valuation differences 
between fixed and tracking solar PV. The advantage of tracking solar PV is that it optimizes 
the amount of generation during the evening peak as the modules track the setting sun. The 
inclusion of tracking PV for those solar installations where it is feasible and cost effective can 
help optimize the output of the solar modules and reduce the overall impact of shifting the 
peak into the early evening hours.  

Appropriate and accurate capacity values are important in the long-term planning context 
because they will allow for solar generation to meet at least a portion of future demand 
requirements. Each technology operates differently in real-world situations and can provide 
distinct costs and values – only by studying the differences between the two can an accurate 
solar PV valuation be captured.  

4.2.3 How Should Solar Resource Variability Be Considered? 
Solar resources can vary greatly depending on where they are located. There are a few key 
factors that impact the amount of electricity that can be produced from a solar resource, 
including total solar insolation (or total sunshine on an hourly, daily, seasonal, and annual 
basis), cloud cover (minute-by-minute and hourly changes), shading (seasonal), and 
technology used. The combination of these factors and others will determine the scale of 
impact that one or more solar systems will have when interconnected to a utility’s electric 
grid. 

There are several ways that a utility can reduce the potential impact on its system’s resiliency 
and reliability resulting from the variance of output from solar systems, particularly PV. 

1. Geographic Diversity: Solar PV is a modular technology. When solar projects are 
scattered over a wide geographic area, the variability of the entire portfolio of solar 
projects is limited and greater certainty of the output of the solar portfolio can be 
achieved. It is similar to when an investor diversifies his/her investment portfolio so 
that any issues with one investment can be moderated by success in other areas.  

2. Integration cost add-on: Utilities can also address resource variability by 
incorporating an integration cost adder into their planning analytics. This practice is 
done at many utilities and could be considered a common practice today. If this 
approach is taken, utilities will get the best analytic results if they conduct a system-
specific (i.e., based on their own generation and transmission systems and resources) 
study to better understand this method. For example, detailed analytics could be 
conducted to quantify the potential need for incremental spinning and non-spinning 
reserves as PV penetration increases. Additional reserves can help the overall system 
deal with some of the ramping challenges and the best analysis will be on the 
utility’s own system. 
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4.2.4 How Can Scenario Planning More Optimally Manage Risk and 
Uncertainty? 

In some respects, today’s electric sector is starting to quickly move away from the one for 
which the rules and regulations were established. Utilities and regulators are focused on a 
wider range of options to meet increasing load than just a small number of large, central-
station generators, with transmission to interconnect these large plants.  

Today, there are many more supply and demand options to consider, including: 

• Generation technology choices (e.g. wind, solar PV, geothermal, distributed 
generation)  

• Demand options (demand response, energy efficiency)  

• Flexibility options (storage, ramping existing generators differently than tradition) 

• Co-optimization of transmission and generation simultaneously. 

The potential combinations of supply, demand, and flexible technology options can feel 
overwhelming. Rather than address the full range of options, to save time and money several 
interviewees noted that they use scenario planning to consider risks and uncertainties. 
However, scenario planning cannot investigate the full range of technologies available and 
identify the optimal portfolio; it can only consider the handful of scenarios that are 
determined by the analysts. Moreover, examining a few optimum scenarios in depth may not 
allow for a full exploration of risks and uncertainty. While scenario analysis can test each 
variable individually, it may not allow for the full capture of interactions between variables.  
 
Utilities routinely incorporate some form of risk analysis into their long-term planning 
activities. One common approach is to look at the impacts of modifying one variable at a time 
on a portfolio’s overall metrics. This can isolate, for example, how the natural gas price 
forecast can impact generation dispatch, fuel mix, and the PVRR of a given set of resources. 

Several utilities perform a more comprehensive and intricate set of risk analyses as part of 
their IRP/long-term planning procedures. This is often done by correlating key variables and 
running Monte Carlo simulations. These random-draw computer models can test how 
multiple variables can together impact both the potential results of capacity expansion 
decisions and the subsequent PVRR for each portfolio under consideration. Correlation 
among the variables has been used in the past, primarily between factors like load growth and 
natural gas prices. In the future, it is expected that other variables like carbon costs, prices of 
renewable energy credits, installed capacity costs, and other major items could be tied 
together so that as one is varied, the rest move in a somewhat logical and predictable fashion. 
These more complex and interrelated risk methods can provide a more robust vision of how 
something as dynamic as a portfolio of resources can interact. 

4.2.5 How Can Software Models More Effectively Incorporate Solar? 
All of the interviewees model their electric system in order to support their supply planning 
decisions. While they all use different models for different purposes, the goal is the same: to 
better understand the impacts of their current decisions on their future outlook.  

According to several interviewees, commercially available models do not keep up with the 
technology options and innovations that are actually available. All utilities mentioned that the 
software they use has one or more constraints that make them less than ideal. Requested 
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changes or updates to the software may result in customized “one-off” versions of the model 
for their particular situation. Many of the utilities interviewed expressed an interest in 
learning more about their software options. This interest included a better understanding of 
the full functionality of the software options and what software other utilities are using. 
However, none seemed ready to try another software option until they fully understood their 
options, due to the large investment of money and time needed. One potential solution could 
be having a third-party review and explore the modeling software available today. 

Second, a few utilities mentioned they were potentially interested in software upgrades. In 
order to make the investment in the new software option, one utility mentioned a desire to see 
a direct comparison of the existing software to the new software – a comparison that explains 
the full range of new features, the errors in previous versions that were addressed and 
statistics like improved run time, computing power needed, and other key factors. Potentially 
the software vendors or a third party could compare the improvements and advantages of the 
new software more clearly so that a utility can feel more confidence in moving forward with 
an upgrade. 

The ability of commercially available models to incorporate accurate wind and solar profiles 
is quite limited. To better represent wind and solar, one utility said it is working on 
stochastically varying the wind and solar inputs in its own modeling. Instead of using a 
simplified representation (either a typical week each quarter, or even an average wind or solar 
year), this utility hopes to utilize stochastic methodologies to vary the wind and solar weather 
patterns.27 So, in the first year, they see one type of pattern, and in the second, a totally 
different pattern is used to more closely approximate the variability of wind and solar 
generation over seasons and years. The authors did not investigate how these more accurate 
wind and solar inputs could be incorporated directly into the commercial models. 

4.2.6 Should Customer-Sited, Net Energy Metered Photovoltaics Be Treated 
as a Net Load in Modeling? 

Historically, utilities have not had to model or plan for a substantive amount of distributed 
generation. In the last 5–10 years, the number of customer-sited PV systems has increased 
dramatically, and utilities are struggling with when and how to incorporate customer-sited PV 
into their planning and modeling. More background on customer-sited DG can be found in 
Section 3.4.2. Interviewees raised concerns that span several different aspects of customer 
on-site generation using solar PV. 

Solar is often treated by utilities as a net load. The advantage is that the modeling run time of 
the analysis is greatly reduced. There are several challenges with this simplification. Several 
utilities note that load assumptions are one of the main drivers of differences between 
scenarios tested. Therefore if solar is treated as net load, the analyst is unable to capture the 
direct impact of solar PV on the system at the distributed or bulk level. Variations in load 
growth include DG penetration variability, but are not explicitly visible. 

One utility clarified that because solar PV penetration is still “in the noise,” it is easier to 
model solar as netted out of load. Even when that utility modeled distributed solar PV as a 
resource, it found the results didn’t differ from the baseline model. Only as PV penetration 
reaches a certain level does it make sense to model PV as a resource, according to this utility. 
Several utilities did ask questions about the threshold level – when is this point reached and 
                                                 
27 These profiles would also be correlated to the load forecast, which is already typically part of a utility’s 
Monte Carlo simulations. 



35 

This report is available at no cost from the National Renewable Energy Laboratory at www.nrel.gov/publications. 

how will they know they are approaching it? One solution could be for a third party to 
analyze where the point of inflection is: at what point does including distributed solar as a 
resource impact the system and is that inflection point different depending on the 
characteristics of the system? 

Another utility treats customer-sited generation as a resource and does not net it out of load. 
In others words, even customer-sited (residential and commercial) generation competes 
against other generation in the dispatch queue. Similarly, they treat energy efficiency and 
conservation measures as a resource that can also compete and whatever resource is most cost 
effective wins.  

This utility operates in more than one state, which can complicate the modeling because some 
PV and conservation measures are more cost effective in some states than in others. Even so, 
the utility believes that treating DG and EE as resources is a more accurate way to plan for 
and model these non-traditional resources. By building in DG, EE, and utility-scale 
generators as resources, this process allows all technologies to compete against each other on 
the biggest driver – cost. Together, the combination determines how much supply there will 
be, what resources will be available in the energy profile, and what choices are accessible 
during the system peak.  

If a utility were interested in treating DG as a resource instead of as a net load impact, it 
could take its DG forecast curve (or curves, if multiple scenarios are possible) and assign it as 
a zero cost “must take” resource. The CEM would select it each year in lieu of other options. 
The PVRR of this portfolio could be compared to the PVRR of the base case run (i.e., 
without DG) to determine the overall cost savings from this resource. This type of 
information could be useful should the utility be interested in leveraging the resource 
planning process for DG incentive structures.  

Additionally, another utility suggested including reserves for these “resources.”  If DG and 
EE are included as resources, then utilities will likely want to include this when calculating 
their reserve requirements. While taking this approach does increase modeling run times and 
expense, one utility feels the trade-off is worth it to the increased accuracy of choosing the 
best combination of resources to lower overall system and operational costs. 

4.2.7 How Should DG Impact on the Distribution System Be Managed? 
The impact of DG on the distribution system is uncertain because it has not been fully 
analyzed by most utilities. Utilities are interested in both the positive and negative impacts of 
solar on the distribution system. Until solar reaches a high level of penetration on most utility 
systems, especially at the feeder level, doing this type of detailed analysis is not considered to 
be warranted.  

Most of the participating utilities acknowledged that DG penetration is expected to become 
notable in the next 10 years; however, a few interviewees said they were not sure how to 
determine the point at which DG should be included in their supply planning analyses. One 
utility also said it was not sure about the methodology needed to include DG penetration in its 
bulk power analysis studies.  

New analyses could help define what is needed and when. Since this is an issue that spans 
across utilities, it might make sense for a national research institute, like a national 
laboratory, EPRI, or SEPA, to scope out and perform this analysis to inform the utilities 
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about the general conditions for including DG. This broad analysis would allow for a starting 
point from which each utility can consider its unique situation. 

4.2.8 How Should Net Energy Metered DG’s Impacts on Revenue Be 
Considered? 

Although the resource planning process and resulting documents are not part of ratemaking 
procedures, utility supply planning does occur within the broader context of utility decision-
making and is impacted by the utility's overarching goals. As such, during the discussions of 
resource planning, the issue of the impacts of distributed generation on utility revenues and 
the implications for utility planning processes arose. Here we present only the results of our 
discussions with utility representatives, and do not holistically explore the issue of utility 
revenue loss resulting from distributed generation. This key question indicates that further 
research is needed. For more thorough discussions of the topic, please refer to other reports 
(Newcomb et al. 2013, Aliff 2013, EEI 2013, Lehr and Binz 2013, and Rábago et al. 2012). 

The rapid adoption of distributed generation is a concern for utilities as it represents a 
paradigm shift within the traditional electric utility business model. This is a hot topic in 
many forums held across the country and was identified as a critical issue in utility 
interviews.28 Utilities may want to consider examining the tipping point to determine when 
DG should be included in supply modeling, as well as looking at DG as both a net load and as 
a resource to quantify the difference in revenue required per kWh. With this information, any 
differences that exist can be discussed as part of a broader long-term planning stakeholder 
initiative. 

Several interviewees mentioned their anxiety about the possibility that their distributed 
generation incentive programs and/or NEM programs might be more popular than 
anticipated. In that case, one utility mentioned that the success could lead to an overall rate 
increase, particularly as the utility sells less power and has fewer customers to cover the cost 
of the transmission and distribution system.29 Few utilities would be interested in creating 
incentives that result in a rate increase; utilities do not want to fundamentally change the way 
the revenue forecast is developed. As directed by state laws and regulations, utilities strive to 
be careful when developing their revenue requirements, so that their attention is on least-cost 
planning. This least-cost planning focus is especially important for any analyst that considers 
the market from the wholesale power provider perspective. Their main question is what 
happens to the rate revenues if this new program is successful? 

None of the interviewees identified a direct solution to the possibility of rate increases that 
result from successful customer-sited on-site generation programs. This is likely because 
regulatory approval for any potential solution is required and could be challenging. 

                                                 
28 In 2014, NREL has several activities to analyze this space more thoroughly including quantifying 
methodologies for valuing costs and benefits of solar, utility operationalization of value of solar in program 
design and implementation, and examining DG solar issues from the regulatory perspective. Contact Karlynn 
Cory (Karlynn.cory@nrel.gov) if you have questions or would like to get involved. 
29 Most retail rates are recovered as per kilowatt-hour (kWh) payments (e.g., ¢/kWh). The fewer customers that 
make the kWh payments, the more the remaining customers have to pay to cover the system’s transmission and 
distribution costs. It can be a self-defeating cycle where rising rates make it more attractive for the customers to 
consider on-site generation, so more of them sign up to self-generate, which results in more rate increases for 
the remaining customers. There is also a concern of cross-subsidization where the few who participate in on-site 
generation programs (generally more affluent homeowners) are subsidized by the remaining customers 
(generally middle- and low-income ratepayers). 

mailto:Karlynn.cory@nrel.gov
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Considering alternative rate mechanisms may also create economic, social, and political angst 
within the traditional rate setting process.  

Three examples of alternative rate mechanisms are currently under discussion or at the early 
stages of deployment30 in the United States, (and more potential solutions are expected to 
develop in this rapidly emerging field): 

1. Fixed cost recovery via demand charges, customer charges, or standby charges 
In this approach, the utility modifies their residential rate schedules to recover some 
fixed costs through either the creation of a demand charge (which is currently very 
rare on a residential customer level) or by implementing a fixed customer or standby 
charge for customers who have DG behind their meter (Newcomb et al. 2013). This 
approach can be difficult to implement, as stakeholders are likely to see it as a direct 
charge for “going solar.” As one utility pointed out, new technologies may require 
new ways of thinking on the rates side as well. 

2. Create a “Value of Solar” rate schedule 
A second approach used in Austin, Texas actually creates two separate transactions 
(Rábago et al. 2012). The customer continues to pay all applicable charges on their 
bill to the utility. Under a separate transaction (combined on the bill for simplicity), 
the utility purchases all of the PV system’s output from the customer at a rate that 
represents the value provided to the utility of that resource. This approach is 
beginning to gain traction. It will require a sound methodology on how to calculate 
the value of the resource, how to translate that into a contract rate, and what the 
update frequency of that rate will be. Lessons learned are starting to emerge on the 
program design, which others may want to consider. One utility mentioned that this 
is very complex and confusing for all parties (particularly customers), and that it is 
challenging to get consensus on appropriate methodology and the values to use.  

3. Reframe the cost of service framework 
The final method is to develop and implement correct market and regulatory 
incentives to reframe the cost of service framework (Lehr and Binz 2013). One way 
is to perform a “line item” cost review of all of the services that the utility provides 
to the customer, and likewise the services that the DG customer provides back to the 
utility. These two buildups can then be netted for purposes of customer billing. 
While technically sound, this is a very complex approach. 

4.2.9 Can Solar Supply Planning Be More Appropriately Linked to Other Utility 
Planning and Operations? 

Long-term supply planning performed at utilities does not always impact supply procurement 
or transmission planning. For solar generation resources, particularly at the distributed level, 
this may not allow for the full value of these non-conventional supply sources to be captured 

                                                 
30 Another option that is covered in the literature, but not in the scope of the utility discussions, is to consider 
overhauling cost of service ratemaking used today. Some market analysts question the usefulness of cost of 
service ratemaking in the future, when the electric sector will be more complex with a wider variety of 
generation technologies, at the behind-the-meter distributed level, the wholesale distributed level (on the utility 
side of the meter), and at the transmission level. If regulatory approval could be secured, it may be possible to 
depart from the traditional model of cost of service ratemaking (Aliff 2013, EEI 2013, and Newcomb et al. 
2013). 
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by the utility unless solar supply planning is linked to other utility planning and operations. 
This section explores two of these factors. 

Several utilities interviewed acknowledged that the tasks of analysis for generation supply 
planning and issuing RFPs in order to procure new supply fall to different groups. These 
utilities indicated that the two groups may not extensively collaborate or coordinate. Without 
more coordination, the RFP evaluation criteria may not reflect the future needs or 
expectations of the utility adequately, and future supply planning could then have to be 
adjusted to accommodate different generation resources than were originally modeled and 
anticipated as optimal. 

Several utilities discussed using their internal bid database from previous RFPs as a 
benchmark for their anticipated RFP price results (“mark-to-market”), which is standard 
practice.  

One utility mentioned that in addition to examining individual RFP responses and comparing 
them on a price basis alone, the short-list of potential awardees could be modeled in the 
current system to determine which of the bids actually delivers the best value to the existing 
portfolio, beyond just the price proposed. This is a tested approach used by other utilities 
(Mills and Wiser 2012). This type of detailed modeling allows more factors than least cost to 
be considered, including impacts on the local system, resource diversity, and supply 
resources that lower overall system risk. While the utility hasn’t yet implemented this type of 
approach, it is considering it (not only for renewables, but for all supply resources). 

Another option that goes beyond the mark-to-market test is that the supply planners can be 
more directly involved in developing the RFP evaluation criteria. If there are specific 
characteristics that are desirable in the optimal supply portfolio, these can be communicated 
to the supply acquisition team; the supply planners also may be able to help develop specific 
criteria associated with each key factor. By including these criteria in the RFP and clearly 
articulating what the utility needs to best meet the optimal supply future (e.g., supply located 
in specific locations, specific technologies), the chances of getting new supply that meets 
those needs increases dramatically. 

4.2.10 Can Transmission and Distribution Planning Be More Appropriately 
Linked to Supply Planning?  

For most of the interviewees, supply planning does not usually inform transmission planning 
analysis or decisions.31 The two are regularly performed separately and do not always inform 
each other. While this is standard practice at the utilities interviewed, the increase in 
penetration of renewables, and particularly solar at the distributed level, may mean that there 
are unique costs and benefits that could be considered. In these cases, it might be 
advantageous for the generation supply and transmission planning teams to more closely 
coordinate. Without this discussion or additional analysis, the value of T&D deferral benefits 
that result from DG is likely assumed to be zero. 

One utility interviewee already links generation and transmission analyses. The utility 
integrates generation and transmission planning through a more complicated analysis, but the 
utility staff feels they can identify the optimal combination of supply and transmission by 
examining many more scenarios. The interviewee considers many different scenarios that can 

                                                 
31 In some states there are rules that are intended to prevent a utility giving itself an unfair advantage by favoring 
its generation resources on its transmission resources. 
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dramatically change the generation supply portfolio (along with associated constraints – e.g., 
range of natural gas prices, CO2 scenario). The utility also identifies a handful of new 
transmission build-outs across its system footprint. Then it considers the full combination of 
generation supply under each transmission build-out scenario. The utility analyzes the full 
range of combined supply and transmission portfolios to satisfy all of its stakeholders in a 
transparent, collaborative way. 

Another utility knows that it wants to better link supply and transmission planning and has 
started internal discussions toward that end. The supply planners are talking to the 
transmission planners to think about whether localized penetrations of solar will change the 
delivery point load forecast in their service territory – and to consider how it could result in 
changes or impacts to the transmission plan. This utility hasn’t yet chosen a path forward. 

4.2.11 How Can a Utility Consider Solar During Periods of Low/No Load 
Growth? 

Today, many utilities have more generating capacity than they need due to the economic 
downturn. The combination of less manufacturing and industrial activity and cost-cutting 
measures, as well as improved energy efficiency and conservation, has flattened out the 
overall demand for electricity more quickly than anticipated. As a result, some generation and 
capacity resources added in the past decade may not be fully utilized. 

Utilities continue to study new supply technology options, despite low or no load growth, for 
two main reasons. Many utilities are studying the impacts of repairing/retrofitting existing 
plants instead of replacing them. One example is whether to retire a coal plant and build a 
new replacement facility, retrofit it with environmental controls, or to replace the generators 
with alternative technologies. New supply options could inform which technologies are used 
for replacement. 

Second, several utilities pointed out the current lack of demand growth is a near-term issue 
for all resources, not just renewables. Sometime in the future, new supply planning will be 
needed. One utility suggested the desire to investigate and analyze the full range of 
technology options available today, taking time to better understand those options. In so 
doing, the utility suggested that full range of costs and values could be considered, including 
ways to reduce overall portfolio risk (e.g., increased diversity), ways to hedge against or 
reduce uncertainty (e.g., potential future fuel price scenarios), and better understanding of the 
cost of the full range of alternatives. 

4.2.12 Other Considerations for Solar in Capacity Expansion Models and 
Ongoing Research 

Modeling an electric system can be challenging for sub-hourly timing specifically and for 
integration modeling more generally. This section examines the challenges with sub-hourly 
modeling, capacity expansion models, and explores the impacts of broader modeling 
approaches, based on current NREL research. Wind and solar can vary on a minute-by-
minute basis, whereas most production cost models run only hourly simulations over a year. 
Therefore it is challenging for today’s production cost models to run sub-hourly and to 
consider how to integrate the wind and solar resource more closely to actual production. 
Likewise, running detailed cost models at 5-minute levels can drastically increase run times 
and may not be practical overall. 
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Some utility analysts have performed analysis of integration costs at 5- or 10-minute 
intervals, but not many. These utility analysts estimate integration costs in the range of $2–
$11/MWh, as explained in Section 4.4.1 (Mills and Wiser 2012). Importantly, this range 
reflects assumptions used by utilities, not the range of estimates found in detailed studies of 
PV variability (due to the paucity of actual studies). Utilities can examine these previous 
studies and use the information found therein as proxies for the cost of solar integration on 
their system, as a first-cut approximation. 

Another option is to run the analysis over shorter timeframes. If the utility’s goal is to 
determine solar feasibility, then detailed simulations of “tough” periods make sense. Instead 
of running a 5- or 10-minute model for the entire year, one utility suggested that running 
“one-off” cases can help, by examining a month or two at 5- or 10- minute intervals. Another 
utility suggested that modeling could be performed using a 5-minute dispatch on a 
representative day or week each month during the planning horizon. Either way, utilities 
could be able to study variability impacts without having to wait for the entire year to run.  

If the utility’s goal is to improve the accuracy of PVRR estimates, then the utility might only 
need to run an hourly model with additional operating reserves to represent the cost of 
resources that will be needed to chase sub-hourly deviations.  

Several of the methods and assumptions used to characterize renewable energy technologies 
in CEMs can significantly impact the simulated value of solar generators, and associated 
deployment of solar resources in utility IRPs. Ongoing research at NREL and within the 
academic community has identified some modeling choices that are likely to overestimate the 
value of solar, while others under-represent the contribution of solar to system performance. 
The magnitudes of these impacts are frequently utility- and scenario-specific, and this is an 
area of active research to identify modeling methodologies that can accurately capture the 
value of solar generators to system performance. 

Based on current knowledge, four common modeling approaches are discussed below, along 
with their impact on simulated solar resource selection. 

• Addition of solar capacity to previously-optimized generation portfolios can lead 
to suboptimal resource selection. Some utilities optimize capacity expansion 
without renewable resources, and then add solar resources to the conventional 
generation fleet without accounting for the energy and capacity contributions from 
solar generators. These portfolios do not represent a least-cost resource plan because 
they do not co-optimize renewable and conventional generation resources in the CEM 
(Mills and Wiser 2012). This practice is akin to assigning solar a 0% capacity value, 
and results in higher simulated costs of adding solar resources to a utility portfolio 
than if the CEM had co-optimized the deployment of conventional and renewable 
generation resources.  

• Failing to account for decreasing marginal capacity credit can inflate the 
perceived value of solar generation to a utility system. As outlined in Section 3, the 
marginal or incremental capacity value of new solar installations can decrease as more 
solar resources are installed, because the utility’s peak in net load shifts from 
afternoon to evening. Failing to account for this by dynamically calculating the 
capacity credit of solar generation as a function of installed solar capacity will likely 
result in CEM scenarios where solar is expected to provide more firm peak capacity 
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than is feasible. This can over-estimate the value of solar generation in a utility 
system and lead to higher than optimal solar deployment. 

• Renewable generation and other infrastructure investments by other, 
neighboring utilities can impact optimal solar investment in a utility’s own 
service territory. Utilities in the United States operate within synchronized electrical 
interconnections where new generation resources outside a utility’s service territory 
can impact transmission line congestion and the price and accessibility of power 
transfers from other regions. Several recent studies have analyzed renewable resource 
build-out pathways and their impacts on power flow and marginal energy costs (Mai 
et al. 2013; Milligan et al. 2012; Lew et al. 2010). These studies suggest that failing to 
account for out-of-state capacity expansion either directly or through dynamic 
boundary conditions can lead to sub-optimal investment within a utility’s jurisdiction. 
For example, if high solar deployment is expected in a neighboring region, a utility 
might cost-effectively choose to rely on market purchases during hours of peak solar 
generation when solar electricity may suppress marginal electricity costs in boundary 
regions, rather than developing solar resources within their service territory. The sign 
and magnitude of this impact is highly system- and scenario-specific, and could lead 
to over- or under-estimates in simulated optimal solar deployment. 

• The representation of thermal generator operating limits can impact the optimal 
level of solar resource investment. To estimate production costs and determine the 
most cost-effective combination of generating resources to meet load, some CEMs 
rely on a load duration curve-based approach, and others use a simplified, 
chronological dispatch. The latter approach can be improved by modeling generator 
commitment states as integer or binary variables, rather than continuous variables, in 
order to capture important generator characteristics such as minimum stable 
generation level and minimum up and down time. A chronological approach with 
explicit representation of generator commitment status has been shown to more 
accurately model the impacts of solar production on the cycling and ramping behavior 
of thermal (gas and coal) plants (Palmintier and Webster 2011). CEMs that do not 
model these constraints are likely to find sub-optimal generation portfolios and fail to 
represent the true impact of solar production variability on system cost, which could 
lead to over or underestimations. 

These and other modeling considerations are likely to have important impacts on the 
selection of solar resources in utility IRP processes. Building on prior analysis (Mai et al. 
2013), current work at NREL aims to more accurately quantify the impacts of these and other 
modeling approaches and assumptions on optimal solar deployment levels in utility planning 
processes (Mai et al. 2014 Forthcoming). This research is focused on identifying ways that 
commercial CEMs could be improved to more accurately represent renewable energy value 
within a utility portfolio. Specifically, near term research will use a newly developed CEM, 
NREL’s Resource Planning Model, to quantify the sensitivity of optimal solar deployment to 
different methods for quantifying solar capacity value, different representations of renewable 
development in neighboring utilities’ jurisdictions, and different methods for modeling 
thermal generation and transmission constraints. Preliminary findings using Colorado-area 
utilities as an example are expected to be published in early 2014.32 

                                                 
32 For more information on this ongoing work, please contact Trieu Mai (Trieu.Mai@nrel.gov). 
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4.2.13 Summary of Solar Supply Planning Challenges and Solutions 
Table 5 summarizes the challenges utility interviewees identified for incorporating solar PV 
into utility supply planning, as well as some potential solutions. While this is not 
comprehensive, this information may advance the discussion of how to better represent solar 
energy in utility supply planning. 

Table 5. Challenges and Utility-Identified Best-Practices for Incorporating Solar Into Utility 
Supply Planning, Based on Utility Interviews 

Main 
Challenge Challenge Details Potential Solutions 

Future Solar 
PV Price 
Uncertainty 

What is a credible estimate of future 
solar PV prices? Or a range of 
predictions? 

Gather and review reputable data sources, many of which 
are publicly available. Compare a wide variety of public 
historical costs and predictions of solar (and other 
renewable) costs. 

Solar PV 
Technology 
Characteristics 

How should I value solar capacity, if 
at all? 

Utilities that have studied the value of solar capacity tend 
to assign some value through solar-specific analysis. 
Study the capacity value of solar specific to your location, 
technology and utility system. Consider tracking, as it may 
reduce the system peak shift into the early evening. 

How concerned should I be that solar 
PV output can vary greatly? 

Dispersal of solar PV over a wide geographic area can 
diversify output and create overall greater certainty in total 
solar output.  

Risk and 
Uncertainty – 
Limitations of 
Scenario 
Planning 

Scenario planning may not address 
full range of risk, uncertainty, and the 
full range of interactions between the 
supply, demand and flexibility 
technology options available today. 

Develop more comprehensive and more inclusive risk 
analysis to address today’s complex electricity market and 
technology options.  

Modeling 
Commercially available models don’t 
keep up with or include technology 
innovations; software is sometimes 
less than ideal. 

Explore and compare software options – it would be 
particularly helpful for a third party to compare the 
software available today (to available packages as well as 
upgrades). Optimize wind and solar modeling inputs and 
move away from simplifications. 

 Integration at the sub-hourly level is 
challenging using today’s models. 

Test 5-minute intervals for 1 or 2 key months instead of 
the entire analysis period. To improve PVRR, include 
additional operating reserves in hourly modeling. 

Customer-
Sited PV 

Load assumptions drive scenario 
results. 

Treat both DG and EE as resources instead of as net load 

 Uncertainty of how DG impacts the 
distribution system. 

Perform analysis to understand when and how DG needs 
to be included (perhaps through a third party). Begin to 
model on-site generation as its own resource to see 
impact on distribution. 

 Desire to avoid a rate increase. 
Consider alternative rate mechanisms, including solar 
tariff rates (utility collects for services and self-generators 
get payment for their full benefits).  

Link Solar 
Supply 
Planning to 
Other Utility 
Planning and 
Operations  

Resource RFPs are not always linked 
to supply planning. 

Go beyond mark-to-market solar database; consider 
modeling RFP finalists to understand their value in today’s 
system; also coordinate with supply planners to include 
specific RFP criteria in procurement. 

Transmission planning and decisions 
are not always linked to supply 
planning. 

Simultaneously examine optimal generation and 
transmission planning through combined analysis. 

Low/No Load 
Growth 

Load growth has slowed or halted 
and utilities have more generating 
capacity than they need. 

Analyze the full suite of potential supply and demand 
technologies available for replacing retiring plants, 
compared to environmental control retrofits. Better 
understand options to meet future resource needs. 
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5 Utility-Identified Analysis Needs 
Solar generation is becoming a viable resource for inclusion in IRP/long-term planning 
analytics across the country. In some regions solar generation already competes from a cost 
perspective, while in other states and regions, RPS requirements may still drive solar 
adoption. Through utility discussions, the authors identified several areas that warrant further 
consideration and research to better understand the impact of solar on local and regional 
utility operations, and how it can be optimized to best support the resiliency of the electric 
grid. These include: 

• Credible PV price and performance data – Identify and gather PV price and 
performance data. Utilities could consider centralizing the data into a database with a 
trusted third-party, who could aggregate the information so the breadth and depth of 
the data can be shared between utilities, without specific project or utility identifiers. 

• Analysis of how to incorporate geographically diversified resources into 
modeling – Utilities today typically allow their CEM to consider a standard size 
(MW) for each potential resource it may select (i.e., a 50-MW solar generator, or a 
110-MW combustion turbine).  

Solar is unique in that its footprint is scalable to any size requirement and can be 
integrated across a large geographic region. Rather than installing a static 50-MW 
solar farm at one location, a utility could choose instead a set of ten 5-MW solar 
farms spread out across its service territory. This approach is not typically used in IRP 
processes today, but further analysis could explore the possibilities and explain the 
modeling implications. Question for investigation could include – what size makes 
sense for these smaller farms? Where could they be realistically located? And how 
does spreading them out impact local and overall system operation? 

These smaller systems would be easier to interconnect (due to the fact that they could 
tie in at lower voltages), and the variable and intra-minute fluctuations (i.e., quick 
ramping) due to cloud cover and other weather events could be smoothed. Staggering 
systems from east to west in a service territory could stagger ramping up and down 
across the aggregate production. Such an approach, while not currently implemented 
in IRPs today, may be viable and provide a glimpse into how solar can be optimized 
in the future. Additional analysis to explore different configurations of smaller solar 
farms could be informative to utility decision-makers. 

• Analysis of the potential relationship between energy storage and PV – Energy 
storage applications are an intriguing match for solar generation. Although storage is 
less important at current low penetrations, at high penetrations storage could be useful 
in smoothing fluctuations in solar production, or as a method to provide firm output 
across the system peak. Storage may be particularly helpful for distributed 
applications, to help address potential islanding due to high percentages of distributed 
solar on a particular feeder. There are several pilot projects that tie solar and energy 
storage together, but to date there has not been long-term analysis of efforts to bundle 
these technologies.  

The primary roadblocks to incorporating energy storage are its high cost to deploy 
and uncertainty in how to value the resources it can provide. Unlike solar generation 
(or any fossil-fuel resource), energy storage does not actually generate power; rather, 
it stores it, presumably from a less expensive time to a more expensive (peak) time. 
This arbitrage by itself is difficult to cost justify because of the inherent losses in 
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storing energy. Pairing storage with solar generation to increase its capacity value and 
providing both smoothing and firming services may create sufficient justification for 
deploying energy storage resources.  

Current analysis explores some key aspects of energy storage including operational 
benefits (Denholm et al. 2013), market and policy barriers (Sioshani et al. 2012), high 
penetration of renewables in combination with storage (Augustine et al. 2012 and 
Denholm and Hand 2011), and ways that storage can reduce renewable energy 
curtailment (Denholm 2012). More analysis on the benefits and different 
configurations of solar and energy storage could inform ways to consider specific 
storage-PV combinations, and their direct impact on utility operations. 

• Easier ways to predict impacts of increased PV penetration – In Figure 13, 
varying levels of PV penetration were shown with their relative impact on a utility’s 
peak load day. The higher the penetration, the less its incremental capacity will be 
able to contribute to meeting the utility’s peak demand.33  Currently, CEM software 
tools appear unable to model this dynamic impact to capacity values.  

High penetration of PV and renewables has been analyzed, including large-scale solar 
deployment (Drury et al. 2012) and technologies that enable high wind and solar 
penetration (Denholm 2011). Including these capabilities and modeling the 
interactions more closely could allow for a more robust picture of system interactions 
at higher levels of solar penetration. 

• Better risk/uncertainty analysis methods (beyond scenario planning) –  Examine 
and consider performing more comprehensive risk analyses as part of long-term 
planning, because scenario planning is not capable of investigating the full range of 
technologies available in order to identify the optimal portfolio. Using an advanced 
risk analysis method (e.g. Monte Carlo), correlate key variables (load growth, natural 
gas prices, carbon costs, renewable energy technology prices, installed capacity costs, 
etc.) so that if one is varies, the rest move in a logical fashion. 

• Improved commercial production cost models –Include technologies in analysis 
that are not currently available or poorly represented in commercially available 
models. 

Today’s PCMs are only capable of doing a resource dispatch hourly. However, solar 
output may fluctuate enough within the hour from cloud cover and other weather 
events to create operational impacts that are not currently captured. Several utilities 
mentioned a desire to be able to model the variability of solar (and other variable 
renewables such as wind) on an intra-hour basis.  

Intra-hour cost modeling is not currently done because running PCMs on any time 
scale less than an hour would require massive amounts of computing power, or slow 
the model run time such that analysis would take significantly longer timeframes. As 
explained in Section 4.2.6, this timeframe could be run for a few key months, or for a 
few representative weeks each month. This level of analysis may be sufficient to 
reveal the implications of solar production variances and the level of flexible quick-
start generators required. In addition, improvements in PCMs themselves (i.e. 
decreased run-times) or using faster, more powerful computers (i.e., high performance 
computing centers) could address these issues so intra-hour solar could be modeled 
more easily. 

                                                 
33 For additional information on this decreasing capacity value, please see: Perez et al. 2006. 
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• Translate distribution system impacts to long-term plans – Much discussion has 
occurred in recent years regarding the true value and cost of solar generation, 
particularly as it relates to the distribution grid. Solar advocates believe that system 
upgrades can be deferred and asset lives extended due to solar being located on local 
feeders. Utilities are more skeptical and see the potential need for significant system 
upgrades in the future because the existing distribution system was not designed for 
bi-directional flow. While IRPs do not often address long-term distribution system 
planning, effects on distribution system values and costs could become important for 
incorporation, particularly as NEM expands across the country. 

• Clarity about when to include distributed generation in supply modeling – PV 
systems are often tied in behind a customer’s meter. As such, these systems can be 
modeled in an IRP as a net load impact that highlights reduced retail sales in the 
future, or as a stand-alone resource. The method used impacts the PVRR on a per 
kWh basis for all customers. Utilities may want to consider examining the tipping 
point to determine when DG should be included in supply modeling, as well as 
looking at DG as both a net load and as a resource to quantify the difference in 
revenue required per kWh. With this information, any differences that exist can be 
discussed as part of a broader long-term planning stakeholder initiative. 

  



46 

This report is available at no cost from the National Renewable Energy Laboratory at www.nrel.gov/publications. 

Glossary 
avoided cost The incremental costs of electric energy or other services, if a utility did not 

purchase from the existing power seller; the focus is on the cost of 
alternatives available to the buyer/utility.34 

azimuth The angle between the north direction and the projection of the surface 
normal into the horizontal plane; measured clockwise from north.35 More 
simply stated it is the angle between due north (0 degrees) and the direction 
from which the sunlight is coming. On the equinoxes, the sun rises at due 
east with an azimuth of 90 degrees, and sets at due west with an azimuth of 
270 degrees. At solar noon in the northern hemisphere, the azimuth angle is 
180 degrees. 

baseload generation Electric generating facilities within a utility system that are operated to the 
greatest extent possible to maximize system mechanical and thermal 
efficiency and minimize system operating costs.36  Baseload generation 
typically has annual load factors that exceed 75%. Examples include coal-
fired, natural gas combined cycle, nuclear, very large, damned hydroelectric 
(i.e. not run of river), geothermal and biomass.37 

capacity expansion 
model (CEM) 

A computer software tool used in resource planning to determine potential 
expansion of electricity generation, storage and transmission systems over 
several decades. The model chooses the cost-optimal mix of technologies 
that meet reserve requirements, technology-specific resource constraints 
and policy constraints.38 Results are used to generate plans for electricity 
capacity additions or energy purchases, and are tested in production 
simulation models to determine the final cost and emissions outputs. Inputs 
to the model include variables such as existing generating assets and 
purchased power contracts, potential resources, load growth assumptions, 
fuel cost curves, capital and operations/maintenance expenses.  
 

capacity factor (CF) The ratio of actual energy produced by an energy generating unit or system 
in a given period, to the hypothetical maximum possible (i.e. energy 
produced from continuous operation at full rated power).39 

capacity value The value assigned to a generating facility, based on the extent to which the 
facility can help reliably serve load.40 In this report, we use capacity value in 
the sense used by resource planners (expressed as a percentage of 
maximum generating capacity), rather than the monetary or market value 
assigned to the capacity. 

derate factor (DC/AC) A number accounting for the loss of power in the conversion from DC to AC 
power. The overall derate factor for a system is the product of the derate 
factors for the components of the system.  

distributed 
generation (DG) 

Generation located on a utility distribution system, typically at or near the 
load. For purposes of this report, DG is often intended to mean customer-
sited PV. 

                                                 
34 Adapted from EEI’s Glossary of Electric Industry Terms, 
http://www.eei.org/resourcesandmedia/products/glossry_electerm/Pages/default.aspx 
35 Quoted from: http://www.solarbuzz.com/resources/glossary 
36 Quoted from EEI’s Glossary of Electric Industry Terms, 
http://www.eei.org/resourcesandmedia/products/glossry_electerm/Pages/default.aspx 
37 Adapted from http://www.renewableenergyworld.com/rea/news/article/2009/10/how-to-compare-power-
generation-choices 
38 Quoted from NREL’s Energy Analysis description of the Regional Energy Deployment System model 
(ReEDS), http://www.nrel.gov/analysis/reeds/description.html 
39 Quoted from OpenEI: http://en.openei.org/wiki/Definition:Capacity_factor 
40 Adapted from http://www.ise.osu.edu/isefaculty/sioshansi/papers/pv_cv.pdf  

http://www.eei.org/resourcesandmedia/products/glossry_electerm/Pages/default.aspx
http://www.renewableenergyworld.com/rea/news/article/2009/10/how-to-compare-power-generation-choices
http://www.renewableenergyworld.com/rea/news/article/2009/10/how-to-compare-power-generation-choices
http://www.nrel.gov/analysis/reeds/description.html
http://www.ise.osu.edu/isefaculty/sioshansi/papers/pv_cv.pdf
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Effective Load-
Carrying Capability 
(ELCC) 

The ability of a power generator to support additional peak load without 
reducing the reliability of the electrical system (in terms of loss of load 
probability or loss of load expectation). The amount of ELCC for a particular 
generator  is calculated by determining the amount of existing supply 
capacity that can displaced by the source while serving the same load 
profile and maintaining the reliability of the electrical system. 

energy storage Devices or technologies that can store electrical energy so that it can be 
used to meet demand at a later time.41 Adding an energy storage system to 
a solar photovoltaic system allows the solar energy to be used when the sun 
is not shining. This expands the flexibility of the photovoltaic system. 

greenhouse gases 
(GHG) 

Gases that trap heat in the atmosphere.42 Specifically, they absorb and emit 
infrared radiation and contribute, either directly or indirectly, to the process 
of absorption and re-dispersion of thermal radiation coming from a planet’s 
surface (the greenhouse effect). Greenhouse gases include water vapor, 
carbon dioxide, methane, nitrous oxide, ozone and chlorofluorocarbons 
(CFCs). 

grid parity The point where the cost of alternative energy sources equals the cost of 
electricity purchased from the grid.43 

heat rate A common measure of the efficiency of a steam power plant. The amount of 
energy input to an electric generator to generate one kilo-watt hour of 
electricity generated; typically represented in Btu/kWh.44  

integrated resource 
plan (IRP) 

A plan developed by an electric power provider, sometimes required by a 
public regulatory commission or agency, that defines the short and long term 
capacity additions (supply side) and demand side management programs 
that it will undertake to meet projected energy demands.45 

integrated resource 
planning (or 
resource planning) 

The process of developing an integrated resource plan. 

intermediate 
generation (load-
following power 
plants) 

Power-generating equipment that can vary its level of output (generation) in 
response to changes in electricity demand. Normally operated on a daily 
cycle to serve on-peak loads during the day but not off-peak loads during 
nights and weekends.46 Typically, these plants have annual load factors 
ranging from 40% - 60%. Examples include smaller coal-fired power plants, 
natural gas combined cycle plants, most hydroelectric (when the weather 
cooperates), and in the future, offshore wind power, concentrated solar 
power, thermal solar power and wave energy.47 

load duration curve A graph that illustrates the average (or peak) hourly load, from highest to 
lowest, sorted in decreasing order for all 8,760 hours per year.48 The area 
under the load duration curve represents the total demand for the period of 
time. Load Duration Curves are used in capacity planning. 

Monte Carlo A problem solving technique used to approximate the probability of certain 
outcomes by running multiple trial runs, called simulations, using random 
variables.49 A class of computational algorithms that use repeated random 
sampling, by running simulations many times over, in order to compute the 
probability of an occurrence; especially useful for simulating systems with 
many variables, or coupled degrees of freedom with significant 
uncertainty.50   

                                                 
41 Adapted from http://energy.gov/oe/technology-development/energy-storage 
42 Quoted from U.S. Environmental Protection Agency: 
http://www.epa.gov/climatechange/ghgemissions/gases.html 
43 Adapted from NREL: http://www.nrel.gov/docs/fy12osti/54527.pdf  
44 Adapted from: http://www.eia.gov/tools/faqs/faq.cfm?id=107&t=3 
45 Quoted from http://www1.eere.energy.gov/tribalenergy/guide/glossary.html  
46 Quoted from http://www.risk.net/energy-risk/glossary/2040393/intermediate-generation-cycling-generation 
47 Adapted from http://www.renewableenergyworld.com/rea/news/article/2009/10/how-to-compare-power-
generation-choices 
48 Adapted from RMI: http://www.rmi.org/RFGraph-load_duration_curve 
49 Quoted from Investopedia: http://www.investopedia.com/terms/m/montecarlosimulation.asp 
50 Adapted from Wikipedia: http://en.wikipedia.org/wiki/Monte_Carlo_method 
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net dependable 
capacity 

The maximum amount of electricity that a generating system or facility can 
reliably produce during the most restrictive seasonal conditions, minus the 
amount of electricity that is consumed by the facility itself, if any.  

net energy metering 
(NEM) 

A policy that allows a customer to receive a financial credit from the utility for 
power generated by their distributed energy system that is fed onto the 
electricity grid (net, or after most is used on-site by the customer, behind the 
meter). The credit is used to offset the customer's electricity bill and rules 
vary by jurisdiction.  

peaking generation Generation from power plants that normally operate to serve loads during 
peak load times or during system emergencies, and that operate at very low 
annual load factors (5%-15%). Examples include natural gas combustion 
turbine, and simple cycle turbine (natural gas- or oil-fueled).51 

peak demand/peak 
load 

A period of time during the day, month, season or year during which the 
peak electrical demand/load/use occurs on the electric system. In warm 
climates, the peak electrical use may occur in the summer, when there is 
high demand for electricity to run air conditioning. In cold climates, the peak 
demand may occur during winter when there is high demand for heating. 

planning horizon The period of time (in years) that a planning process covers.  

(generation) portfolio The collection of energy generation assets (power plants or purchased 
energy) available (or planned) to be used by a utility to meet the load. 

present value The current worth of a cash flow, after considering interest. Future value 
becomes present value through the process of discounting.52 

Present Value of 
Revenue 
Requirements 
(PVRR) 

A dollar amount that represents the total annual revenue, discounted to 
present dollars at the time of calculation that a utility must collect from 
customers to pay all costs and expenses including a reasonable return on 
investment.53 

production cost 
modeling (PCM) 

Production cost modeling simulates hourly electric generation dispatch over 
the entire planning horizon. Production costing models are used extensively 
in the electric power industry to forecast the expected amount of electricity 
produced by different power generation units and the expected cost of 
producing that electricity for a given power generation system.54 The models 
can be used to forecast the expected amount of electricity production and to 
perform sensitivity analyses that account for the expected variation of load 
over time and the expected availability of generating facilities and, often 
times, transmission and distribution capacity, while accounting for 
uncertainties (e.g. fuel price, seasonal variations). 

Power Purchase 
Agreement (PPA) 

A legal contract between an electricity generator and a power purchaser for 
the sale of energy, capacity and/or ancillary services. The contract includes 
all the terms of the sale and often serves to determine the credit quality of 
the generating project by financers.55 

renewable energy 
certificate 

The property rights to the environmental, social, and other non-power 
qualities of renewable electricity generation. A REC, and its associated 
attributes and benefits, can be sold separately from the underlying physical 
electricity associated with a renewable-based generation source.56 

renewable portfolio 
standard (RPS) 

A legislated mandate for utilities to generate or purchase a portion (generally 
expressed as a percentage) of electricity sold from certain renewable 
generating sources, such as wind, solar, geothermal, biomass and biogas.  

                                                 
51 Adapted from Adopted from http://www.renewableenergyworld.com/rea/news/article/2009/10/how-to-
compare-power-generation-choices 
52 Quoted from: http://www.eei.org/resourcesandmedia/products/glossry_electerm/Pages/default.aspx 
53 Adapted from Pennsylvania code: http://www.pacode.com/secure/data/052/chapter57/subchapktoc.html 
54 Quoted from ERCOT: 
http://www.ercot.com/content/meetings/lts/keydocs/2011/0110/Production_Cost_Modeling_Presentation_10JA
N2011.pdf 
55 Adapted from: http://en.wikipedia.org/wiki/Power_Purchase_Agreement 
56 Quoted from the EPA: http://www.epa.gov/greenpower/gpmarket/rec.htm 
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resource mix The different types of generating facilities that contribute to meeting the load 
of an electric system within a defined area. 

solar renewable 
energy credit (SREC) 

A Renewable Energy Credit generated by a solar generating system, which 
indicates the production of a unit of solar energy. SRECs are tradable within 
some U.S states and regions that have Renewable Portfolio Standards, or 
voluntary green power markets.  

typical 
meteorological year 
(TMY) 

A set of hourly weather data for a particular location over a period of a year 
that represent a typical year and are consistent with the long-term averages. 
TMY files capture typical conditions for your location of interest and are 
available in TMY2 (most current 30 years) or TMY3 (most current 7, 10, or 
15 years) constructs.57 The data (which include temperature, solar radiation 
and precipitation) are often used for conducting simulations to facilitate the 
design and location of solar energy systems. 

weather 
normalization 

An adjustment methodology that accounts for weather. Normalization allows 
for the comparison of energy consumption between different periods of time 
or geographic locations that have different weather conditions by factoring 
out aberrations or unusual occurrences (e.g. variables such as higher than 
or lower than normal outside air temperature). 

 
  

                                                 
57 Quoted from Weather Analytics: http://www.weatheranalytics.com/weather-products/simulation-and-
modeling/tmy-files/ 
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Appendix A – Tennessee Valley Authority Case 
Study 

I. Who is TVA? 
The Tennessee Valley Authority (TVA) is the largest publicly owned electric utility in the 
United States. It is a federal corporation that was created in 1933 by Congress as part of the 
New Deal to help move the country out of the Great Depression.  

TVA is the primary electricity provider in Tennessee and also covers areas of Mississippi, 
Alabama, Georgia, North Carolina, Kentucky, and Virginia. The company works with 155 
municipal and cooperative distributors that resell over 80% of the TVA-generated power to 
their consumers. The remainder of the TVA power is sold directly to 51 large industrial 
customers and six federal installations. Besides power production, TVA provides navigation, 
flood control, and land management services for the Tennessee River system.  

TVA is a self-regulated utility and is not subject to oversight by any state public service 
commissions, as are other regulated utilities. This means that state-level policies do not apply 
to the area within the TVA district and TVA is not required to produce an Integrated 
Resource Plan (IRP).  

The company’s 2011 IRP, TVA’s Environmental and Energy Future, was the result of over 
30 months of effort and was the first IRP TVA had completed since 1995. TVA was under no 
obligation to update the 1995 plan, but by 2008 it was clear that the time had come to 
reconsider the future. TVA staff redesigned the way the IRP would be developed, driven by a 
strong desire to improve the methodology for considering and planning for a variety of 
alternative futures. The resulting methodology and product highlighted here is an example of 
a thoughtful IRP process with clearly presented results. 

II. Envisioning the Future: Developing the TVA Scenarios 
As TVA approached the task of producing a new IRP, staff from across the company were 
brought together to brainstorm the attributes of all possible futures and describe these future 
worlds. Once the most likely futures had been agreed upon, they were presented to 
stakeholders using storyboards. After stakeholder vetting, the plausible futures were passed 
on to planning modelers for transformation into individual scenarios through the 
identification of appropriate assumptions and constraints. This initial phase of 
conceptualizing the scenarios and modeling the parameters to match those “futures” was a 
time-consuming step. In fact, it was so critical that it is now incorporated into TVA’s annual 
planning process.  

For their 2011 IRP, TVA developed eight future scenarios: 
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• Dramatic Economic Recovery 
• Environmental Focus as a National Priority 
• Prolonged Economic Malaise 
• Game-Changing Technology 
• Focus on Energy Independence 
• Carbon Regulation Creates Economic Downturn 
• Reference Case: Spring 2010 
• Revised Reference Case: Great Recession Impacts Recovery 
These scenarios were based on distinct visions of the future that were vetted in collaboration 
with stakeholders. For each scenario, uncertainty values were identified (e.g. commodity prices, 
environmental regulations, etc.) and then used as attributes to describe each future. Forecasts for 
each attribute were developed, discussed with internal and external stakeholders, and compared 
across scenarios to ensure reasonableness. A review of the scenario definitions after completion 
of the study made it apparent that some of the scenarios were similar in many respects; that is, 
some attribute values did not show significant variations across the scenarios. Over time, TVA 
has realized the importance of ensuring that each imagined future is both distinct and credible. 
Making sure that each scenario is sufficiently different and likely to occur avoids wasting time 
and resources on duplicative efforts and far-fetched notions. For example, there is little need to 
consider a future with 2% load growth if there is little expectation that this future will occur.  

In their upcoming IRP,58 TVA plans to reduce the number of scenarios, perhaps by half. To 
accomplish this goal, the 2015 IRP will focus on more distinct futures based on key uncertainties 
of particular interest to stakeholders. This approach aims to satisfy specific cases of interest to a 
wide variety of stakeholders (e.g., assumptions regarding penetration of distributed generating 
resources). TVA anticipates that stakeholder involvement in the creation of these scenarios will 
improve understanding and buy-in during the more complex modeling phase.  

III. Developing the TVA Strategies 
Once scenarios were finalized, strategies that represented potential business decisions and 
portfolio choices that TVA could control were developed. First, key components of the strategies 
were defined, such as the types of generation technologies from which TVA could select and the 
development of new transmission infrastructure. Company management and stakeholders were 
consulted during this phase, to identify what business strategies they were willing to consider. If 
management were not on-board with a particular component, such as the accelerated 
development of nuclear, there would be no need to consider it.  

Next, development of the strategies was accomplished by combining variations of the key 
components. A total of nine key components (or attributes) were selected, with input from public 
scoping efforts. These key components included four model inputs and four model constraints: 

                                                 
58 In general, as long as the long-term plan remains in line with the outcomes of the annual planning cycle, TVA 
does not deem it necessary to update the IRP. Although originally scheduled to begin in 2015, TVA will begin 
updating the IRP in late 2013, with a completion date of 2015. This effort is in direct response to stakeholder 
requests to review the company’s plans in light of changing natural gas prices and other key uncertainties. The 
company has already begun to reach out to stakeholders, including the solar industry, to continue to improve the 
methods through which solar can best be considered within the IRP process. 
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• The level of the energy efficiency and demand response included in each strategy 
• The amount of renewable resources input in each strategy 
• The schedule for coal-fired idling to be tested 
• The option of including a pumped-storage unit 
• Constraints on the addition of new nuclear capacity 
• Constraints on technology and timing of new coal facilities 
• Constraints on gas-fired unit expansions 
• Constraints on the type and level of transmission infrastructure to support the resource 

options in each strategy. 

Through the consideration of these key components, five business strategies, represented by 
different resource portfolios for the future, were developed:  

1. Limited change in current resource portfolio 
2. Baseline plan resource portfolio 
3. Diversity-focused resource portfolio 
4. Nuclear-focused resource portfolio 
5. Energy efficiency/demand response-focused resource portfolio. 

The strategies were differentiated from each other by the extent to which each key component 
was included in the strategy. That is, each key component was assigned a numerical boundary or 
range for each strategy (e.g., the Energy Efficiency and Renewable Focused strategy included the 
addition of 5,100 MW of renewables by 2020). In response to stakeholder comments, the target 
ranges for energy efficiency, demand response, and renewable energy were increased in the 
strategies during the strategy development process.  

The attributes of the five strategies were used as modeling inputs to create optimized generation 
portfolios. First, an optimized capacity expansion plan was generated using Ventyx’s System 
Optimizer tool, which minimizes the PVRR for each portfolio. The resulting portfolios were then 
evaluated using an hourly production cost model with stochastics, Ventyx’s Strategic Planning 
Model (MIDAS). The model determined the range of plan costs based on Monte Carlo modeling 
of thirteen key variables that account for commodity prices, financial variables, operating costs, 
dispatching costs, and load forecast uncertainties. These variables differ from the key attributes 
(described above) in that the variables are not business decisions, but variables that are not in the 
utility’s control. 

The total PVRR for each resource plan was calculated by using the random set of uncertainty 
variables drawn for stochastic iteration. The mean value across the plan cost distribution from 
the set of iterations was used as the reported plan cost of each strategy in a particular scenario.  

One portfolio was generated for each of five planning strategies associated with each of the six 
future scenarios during the draft phase of the IRP study. In addition, there was a portfolio for 
each of the five strategies associated with the Reference Case. This resulted in a total of 35 
portfolios. Each portfolio represented a 20-year plan for capacity expansion.  
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IV. Selecting Preferred Strategies 
To evaluate the 35 portfolios, TVA (with input from stakeholders) created a scorecard. The goal 
was to identify trends or common characteristics that could lead to the most desirable 
outcomes.59 The scorecard organized and communicated the evaluation process, which involved 
scoring each of the five strategies on its cost, risk, environmental impacts, and other strategic 
metrics.60 The scoring process was subject to public comment, during which there were 
discussions of the trade-offs, constraints and compromises. These discussions, as well as a 
sensitivity analysis to identify top performing strategies were used to refine the evaluation results 
during the final phase of the IRP.  

The results of this scoring process, as well as a narrative explaining the technology investments 
associated with each strategy, were included in a draft IRP study report. The report was released 
for public comment consistent with the requirements of the National Environmental Policy Act 
(NEPA). A companion Environmental Impact Study (EIS) report was also issued with the draft 
IRP results. Based on public comment and stakeholder input, adjustments were made to the 
assumptions and the strategies following the release of the draft findings. During the final phase 
of the IRP, additional modeling and analysis was completed and led to the development of a 
Recommended Planning Direction, which consisted of guideline ranges for key components of 
the resource plan that performed well across most scenarios. This Recommended Planning 
Direction was submitted to the TVA Board of Directors and was adopted in April 2011.The final 
IRP defined TVA’s short- and long-term strategic direction and identified short-term actions.  

V. Involvement and Role of Distribution Companies 
In the years leading up to 2008, the 155 distributors of TVA contemplated separating from TVA. 
As a result, there was not significant involvement of individual distribution companies during the 
initial stages of the IRP process. However, the association that represents the distributors, The 
Tennessee Valley Public Power Association (TVPPA), did participate as a stakeholder during the 
IRP process.  

Today, there is more direct collaboration with the 155 distributors, and while they are not closely 
involved in the IRP, they do have involvement primarily through various committees of TVPPA. 
There is a wide variety of levels of experience and interest in capacity expansion planning 
amongst the distributors, with some having little knowledge or interest in the details of new 
capacity needs or construction. The fuel source and technology by which the electricity they 
distribute is produced has, to date, not been an expressed as the overriding concern, and 
distributors are more adamant that the cost of power from TVA remains as low as possible.  

The distribution companies are, however, the ultimate implementers of all distributed generation 
programs (such as distributed solar or energy efficiency and demand response products), and 
therefore need to understand the benefits and challenges of distributed generation on their 
system. Likewise, TVA needs to know which distributors will be offering distributed generation 
programs to their customers and the extent of the customer-interest, in order to estimate the role 
that distributed generation will play in meeting future load and its effect on future transmission 
                                                 
59 Determining which outcomes were the most desirable (i.e. what were the indicators of a successful portfolio) was 
challenging but critical.  
60 See TVA 2011 IRP, Chapter 6, pages 103-1 for details on the scorecard evaluation. 
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system needs. In some cases, the distribution companies have expressed some reluctance to share 
information regarding customer involvement in distributed generation with TVA. 

The uncertainties associated with the TVA relationship to its distributors, including the potential 
of separation and the imperfect information regarding future involvement in efficiency, demand 
response, and distributed generation programs, introduces an element of risk into the TVA 
capacity planning process. If communication surrounding these uncertainties remains unchanged, 
this risk will increase with rising penetration of distributed generation on the system. Currently, 
TVA planners assume an overall level of DG penetration and adoption across the TVA territory; 
however, a methodology that includes sub-region-specific DG penetration curves may be 
necessary in the future. 

VI. Renewable Energy and Energy Efficiency Program 
Considerations 

For the 2011 IRP, a fixed portfolio for renewable energy and energy efficiency was created 
outside of the capacity planning model and input as must-take transactions. These portfolios 
were designed using standard cost-effectiveness tests and other techniques and during the IRP 
were tested to confirm overall benefit, although individual components of the defined portfolios 
were not optimized directly in the models. The renewable energy portfolios were pre-selected 
based on a determination of future markets and the availability of supply. In its upcoming IRP, 
TVA wants to allow the model to select the renewable energy portfolio from a variety of options 
based on current market and resource data. This will result in more optimized renewable energy 
costs and production profiles. A similar approach to energy efficiency resource selection is also 
planned for the next IRP, based on direct optimization of small blocks of efficiency based on 
end-use or customer segment groups. 

VII. Conclusion 
TVA executed a thorough resource planning process that includes significant and meaningful 
stakeholder involvement, and culminates in a clearly written Integrated Resource Plan. TVA 
dedicates significant resources to informing, surveying and responding to stakeholders through 
all phases of the planning process, from scenario formulation to portfolio selection. The TVA 
IRP explains this process; results are well-organized and clearly written and thus are accessible 
to all stakeholders. 
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Appendix B – Select Utility Questionnaire Responses 
 

1. What is your integrated resource planning horizon?  

 

Total number of responses: 22  

2. What is the average annual consumption growth percentage for your planning 
horizon, net of any energy efficiency or customer-sited generation impacts? 

 

Total number of responses: 22   
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3. How is distributed, net metered solar (behind the meter) incorporated into the 
modeling? 

 

Total number of responses: 22 
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4. (a) Does your utility incorporate long-term transmission system planning into its 
resource planning process? 

 

Total number of responses: 22 
 

(b) Does your utility incorporate long-term distribution system planning into its 
resource planning process? 

 

Total number of responses: 22 
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5. (a) What capacity expansion model software does your utility utilize? (ex. Strategist) 

 

Other: Plexos, Aurora, P&R CapEx, EGEAS, Outsource to 3rd party 
 

Total response count:  21 

 
(b) What production cost modeling software system does your utility use? (ex. PROMOD) 

 

Other: Plexos, Aurora, Ascend Analytics PowerSimm, Market Analytics, RTSim, MIDAS 
 

Total number of responses: 21 
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6. (a) What type of risk analytics does your company perform? 
 

 

Total number of responses: 21 

(b) Which variables do you stress? 

 

Total number of responses: 21 
 

Other or additional comments: 
• We vary hydro output 
• Stochastic modeling stresses: load, gas prices, power prices, and outages 
• Energy efficiency is a single-variable sensitivity; the other items are stressed 

stochastically. The other item stressed in the risk analysis is the market price for 
electricity 

• Other commodity prices, financial parameters, O&M costs, availability 
• Sensitivities are run around multiple variables. 
• fuel consumption, fuel costs, as-available energy purchases, as-available energy 

curtailment, capital cost for new generation, independent power producer payments/costs 
• High/Low Distributed Generation 
• EE Costs, Inflation 
• Fuel consumption, fuel costs, as-available energy purchases, as-available energy 

curtailment, capital cost for new generation, independent power producer payments/costs 
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7. How do you choose solar capacity sizes for candidate portfolio evaluation? 
 

 
Total number of responses: 21 

 
Other or additional comments: 

• Solar capacity size is standard based on MWh needs (i.e., RPS MWh requirements) 
• Based on customer request 
• Sizes are based upon actual projects 
• To meet our Sustainability Targets - 20% by 2020, solar is one of many sustainable 

options that is valued 
• Policy directed from governing board 
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8. (a) What capacity values for resource adequacy purposes do you assign for each 
type of solar resource?  Note: not capacity factors 

 

  

Note: Numbers in circles represent the number of utility responses 

Total number of responses: 21 
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b) What are these capacity values based on? 
 

 
 

Total number of responses: 21 
 
Other or additional comments: 

• Regional Transmission Organization 
• We will continue to analyze PV levels of generation, PV ability to meet electricity 

demand, etc. to determine the capacity value of PV. 
• Initially RFP's. Thereafter, we gather actual solar operational production data to track 

against estimates. If needed, we will adjust our capacity values accordingly. 
 

c) What methodology was utilized to calculate the capacity value? 
 

 
Total number of responses:  PV – 21;   CSP – 18 
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9. (a) Do you incorporate an integration cost adder for solar resources? 
 

 

Total number of responses: 21 
 

(b) As solar PV is considered a non-firm resource, does your utility explicitly add a  
firming cost for valuation purposes? 

 
Total number of responses: 21 

 
If yes, please describe the methodology/approach: 

• Estimate at this point, as we have little experience. 
• Indirectly, by applying coincident capacity value 
• Cost of natural gas back up is used 
• It varies based on valuation method 
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